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Abstract 

Increasing world energy demand and depletion of conventional oil reservoirs is 

forcing scientists and industry to seek new – unconventional – sources of 

hydrocarbons. While conventional crude oil accounts for 1.0 trillion barrels, the 

amount of heavy oil and bitumen is five times larger – 5.4 trillion barrels (Herron 

2006). A huge part of these extremely high and difficult to extract hydrocarbons is 

deposited in Canada. In such heavy oil reservoirs, waterflooding has proved to be 

inefficient due to unfavourable mobility ratio between displacing and displaced 

fluids that leads to low sweep efficiency and early breakthrough. This results in 

high residual oil saturations. At the same time, in thin and shallow reservoirs, 

thermal enhanced oil recovery (EOR) methods are not economic. While 90% of 

Saskatchewan heavy oil still remains underground, there is a huge opportunity for 

development of new EOR techniques in this province. One of the proposed new 

methods is Hot Water-Alternate-CO2 technology. Alternative injection of water 

and carbon dioxide seems to give benefits of both water and gas flooding. A 

combination of hot water and CO2 injection shows good potential to improve the 

performance of current waterflooding projects in heavy oil reservoirs.  

The aim of this study was to investigate the performance of conventional EOR 

methods (i.e., continuous CO2 flooding, waterflooding, and WAG-CO2) in order to 

compare them to the newly proposed one – Hot WAG-CO2. The evaluation of 

these methods was performed based on the comparison of recovery factors (RF) 
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from each experiment. Also, the effect of the sequence of water/gas injections on 

the total RF was studied. 

Three types of sandpacks and two oil samples from Saskatchewan heavy oil fields 

were used. Permeabilities and porosities for each sand system were 32 Darcy (D), 

36%, 12 D, 38%, and 18 D, 34%. Viscosities of the oil samples were 5,712 mPa·s 

and 23,768 mPa·s at 25°C. All the floods were conducted at a pressure of 1.38 

MPa (200 psi) and ambient temperature of 23°C. The experimental procedure 

consisted of vacuuming the sandpacks, measuring porosity, water saturation, 

absolute permeability, and oil saturation, flooding, and cleaning. Produced oil was 

collected in small increments and recovery curves as a function of pore volume 

(PV) of injected fluids were built. For the hot injections, temperature was recorded 

at the inlet and the outlet of the sandpack. 

Sequence of the injection fluids turned out to have an impact on the total recovery 

factor. Gas flooding prior to the waterflood had a beneficial effect on the oil 

recovery with an average increase in RF of about 5% of original oil in place 

(OOIP). Hot WAG-CO2 showed the best results among all experiments – 

recoveries were up by at least 10 %OOIP and the gas requirement was lower. The 

highest recoveries among all WAG experiments performed were observed at a 

fluid injection temperature of 30°C, injection rate of 0.1 cm
3
/min and gas/water 

slug ratio of 1:1. 
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1. INTRODUCTION 

1.1 Background 

Although traditional waterflooding plays an important role in enhanced oil 

recovery, it has not been successful when applied to heavy oil reservoirs (Murray 

et al. 2001). Its drawbacks include unfavourable mobility ratio on the 

displacement front for highly viscous oil that leads to low sweep efficiency. In 

conjunction with strong capillary forces, the resulting residual oil saturation tends 

to remain very high. Alternative injection of water and miscible carbon dioxide 

seems to be beneficial for both water and miscible gas flooding when applied to 

light and medium oil reservoirs (Christensen et al. 2001). In the case of heavy oil 

reservoirs, available screening criteria do not recommend miscible injection of 

CO2 since it is almost impossible to achieve miscibility between heavy oil and CO2 

(Zhang et al. 2009). On the other hand, 80% of Saskatchewan heavy oil is not 

suitable for thermal recovery (i.e., steam-assisted gravity drainage (SAGD), in-situ 

combustion, etc.) due to small pay thickness, shaley sand, heterogeneity, and 

bottom water (Jha 1985). 

A theoretical study in the heavy oil field Bati Raman in Turkey (Picha 2007) 

showed that if CO2 is superheated above the reservoir temperature, the heavy oil 

viscosity is reduced and CO2 is simultaneously mixed with crude oil to some 

extent, which improves oil mobility. Calculations predict about 3% improvement 

in recovery using hot CO2 injection. The present study indicates that the 
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combination of hot waterflooding and CO2 injection has better potential to 

improve the performance of current waterflooding projects in heavy oil reservoirs. 

The main concept behind this work is that since the CO2 does not have a suitable 

heat capacity to transmit heat to the heavy oil, water, with much higher heat 

capacity compared to carbon dioxide, can carry enough heat to reduce the 

viscosity of the heavy oil. The CO2 will partially dissolve in the heavy oil to 

improve its mobility by both lowering its viscosity and swelling the oil. 

Experiments show (Wiebe and Gaddy 1940) that at lower temperatures, solubility 

of CO2 is greater than that at elevated temperatures. However, solubility is only 

one factor, and in the case of heavy oils, it might not be the dominant mechanism. 

Most researchers highlight four main mechanisms that contribute to improved oil 

recovery during CO2 injections. They are: 

 a) oil swelling,  

b) oil viscosity reduction,  

c) blowdown recovery, and  

d) increased injectivity. 

Solubility of CO2 in heavy oil is very high (DeRuiter et al. 1994). It leads to an 

increase in volume of the oil in the reservoir. From 10 to 40% volume increase is 

not uncommon for CO2 floods. This mechanism is very important, as residual oil 
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saturation is inversely proportional to the swelling factor (Klins and Farouq Ali 

1982). 

After CO2 saturates reservoir oil, significant reductions of oil viscosity occur. 

Laboratory investigations suggest that higher reductions are observed in the more 

viscous crudes (Dyer et al. 1994). Reductions of oil viscosity could lead to 

improved mobility ratio and sweep efficiency. 

The mechanism of blowdown recovery is similar to the solution gas drive. Once 

the reservoir pressure has substantially declined, gas comes out of the oil and 

drives it towards the producing wells. Additional recovery of up to 18.6 %OOIP 

can be achieved (Klins and Farouq Ali 1982). 

Mixture of water and CO2 produces a light acid. This acid tends to interact with 

reservoir rock. If it is limestone or dolomite rock, acid dissolves the formation 

matrix, resulting in a slight permeability increase. 

Among other beneficial effects of the CO2 injections are interfacial tension 

reduction and emulsification of oil (Jha 1985). 

This work aimed to investigate the performance of each of the individual and 

combined conventional oil recovery techniques (i.e., CO2 flooding, waterflooding, 

and CO2-WAG). Improvements in heavy oil recovery were achieved in the 

experiments by utilizing hot water-alternate-CO2 flooding, and the degree of 
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improvement associated with each mechanism was carefully determined and 

compared. 

1.2 Work Objectives 

The overriding objective of this work was to investigate the feasibility of hot 

water-alternate-CO2 flooding for improving current waterflooding methods. 

Specifically, the study objectives were: 

 To compare and contrast the performance of conventional continuous 

waterflooding and conventional continuous CO2 flooding for the recovery 

of heavy oil; 

 To investigate the influence of the sequence of continuous waterflood and 

carbon dioxide flood on the overall oil recovery; 

 To compare and contrast the performance of conventional water-alternate-

CO2 flood with hot water-alternate-CO2 flood for the recovery of heavy oil; 

and 

 To compare the heavy oil recovery between each of the above methods. 
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1.3 Benefits and Deliverables 

This study was focused on improving the low performance of conventional water 

flooding projects in heavy oil reservoirs of Saskatchewan. It examined the 

applicability of a technique that is believed to improve waterflooding efficiency. 

The technique proposed in this work combines the advantages of thermal and 

immiscible displacement processes in terms of hot water-alternate-CO2 flooding. 

Further studies are needed to examine all the aspects of technical and economical 

feasibility, which will contribute to building research and technical capacity in 

Saskatchewan. 

The results of this study (if implemented in the field) suggest a number of benefits 

to oil companies. The most important benefits and deliverables are highlighted as 

follows: 

 If proved successful, hot water-alternate-CO2 can be utilized in a variety of 

reservoirs in Saskatchewan; 

 This method has the potential to be an alternative solution to the other 

costly thermal operations such as SAGD; 

 The combined immiscible/thermal EOR technique can compensate for the 

drawbacks of traditional waterflooding; 

 It is anticipated that the improvement in the heavy oil recovery offered by 

hot water-alternate-CO2 flooding will compensate for the cost of heating 
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water, making it more economically feasible than SAGD or Cyclic Steam 

Stimulation (CSS) operations; and 

 This method also provides an opportunity for the operators to receive 

credits through CO2 storage (carbon credits) in heavy oil reservoirs. 
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2. LITERATURE REVIEW 

2.1 Immiscible CO2 Flooding 

Brief History 

Theoretical investigations on the application of CO2 for enhanced oil recovery 

started in the early 20
th

 century (Rogers and Grigg 2000). In the decade spanning 

1920 and 1930 papers and patents on this subject were issued, especially on 

miscible CO2 flooding. The first articles based on laboratory experiments were 

also printed at that time. In 1945, Poettman and Katz published a paper on CO2 

phase behaviour and its applicability in oil recovery (Mangalsingh and Jagai 

1996). Beeson and Ortloff (1959) published the results of their laboratory 

experiments on CO2 flooding, concluding that this technology could be used for 

enhancing heavy oil recovery. 

Pilot field applications of miscible CO2 injections were conducted in the 1950s in 

the USA. Later, immiscible CO2 flooding was also considered as a possible 

technique for recovery of heavy oil. During the early 1970s, immiscible CO2 

injections were run in several fields. All CO2-EOR projects were conducted as 

huff n' puff or continuous processes before the water-alternating with CO2 gas 

(WAG-CO2) technique was studied in the 1980s (Mangalsingh and Jagai 1996). 

Although the CO2-EOR technology is not new, there has been no wide practical 

application of it until recent decades. Currently, only a few countries are running 
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CO2-EOR projects. According to the Oil and Gas Journal 2010 Worldwide EOR 

study, the USA is the world leader (Figure 2.1) with 109 miscible projects and 5 

immiscible in 2010 (Koottungal 2010). Most of these projects are being conducted 

in the Permian Basin. In the USA, CO2 injection projects are the most widely used 

after thermal methods for recovery of light and medium oil (Christensen et al. 

2001). It is also the main recovery process in the carbonate reservoirs because CO2 

is an inexpensive and readily available natural resource in some of these regions. 

Another important factor that has an impact on the wide applicability of CO2 

recovery methods in the Permian Basin is a highly developed CO2 pipeline 

system, which was built and developed over a 30 year time period (Manrique et al. 

2010). 

Trinidad has five operational immiscible CO2 projects. Four of them are held in 

the Forest Reserve field and one in the Oropouche field. In this case, CO2 is also 

extracted from natural resources. 

There are also six CO2 projects held in Canada – Midale, Swan Hills, Weyburn 

Unit, Judy Creek, Joffre, and Pembina fields. All injection processes are based on 

miscibility of CO2 with crude oil. 

One commercial immiscible CO2 flood is held in the Bati Raman oil field in 

Turkey. Carbon dioxide for this project is delivered from the neighbouring Dodan 
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gas field. Petrobras in Brazil runs one CO2 immiscible project in Buracica field 

and two miscible projects in Rio Rojuca and Miranga fields. 

During the 1980s and 1990s in Hungary, several CO2 flooding pilot projects were 

established (Fulop et al. 1997). In the case of Budafa oil field, impure CO2 (83 

mol% CO2 in the natural gas) from a nearby reservoir was used. Incremental oil 

recovery due to the implementation of this technique was approximately 7-8% of 

original oil in place (OOIP). In the Szank oil field, pure CO2 was injected. 
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Figure 2.1—Number of running CO2-EOR projects in different countries of 

the world (as of April 2010) [after Koottungal 2010] 

  

USA (114) 

Canada (6) 

Trinidad (5) Brazil (3) Turkey (1) 
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In the Puesto Hernandez field in Argentina, immiscible CO2 injection simulations 

and laboratory tests were conducted (Brush et al. 2000). The results of this 

research indicated that application of CO2 flooding technique could prove to be 

technically and economically successful. 

Basic concepts 

A great deal of research has been completed on immiscible CO2 oil recovery 

methods. However, not all of the pilot projects and simulations have been 

converted into full-field applications. 

There are estimated to be 130 operational CO2 projects all over the world of which 

11 are based on immiscible flooding techniques (Koottungal 2010) (Figure 2.2). 

The main reasons for such a low percent of immiscible flooding projects are as 

follows: 

 It is rather unfavourable economically; 

 Often, additional CO2-injection wells need to be drilled for more reliable 

performance; and 

 For better recovery effects, immiscible CO2 flooding has to be implemented 

across the whole reservoir. 
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Figure 2.2—Miscible vs. immiscible CO2 projects in the world (total of 130) (as 

of April 2010) [after Koottungal 2010] 

 

Miscible 
(91%) 

Immiscible 
(9%) 
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The use of the immiscible CO2 method can bring a beneficial, economical effect in 

the case of reservoirs that are nearby a strong natural reservoir containing carbon 

dioxide. Capture, compression, and transportation of this “main greenhouse gas” 

causes quite limited use of anthropogenic/industrial resources. When considering 

the present situation with oil prices and CO2-emissions regulatory laws, this issue 

will likely not change in the near future. The large volumes of injected gas need to 

penetrate the whole reservoir in order to achieve good areal contact; this is why 

more CO2 injectors and a whole field-scale implementation are required to 

enhance the recovery process. 

The success of the immiscible injection mostly depends on the diffusion of the gas 

into the oil. This process is time consuming. Therefore, even multiple-contact 

miscibility is sometimes achieved earlier than immiscible CO2 treatment of the oil. 

However, in heavy oil reservoirs, immiscible CO2 flooding has a much better 

effect on recovery of oil, especially when miscibility is almost impossible because 

of high gravity and high viscosity of oil. In order to reach miscible conditions, 

CO2 injection pressure has to be higher than the minimum miscibility pressure 

(MMP). At the same time it has to be lower than the fraction pressure – the 

pressure at which hydraulically-induced fissures appear in the reservoir. 

Sometimes, it is difficult to keep the required pressure between these two limits. 

Immiscible injection is the only option for shallow wells with low reservoir 

pressures. All the aforementioned conditions, as well as many others (reservoir 
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lithology, previous recovery methods, etc.) have a huge impact on applicability of 

immiscible CO2 techniques. 

Numerous laboratory and simulation studies (Chang et al. 1998; Siregar et al. 

1999; Asghari and Torabi 2008; Srivastava et al. 1994; Hatzignatiou and Lu 1994) 

show that the application of immiscible CO2 flood mainly results in reduction of 

oil viscosity and oil swelling, which both improve the mobility of oil. Swelling 

and viscosity reduction are caused by a high solubility of CO2 in the crude oil. In 

case of heavy oils, viscosity reduction plays a significant role in the displacement 

process. Improved mobility leads to better sweep efficiency and, therefore, to 

higher recovery factors. Bargas et al. (1992) reported that oil recovery is also 

improved by reservoir pressure or temperature increase, as well as by the 

increasing number of intermediate oil components during immiscible CO2 

injections. 

One of the most important properties of carbon dioxide that influence performance 

of immiscible floods is its solubility in reservoir oil. By definition, solubility of a 

given gas is its property to dissolve in a liquid to form a homogeneous solution 

(McCain 1990). The quantity of gas dissolved in reservoir oil is also called 

solution gas-oil ratio. The volumes of gas and liquid are always referred to 

standard conditions, therefore, the solubility units are standard cubic feet per 

stock-tank barrel, scf/STB. 
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Solubility of CO2 in reservoir oil depends not only on the composition of oil, but it 

is highly influenced by ambient conditions, i.e. pressure and temperature. A 

number of investigators (DeRuiter et al. 1994; Miller and Jones 1981; Simon and 

Graue 1965) have studied the effect of pressure and temperature on different types 

of oil. All of them came to the same conclusion that CO2 solubility increases 

significantly with increasing pressure. However, carbon dioxide has limited 

solubility above the liquefaction pressure at which solubility remains constant 

regardless of the pressure applied. At the same time, temperature has an adverse 

effect on the CO2 solubility (Lake 1989; Emera and Sarma 2006). Increasing 

temperature causes slight decreases in CO2 solubility in reservoir oil. 

Taking into account effect of pressure and temperature on the CO2 solubility in oil, 

it can be concluded that the Hot WAG injections will have a dual effect on the 

recovery factors. Oil viscosity will be decreasing due to the effect of increased 

temperature, at the same time swelling factor will decrease because of the 

decreased solubility of CO2 in oil. Which of the abovementioned parameters is 

predominant during Hot WAG injections will be determined during the 

experimental part of the project. 

Field Experience 

Projects at three oil fields in different countries were studied and compared for this 

review: Wilmington Oil Field in the USA, Forest Reserve, and Oropouche Oil 

Fields in Trinidad and the Bati Raman Oil Field in Turkey. 



 

16 
 

The Wilmington Oil Field mainly consists of sandstones at depths ranging from 

700 to 1460 m (Saner and Patton 1986). The Tar Zone, where the CO2 was 

injected, is the shallowest among 19 distinct unconsolidated sand layers. Oil at this 

field is of high gravity (13-28°API) and viscosity (283 mPa·s). There have been 

two CO2 injection projects at the Wilmington Field. The first project started in 

1981 at the Fault Block III Unit. In 1982, immiscible injection started at the Fault 

Block V Unit. However, in the former, pure carbon dioxide was not injected. The 

mixture consisted of 85% of CO2 and 15% of N2 (Spivak et al. 1990). 

In this review, only the Fault Block III Unit pilot injection will be described. 

Primary recovery was followed by a 20-year period of waterflooding at this unit. 

By the end of this process, the cumulative water injection reached 3 pore volumes 

(PV), but after primary and secondary oil recovery, only 30 %OOIP had been 

extracted. Since a huge volume of oil still remained trapped in the reservoir, a 

good tertiary recovery technique was required. Different EOR methods were 

studied for tertiary recovery of the Fault Block III Unit – polymer, caustic, 

micellar, steam, and CO2 flooding. Having compared all the results of the previous 

research, it was decided to run two pilot EOR projects in the field – steam flooding 

and CO2 flooding – in order to compare the results. Prior to the pilot field 

application, laboratory experiments and single-producing-well huff n’ puff field 

simulation of immiscible CO2 injections were conducted for the Fault Block III of 

the Wilmington Oil Field. They both showed an increase in oil production due to 
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oil swelling (by 5%) and significant viscosity reduction (from 283 mPa·s to 18 

mPa·s). After the computer modeling simulations confirmed the previous 

laboratory and field results, it was decided to start the pilot gas injection in the 

Unit III. CO2 injection started in 1981 and ended in 1985 due to a large out of 

pattern leak-off. During the first 2
1
/2 years, liquid CO2 was injected, and for the 

remainder of the injection time, gaseous carbon dioxide was used. There were no 

complications during the injection of liquid CO2, as it was similar to 

waterflooding. During the “gaseous stage” apprehensions of early gas 

breakthrough did not come to pass. A small breakthrough was observed only after 

four months of continuous gaseous CO2 injection, which had not influenced the 

overall production. The production of oil increased simultaneously with the gas 

injection. However, there were some difficulties with maintaining enough 

wellhead pressure, caused by the density difference between the liquid and 

gaseous phases. However, this problem was also resolved after gas permeability in 

the injection well area had been established. In order to improve recovery, it was 

decided to implement water-alternating-gas technology. 

During the project, there was no significant impact of backpressure on oil rates. In 

some cases, increased pressure slightly diminished oil production rates, but 

because of the increase in backpressure, water production declined by almost 30%. 

Another positive aspect of this application was that the corrosion level was found 

to be minimal. 
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Unfortunately, 67% of the total amount of CO2 leaked beyond the pilot area of the 

reservoir, which made the whole project uneconomic. Although this pilot project 

failed economically, it was concluded that immiscible CO2 injection could be a 

technical success and was a good EOR technique for recovery of heavy oil at the 

Wilmington field. This could be the case especially if a CO2 recycling process and 

efficient well strategies were implemented, which could decrease operational costs 

considerably. 

In Trinidad, immiscible CO2 flooding was implemented in two oil fields – Forest 

Reserve and Oropouche (Mohammed-Singh and Singhal 2005). Three immiscible 

CO2 projects were held in the Forest Reserve field and one project in the 

Oropouche field. Depth ranged from 790 to 1280 m in these reservoirs. Viscosity 

of oil ranged from 13 to 32 mPa·s, and its gravity was found to be in the range of 

17-28°API. These four projects were conducted over a long period of time, from 

1973 until 2003. 

The first CO2 injection started in the Upper Forest sands in 1974. The project was 

initiated right after the primary recovery, which resulted in 4.9 %OOIP recovery. 

The gas injection was fairly consistent, with only a couple years of intermittent 

periods of no injection. After the last of the wells were shut-in, the project was 

ended with 7.5 %OOIP of incremental oil recovery. 
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The second CO2 project in the Lower Forest sands started in 1976. Only 17.4% of 

OOIP had been extracted after primary and secondary (water and gas injection) 

recovery. CO2 flooding resulted in additional 5.8 %OOIP recovery. 

In 1986, the third CO2 injection project started in Upper Cruse sands in the Forest 

Reserve field. After primary recovery, 21.3 %OOIP was extracted and an 

additional 20 %OOIP after gas injection. However, waterflooding, which was 

conducted after the gas injection, resulted in only 0.4% of incremental oil. At this 

point, it was decided to implement a CO2 flood. It resulted in 2.2% of incremental 

oil, which is the lowest recovery factor among all four projects held in Trinidad. 

CO2 flooding in Oropouche Field started in 1990 right after primary production, 

which resulted in a recovery of 17.9 %OOIP. The RF was 3.1%. This project did 

not yield the desired results, so it was terminated in 2000. 

In all of these projects, previous gas injectors were converted into CO2 injectors, 

where it was applicable. Corrosion level was comparatively very low and did not 

cause any problems. 

The average recovery factor in the Trinidad projects ranged between 2 and 8 

%OOIP. All four projects were more or less successful, and very valuable 

experience was achieved such as: 
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 CO2 injection can be implemented at different stages of reservoir 

exploitation – as a post-tertiary (after water and gas flood) or right after the 

primary recovery; 

 No direct correlation between CO2 injection rates and oil production was 

found, although very high injection rates caused fingering and early 

breakthrough; 

 Long period termination in CO2 production also leads to oil production 

decrease; however, short-time pauses in gas injection did not influence 

overall production; and 

 The best production rates were achieved when CO2 flooding was aided by 

appropriate water influx. 

The Bati Raman Oil Field in Turkey is the location of one of the largest 

immiscible CO2 flooding projects in the world (Karaoguz et al. 1989). Oil in this 

field is of a high gravity (between 9.7 and 15.1°API) and very viscous (450–1,000 

mPa·s) (Sahin et al. 2008). Moreover, the geological profile of the field is very 

complicated. It mostly consists of fractured limestone. In general, reservoir 

conditions are very unfavourable – weak natural energy, fractures, high level of 

heterogeneity, low amount of solution gas, etc. Primary recovery at the Bati 

Raman field started in the 1960s and resulted in extraction of only 2 %OOIP and 

huge reservoir pressure depletion. Waterflood brought only 5% of incremental 

OOIP. It was implemented only on part of the field and was soon abandoned. 
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Heterogeneity of the reservoir caused early water breakthrough. Different EOR 

techniques were suggested for improving oil recovery – steam injection, polymer 

and surfactant flooding, in-situ combustion, etc. However, due to the favourable 

location of the Dodan gas field (55 miles from Bati Raman), immiscible CO2 

injection was considered to be the best option. Gas from the Dodan field has an 

average CO2 content of 91%. Laboratory experiments showed that miscibility 

between carbon dioxide and heavy oil of the Bati Raman field was practically 

unachievable (Picha 2007). In spring of 1986, a CO2 project commenced at the 

Bati Raman reservoir. First injections were based on a cyclic, huff n’ puff 

technique. The five-spot injection pattern was implemented on a small part of the 

reservoir. At the end of 1986, the process was shifted to continuous CO2 flooding 

due to early gas breakthrough. After the first injection scenarios were evaluated, 

two main groups of injection wells occurred. The first group consisted of wells 

where increase in injection rate simultaneously caused increase in wellhead 

pressure. Wells of the other group had never shown increase in pressure, although 

the injection rates were considerably higher. This was attributed to the 

heterogeneity of the reservoir. In 1993, the whole field was under CO2 flood. Gas 

injections resulted in significant production rate increases – from 25 STB/D to 100 

STB/D (in some cases up to 300 STB/D) in 1991. Currently, the average 

production rate is 40 STB/D. 
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Different improvements were attempted to further improve recovery from the field 

– WAG, gel treatment, etc. Water-alternating-gas technology was very sensitive to 

water/gas ratios. It resulted in poor field application of this EOR method. Gel 

treatment was mainly used in order to eliminate the impact of fractures in the 

reservoir. During the last few years, a new technique was suggested for the Bati 

Raman field – hot CO2 flooding (Picha 2007). It has been theoretically proven that 

hot CO2 has a dual positive effect on oil viscosity reduction. However, special 

surface facilities are required to prevent the damaging effect of corrosion and high 

temperature. 

Although the Bati Raman project has been considered successful, oil recovery 

factor is rather low – about 10 %OOIP. Possible hot CO2 injections might show an 

increase in oil recovery by an additional 3 %OOIP. 

Basic parameters of the immiscible CO2 projects at the present time (Turkey, 

Trinidad, and Brazil) are given in the Table 2.1. Parameters of the Wilmington oil 

field (USA) and Szank oil field (Hungary) projects are also included in this table. 
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TABLE 2.1—PARAMETERS OF IMMISCIBLE CO2 PROJECTS 

 
Forest Reserve 

and Oropouche 
Wilmington Bati Raman Buracica Szank 

Location Trinidad USA Turkey Brazil Hungary 

Formation Sandstone Sandstone Carbonate Sandstone 
Metamorphite, 

Sandstone 

Startup Year 1974 1981 1986 1991 1992 

Oil Viscosity, 

cP 
13-32 283 450-1000 10.5 1.0 

Oil Gravity, 

°API 
17-29 13-28 12 35 N/A 

Previous 

Recovery 

Methods 

Natural gas 

flood and 

waterflood 

Waterflood 

Waterflood 

(part of the 

field), pilot in-

situ combustion 

(part of the 

field) 

Waterflood Waterflood 

RF After 

Previous 

methods, % 

42 30 7 N/A 27.7 

Additional 

Recovery, % 
2-8 N/A 10 N/A 1 

Corrosion Level 
Comparatively 

low 

Comparatively 

low 

Comparatively 

low 
N/A N/A 

Reference 

Mangalsingh 

and Jagai 1996; 

Mohammed-

Singh, Lorna, 

and Singhal 

2004 

Saner and 

Patton 1986; 

Spivak, 

Garrison, and 

Nguyen 1990 

Sahin, Kalfa, 

and Celebioglu 

2008; Picha 

2007; 

Karaoguz, 

Issever, Pamir, 

and Tirek 1989 

Lino 2005 

Doleschall, 

Szittar, and 

Udvardi 1992 
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2.2 Waterflooding 

Brief History 

The very first waterflood happened accidentally in Pennsylvania in 1885 (Craig 

1993). After that, some research on waterflooding was completed, and it was 

concluded that water had a good ability to displace oil from a reservoir. In 1921, 

the Pennsylvanian authority issued a permit for water injection into the wells 

located in its area. 

The first waterflooding projects consisted only of one injection well. Soon, linear 

injection patterns were conducted. Only in 1924 [1928 by Green (1998)], a five 

spot water injection scheme was attempted. After more than 25 years, 

waterflooding was recognized as a sufficient technique for recovery of oil. In the 

fields of Alberta and Saskatchewan, waterflooding has been used for almost 50 

years. 

Nowadays, waterflooding is the most widely used recovery method. In most cases, 

primary methods recover up to 30 %OOIP. This leaves huge amounts of oil left in 

the reservoir. Such a wide implementation of waterflooding is based on the 

availability of water and the technique’s inexpensive costs and rather simple 

technological processes. In some cases, there is no need to drill additional 

injection wells, and old producers can be easily converted into water injectors. 
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Basic concepts 

Waterflooding is the most common method of secondary oil recovery (SOR). SOR 

also includes gas flooding (immiscible gas injection), but this technique is not as 

widely used. Very often the terms “waterflooding” and “secondary oil recovery” 

are used synonymously. This method is used after primary oil recovery, when the 

reservoir’s natural energy is insufficient to force oil movement towards the 

production wells. Waterflooding is a technique used for oil extraction after 

primary recovery through injection of water into the reservoir. Injected water helps 

to maintain reservoir pressure and displaces oil towards producing wells. 

According to Ahmed (2001), in order to determine applicable reservoirs for 

waterflooding, the following parameters have to be considered: 

 Reservoir geometry (to choose the best location of wells and to discover 

natural water drive presence); 

 Fluid properties (viscosity of oil has a direct influence on the mobility ratio 

and the sweep efficiency); 

 Reservoir depth (to maintain adequate injection pressure that must be less 

than fracture pressure); 

 Lithology and rock properties (porosity, permeability, clay content, and net 

thickness have a major influence on the success of a waterflooding project); 

 Fluid saturation (high oil saturation results in better recovery factor); 
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 Reservoir uniformity and pay continuity (heterogeneity of the reservoir 

might cause difficulties in the waterflood implementation); and 

 Primary reservoir driving mechanisms (water drive reservoirs are not 

suitable for waterflooding because of the sufficient natural water drive; gas-

cap reservoirs are better candidates for gas flooding instead of water 

injection; solution gas drive reservoirs are probably the best candidates for 

waterflooding because of their low primary recovery factors) 

After determining suitable reservoirs for waterflooding, the optimum time to start 

of injection has to be calculated precisely. Cole (1969) has listed the main factors 

that determine the optimum time to implement a waterflood: 

 Viscosity of the oil has to decrease, and accordingly, mobility of the oil 

should increase. This will result in a better sweep efficiency; 

 10% initial gas saturation is ideal for waterflooding projects; and 

 Costs of the injection equipment, productivity of producing wells, and 

overall life of the reservoir also have a significant effect on the success of a 

waterflooding project. 

In general, the time when the bubble point pressure is reached is considered to be 

the best time to start water injection in homogeneous reservoirs. The presence of 

heterogeneity causes earlier implementation of waterflooding – below the bubble 

point pressure (Willhite 1986). In order to achieve the best oil productivity with 

minimal water injection rates, to provide the desirable oil capacity and to decrease 
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the influence of the reservoir heterogeneity as much as possible, a proper flooding 

pattern has to be used. There are different types of patterns – direct line drive, 

staggered line drive, four-spot, five-spot, seven-spot/inverted seven-spot, nine-

spot/inverted nine-spot, peripheral flood, etc. According to the field data, among 

all of these schemes, the five-spot pattern shows the best applicability and is the 

most commonly used. 

Field Experience of Saskatchewan Waterfloods 

A waterflood performance summary was conducted for some high and 

medium/low viscous oil reservoirs in Saskatchewan. However, the lack of suitable 

data on heavy oil reservoirs waterfloods was one of the main difficulties of the 

current review. Still, some comprehensive analyses presented enough data for the 

discussion. 

Adams (1982), Alikhan and Farouq Ali (1983) and Farouq Ali (1985) used 

Lloydminster Southwestern Saskatchewan pools as a reference and key point for 

waterflood performance analysis with further forecasts on oil recovery. 

Lloydminster Pool heavy oil sands are extensions from the Athabasca region to 

Lloydminster in a southern direction. 

Adams (1982) gives a very good comprehensive review on the Husky-operated 

Lloydminster region, describing the trends of reservoir formation. However, the 

heavy oil reservoirs are a major concern of his publication. The less viscous 
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Lloydminster heavy oilfields were excluded (Smith 1992) from publication in 

order to concentrate attention only on highly-viscous oilfields and to equalize the 

conditions for further waterflood performance forecast. 

Alikhan and Farouq Ali (1983) covered 65 field studies for non-thermal recovery 

applications. The Lloydminster Pool was included as a good representative of a 

heavy oil reservoir. They give a description and comparison of non-thermal 

methods such as conventional flooding, polymer, caustic flooding, and immiscible 

CO2 flooding. Caustic or alkaline floods seem to give the least efficiency to 

Lloydminster pool tests. Adams (1982) gives a very clear idea on the basic 

features of the Lloydminster reservoir describing it like an “island of sand in a sea 

of shale” with a formation thickness of about 4 m (see Table 2.2), in most of 

cases, which is probably the typical formation structure for heavy oil reservoirs in 

general. 
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TABLE 2.2—SASKATCHEWAN OILFIELD WATERFLOOD PERFORMANCE 

Reservoir Lloydminster 
Coleville 

Main 

Buffalo 

Coulee 

Battrum Northeast 

(Unit-4) 

Fosterton 

Main 

Fosterton 

Northwest 
Midale Smiley-Dewar 

Pool/Formation Lloydminster Bakken Bakken Roseray Roseray Roseray Midale Viking 

Oil Viscosity, 

cP 
950 400 350 136 14-32 13.5 3 2.6 

Oil Gravity, 

°API 
13-17 13.5 13 20.3 23 23.6 29 33 

Permeability, 

mD 
950-6500 1500 500-1000 100-2500 958 958 1-10 25 

Porosity, % 29-35 24 23 25 28.8 28.8 20-35 21-25 

Net Pay, m 3.5-7.5 6.5 3 5.1 6.2 8.4 21.2 4 

Watercut, % 95 N/A N/A N/A N/A 90 80 N/A 

Primary RF, % 3-8 13-18 11.1 20 17 16.5 20 7 

Additional 

Recovery, % 
9.2 24 18-22 26-29 30 28.3 24 14.3 

Reference 

Alikhan and 
Farouq Ali 

1983; Adams 
1982; Smith 

1992 

Adams 

1982; 

Miller 2005 

Ko, Domier, 

and 

MacDermott 

1995 

Kasrale, Sammon, 

and Jespersen 

1993 

Marberry 

and Bhatia 

1974 

Tutt 1966 

Marberry 

and Bhatia 

1974 

Reference 
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Adams (1982) gives a detailed review of Lloydminster waterflood performance 

and describes in detail a wide range of implementation techniques. Actual 

waterflood performance has a trend of a stable average in comparison to the 

performance that was predicted. The summary illustrated here clearly presents the 

parameters of Lloydminster reservoir waterflood performance as %OOIP, pattern 

type, etc. 

The waterflood forecast was difficult to manage, mainly due to the lack of primary 

production history. However, it was suggested by Alikhan and Farouq Ali (1983) 

to rely only on production decline analysis. Theoretical waterflood recoveries have 

been conducted using the flow curves of the Buckley-Leverett method and by the 

segregated flow prediction method. As a result, there is a slight difference in the 

comparison of the actual and predicted waterflood performances. The expected 

increase in oil recovery by waterflooding could not surpass 2 %OOIP. 

The Wainwright and Wildmere Lloydminster reservoirs exhibited successful 

waterflooding experience and further positive production (Smith 1992). However, 

basic parameters were not described of the field involved in the successful 

waterflooding. Instead, Smith described what good frontal displacement could 

result in. The basic concepts of displacement theories and parameters involved in 

the process were followed by conclusions, which, again, refer to the Wainwright 

and Wildmere oilfields without any arguments. 
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The analysis of Adams (1982) and Alikhan and Farouq Ali (1983) agree on the 

same fact that initial waterflooding of the Lloydminster area can be characterized 

by poor areal sweep efficiencies and severe channeling (Forth et al. 1996). On the 

basis of the aforementioned publications, taking into account economic 

considerations, the 2% of extra oil recovery after waterflooding process 

optimization is insufficient to support further heavy oil recovery from 

Lloydminster heavy oilfields. It was suggested that improved EOR techniques, 

such as steam, in-situ combustion, and especially, immiscible carbon dioxide 

flooding, might have much greater potential for successful application in the area. 

However, in order to achieve success during EOR implementation on actual fields, 

numerous experiments and studies are required. 

Coleville, one of the main fields of the Bakken Pool sands, was discovered in 

1951. The formation is heterogeneous and stretches from the southwest to 

northeast. It has typical “heavy-oil reservoir” properties that impact waterflooding 

efficiency, which are described in Table 2.2.  

Miller (2006) described in detail the main production trends within the Coleville 

reservoir. However, the method with which the predictions were obtained is not 

discussed. During the primary stage of the field development, gas injection was 

not effective; the implementation of waterflooding in 1958 made a positive 

contribution to the reservoir performance. The Coleville Main was under a 

waterflooding program during 41 years of production, which potentially could 
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lead to increase in oil viscosity due to low temperatures in the reservoir. Having 

400 mPa·s of average initial oil viscosity at reservoir conditions, further increase 

in viscosity could lead to a worse mobility ratio and poor areal sweep efficiency. 

This theory was not proved due to the complications that occurred during the early 

production stage when severe waterflood channeling appeared to be a consequence 

of increased water injection rate. However, the many problems and failures did not 

affect enough of the waterflood process on a field basis to terminate the 

waterflood. In addition, it is still economic to maintain the project and upgrade the 

facilities. 

Ko et al. (1995) studied a different reservoir within the Bakken formation. While 

the basic waterflood performance parameters stayed the same, the main goal of the 

study was to improve waterflooding optimization using available geological 

features of the formation. The main concerns about the oilfield were that the oil 

pay zone is separated from the gas cap by vertical permeability shale formation. 

These predictions were proved by results of low ‘communication’ between the 

formations of oil and gas where low production took place after drilling. This 

geological structure has been identified as a beneficial point for potential 

waterflood optimization. A 3-dimentional simulation model was developed 

including such reservoir parameters as geological structure and permeability and 

porosity maps along with history matching results. However, some problems and 
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uncertainty occurred in the horizontal permeability values, mainly due to lack of 

core data. 

On the basis of Ko et al. (1995), forecast scenarios were suggested to check two 

potential predictions. The first scenario suggested that the blowdown of the gas 

cap, separated by shale formation from the oil pay zone, will not have any severe 

impacts on oil production, thereby producing more gas than oil ahead. The second 

scenario suggested that a low permeable barrier between the formations is 

sufficient for the gas cap blockage while the increased water injection will most 

certainly bring large improvements in terms of oil production. According to the 

authors’ results, the gas cap blowdown will not bring significant benefit to the 

production scheme. However, by blowing down the gas cap, it will increase the 

gas rate significantly over the oil rate, as was initially predicted. Only conversion 

of certain wells into injectors after blowing down the gas cap will increase heavy 

oil recovery rates by about 1 to 6 %OOIP. Further increase of 1 to 3 %OOIP 

(Table 2.2) can be achieved by the increase of waterflooding injection rate. In 

addition, the implementation of vertical and horizontal infill drilling and 

transforming the waterflood pattern to 10 acres would be economically 

unattractive. All in all, good reservoir analysis and simulations gives a good idea 

of what certain geological features of reservoirs can give in terms of research and 

waterflood optimization. 
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It is reasonable to refer to existing medium/low viscous reservoir waterflooding 

performance data in order to compare the efficiencies of waterflood projects for 

different oil viscosities. The Roseray Sand Pool reservoirs are typical candidates 

for this task. Publications provide detailed descriptions of geological features and 

waterflooding parameters that have an impact on the waterflooding process in 

order to maintain certain performance predictions. 

The primary waterflooding performance of the Battrum Northeast (Kasrale et al. 

1993) and Fosterton Northwest (Marberry and Bhatia 1974) had successful 

waterflooding implementation and high rates of oil recovery without any reported 

significant complications or failures. As a result, from numerous production 

history matches, reservoir simulations, and experimental and statistical analysis 

studies, different EOR techniques have been proposed for further production 

increase. Steamflooding (Kasrale et al. 1993), in-situ combustion (Marberry and 

Bhatia 1974), and pressure maintenance (Tutt 1966) are among the suggested 

methods. 

Comparison of heavy oil vs. medium/low viscous oils waterflood performance 

presents significant differences due to oil viscosity difference. As it is the main 

property of the oil, it has a significant impact on waterflooding applicability in 

certain fields and defines the mobility ratio. The field case studies prove that it is 

very difficult to maintain a waterflooding process in highly viscous reservoirs 

(Marberry and Bhatia 1974). Case studies (Smith 1992) reported numerous 
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complications and failed predictions regarding waterflooding processes on heavy 

oil fields. Severe water channeling was described after an increase in injection 

rates, which were performed to maintain or increase reservoir pressure. In 

addition, long-term waterflooding injection can cause oil viscosity increase due to 

a reduction in overall reservoir temperatures during injection. 

Among the aforementioned problems, the consensus from the previous citations 

indicates poor areal sweep efficiencies are prevalent. As the sweep efficiency is 

controlled mainly by mobility ratio, the high viscosity, again, does not allow for 

efficiently high production rates. However, several heavy oil reservoirs of the 

Bakken formation were reported to be successful in terms of waterflood 

efficiencies. Medium/low viscous oils do not have severe problems observed 

during waterflooding and production rates remained high enough and stable.  

Further implementation of new EOR techniques on both heavy and medium/light 

reservoirs has been suggested, as it can provide significant increase in production, 

especially in areas where waterflooding is no longer economically attractive or is 

technically impossible. Mostly thermal methods, immiscible gas injections or 

combinations of different tertiary recovery methods can improve heavy oil 

displacement by decreasing oil viscosity, maintaining stable displacement fronts, 

increasing sweep efficiencies, and overcoming the aforementioned problems. 
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2.3 CO2-WAG Flooding 

Basic Concepts 

Water-alternating-gas injection is an EOR process based on cyclic injections of 

gas followed by water. This technique is used to improve the mobility ratio of 

displacing gas and reservoir oil. Unfavourable mobility ratio is caused by a 

significant difference between viscosity of gas and oil (sometimes oil/gas viscosity 

ratio may reach 1000 or more). If mobility of the displacing fluid (gas) is much 

higher than the mobility of oil, it leads to fingering, channeling, and early 

breakthrough of gas and bypassing of much of the oil. This causes low sweep 

efficiency and low recovery factors. Also, the residual oil saturation after gas 

flooding is usually lower than that after waterflooding. In order to avoid the 

disadvantages of regular continuous gas injection, the WAG technology is 

implemented. It has been proven that simultaneous flow of two fluids – water (or 

brine) and gas – results in decreased mobility of both injected agents (Zhang et al. 

2006).  

Gas has good microscopic displacement properties while water performs better in 

macroscopic displacing processes. Combined injection of these two fluids results 

in improved micro- and macroscopic displacing efficiencies. In water-wet rocks, 

gravity forces are dominant in CO2-WAG recovery performance. At the same 
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time, in oil-wet reservoir flooding, viscous fingering is a controlling parameter 

(Rogers and Grigg 2000). 

The effectiveness of the WAG process depends on two major parameters. The first 

is water/gas injection ratio. The second is the size of slugs of injected fluids. 

Usually, the water/gas ratio in WAG projects ranges between 0.5 and 4. The 

volume of alternate slugs of injected fluids lies between 0.1 and 2% of PV (Green 

1998). There are different types of water-alternating-gas processes, and different 

classifications are made to distinguish them. General classification of WAG 

processes based on different parameters is given below (see also Figure 2.3): 

 Miscibility 

o Miscible 

o Immiscible 

 Injection Technique 

o Continuous 

o Simple 

o Tapered 

o Hybrid/Denver Unit WAG (DUWAG)  

o Simultaneous WAG (SWAG) 

 Type of gas injected 

o Hydrocarbon 

o Non-hydrocarbon 
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Often, it is hard to distinguish miscible and immiscible processes. In some cases, 

miscibility can be achieved after a few immiscible injections or vice versa. 

According to the field data, most of the WAG projects are miscible processes 

(Christensen et al. 2001). However, it is very important to correlate injection 

volumes of both water and gas (Ghedan 2009). Too much water will result in low 

microscopic displacement. Huge amounts of injected gas will lead to a decrease in 

vertical and horizontal sweep efficiency. 

Hybrid WAG injection is a rather new technology. It was patented by UNOCAL 

company. According to this WAG scheme, a large volume of CO2 is injected 

followed by a few smaller slugs of water alternated with gas (Christensen 2001). 
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Figure 2.3—WAG processes classification 
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Similar to the Hybrid WAG process, the Denver Unit WAG process was 

suggested by Shell.  This technique is based on continuous injection of CO2 during 

a long period of time (4 to 6 years) after which 1:1 water-alternating-gas slugs are 

injected (Rogers and Grigg 2000). 

Conflicting results of simultaneous injection of water and gas (SWAG) have been 

reported (Rogers and Grigg 2000). Water blocking causes the displacement 

efficiency of WAG processes to decrease (Green 1998). Therefore, simultaneous 

water-gas injection is almost never implemented in real field projects 

In the first WAG projects, hydrocarbon gases were widely used, but because of 

rises in oil prices, they were substituted for cheaper, non-hydrocarbon gases. 

Among the most popular ones are N2 and CO2. Carbon dioxide is the most 

commonly used gas in WAG projects.  

The differences between continuous, tapered, and simple WAG injections are 

based on slug sizes and water-gas ratios (see Figure 2.4). In the continuous 

process, one large slug of the gas is followed by waterflooding. Simple WAG 

consists of a number of small slugs of gas and water injected one by one. In the 

Tapered WAG process, gas and water slugs of decreasing volume are 

subsequently injected after each injection cycle. Very often, tapering is not 

planned but is caused by increased recycling and the high price of the gas injected. 
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Simple WAG technique is the most widely used. The main parameters that affect 

WAG performance are: 

 Heterogeneity of the reservoir; 

 Rock wettability; 

 Miscibility conditions; 

 Fluid properties; and 

 Injection technique, water-gas slug sizes, and ratios. 
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           Injection                                                                   Production 

 Continuous 

 

Simple 

 

Tapered 

 
 

Figure 2.4—WAG classification according to the injection technique 

parameter (black color – water slugs, white color– gas slugs) 
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Laboratory Investigations 

A wide variety of experimental and analytical experience has been accumulated 

since the CO2-WAG process was introduced to the petroleum industry. Many 

researchers investigated different parameters of this technique in order to improve 

the overall displacement efficiency of the process. Therefore, a number of papers 

revealing results of laboratory experiments and theoretical equations and solutions 

have been published. This literature review is based only on a few pertinent 

publications. The articles discussed below include the main CO2-WAG property 

evaluations and calculations. 

Linear laboratory studies of the immiscible CO2-WAG process were conducted by 

Dyer and Farouq Ali (1994). The authors ran several WAG injections in order to 

experimentally find the optimal parameters of the process. All the experiments 

were conducted with moderately viscous oil of 20°API gravity and 1,055 mPa·s 

viscosity. The experiments were conducted at low pressure to build recovery 

conditions close to those of most Saskatchewan oil fields and, therefore, represent 

immiscible conditions in most cases. 

 One of the main objectives of their study was to determine the effect of total CO2-

slug size on the overall oil recovery. A few experiments were conducted with 

different slug sizes of carbon dioxide. The sizes varied in range between 10% and 

almost 180% of hydrocarbon pore volume (HCPV). It was concluded that 35% to 

40% of HCPV CO2-slug size shows the best recovery of oil. On the one hand, 
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when the CO2-slug size was increased up to 179% of HCPV, oil recovery also 

increased by ≈15% compared to the recovery when 40% of HCPV slug was 

injected. On the other hand, the time to extract this additional oil was much longer. 

This time factor and the amount of required CO2 made such large slug size 

injections inefficient.  

Another series of experiments was aimed at finding the relationship between the 

number of WAG slugs and oil recovery. Three experiments were conducted – one 

slug, five-slug and ten-slug injection scenarios. The results showed that the ten-

slug WAG process recovered more oil than the other two (i.e., 55.5, 53.8 and 43.6 

%OOIP for ten-, five- and one-slug injections, respectively). The laboratory 

results showed that the first slug played the most important role in the oil 

recovery. It can be clearly seen from the recovery results that the first slug 

injection led to recovery of 43.6 %OOIP and all the subsequent nine slugs resulted 

in recovery of almost 12 %OOIP of additional oil together. In addition, when the 

number of slugs is greater than one, less CO2 is required for recovery of each 

additional cubic meter of oil. Therefore, the ten-slug injection was considered the 

best option for CO2-WAG recovery processes.  

Additional experiments in the Dyer and Farouq Ali (1994) study examined the 

effect of the WAG ratio on the oil recovery at two different velocities. It was 

concluded that the WAG ratio has a significant effect on the recovery efficiency, 

especially in the case of heavier oils. According to their results, a 4:1 water-gas 
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ratio at a higher velocity is believed to be the most suitable (46.9% of HCPV of oil 

recovered). Higher WAG ratios cause increase in cumulative water-oil ratio 

(WOR), which is caused by a larger amount of water being injected. Gas-oil ratio 

(GOR) was not influenced by the change in water-gas ratio. 

Laboratory studies were conducted by the Saskatchewan Research Council (SRC) 

in order to investigate some CO2-WAG parameters and applications to heavy oil 

recovery. One study conducted examined the feasibility of using CO2 with 

enriched flue gas and some solvents in terms of the WAG process (Zhang et al. 

2006). Four experiments examined the recovery efficiency of oil by pure CO2-

WAG injection with recovery by CO2-N2 WAG process. Results showed that 

injection of 30% CO2 + 70% N2 alternating with water had the best recovery factor 

– 5.7 %OOIP, which was followed by 5.2 %OOIP recovery by 15% CO2 + 85% 

N2 injections. The WAG process with pure CO2 and N2 had lower recovery factors 

of 3.8 and 3.1 %OOIP, respectively. Their results show that additional 

mechanisms, other than oil swelling and viscosity reduction, influence oil 

recovery. One of the other factors might be a build-up of the free gas saturation 

with N2-containing injectants, which might reduce the relative permeability to 

water. 

Two additional experiments conducted by the research team of Zhang investigated 

the application of CO2 with two types of surfactant-brine solution. In the case of 

X-Mark foaming surfactant, the oil recovery factor reached the highest value 
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among all the experiments – 6.24 % OOIP. They concluded that co-injection of a 

foam-surfactant leads to higher oil recovery efficiency. 

Another SRC study examined the concept of coupling WAG-CO2 technology with 

polymer flooding (Zhang et al. 2009). Three laboratory experiments were run – 

pure CO2-WAG injection, polymer flooding, and polymer-CO2 WAG. The last 

one was called PGAW – polymer/gas-alternating-water process. Total tertiary 

recovery of pure CO2-WAG injection was 15.3 %OOIP. During the polymer 

flooding, 9.96 %OOIP were recovered, followed by an additional 2.97 %OOIP 

obtained due to the extended waterflood. 

The most interesting and valuable experience was achieved in the PGAW 

experiment. To avoid a very high pressure drop across the core, the concentration 

of polymer was reduced to 0.2 wt%. The injection process consisted of a series of 

cycles: 1) 0.2 PV slug of polymer; 2) 0.2 PV slug of CO2; 3) 0.8 PV of water; 4) 

final extended waterflood. The incremental oil recovery after each cycle was as 

follows: 1) 8.47 %OOIP; 2) 5.65 %OOIP; 3) 2.24 %OOIP; 4) 1.95 %OOIP. 

Therefore, total recovery reached 18.7 %OOIP. This experiment proved the 

feasibility of the PGAW method. However, no economics were included in the 

analysis to directly compare the improved benefit over the pure CO2-WAG 

process. 
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In 2010, a new heavy and semi-heavy oil recovery method was presented at the 

Trinidad and Tobago Energy Resources Conference held in Port of Spain – 

immiscible heated CO2-WAG injection (Gholamzadeh et al. 2010). In terms of the 

above mentioned laboratory experiment, immiscible heated-water-alternating with 

heated-CO2 gas injection was conducted and compared to the conventional CO2-

WAG process. Water and CO2 were heated to 120°C and then injected 

alternatively into a core previously influenced by normal CO2-WAG. After a few 

minutes, additional oil was recovered in the effluent. Injection of heated fluids 

resulted in 15 %OOIP of additional oil recovery. However, the main concern with 

heated WAG injections is a high level of corrosion, so for field implementation, 

special equipment would be required. 

A recent study examined the effect of viscosity and permeability on the 

performance of the CO2-WAG process (Torabi et al. 2010). Five laboratory 

experiments were conducted to determine the influence of different reservoir and 

oil parameters on the recovery efficiency of CO2-WAG injections. The main oil 

and core characteristics were similar to those in the Saskatchewan oil fields. Oil 

viscosities of 440 mPa·s and 1500 mPa·s were used, porosity of the core was 

nearly 40%, and permeability was 12.6 Darcy for one experiment and 41 Darcy 

for the other three runs. The test using the lower viscosity oil showed the best 

recovery factor of 47.36 %OOIP. It was suggested that CO2-WAG technology 

shows better recovery in lighter oil reservoirs than in the heavy oil ones. It was 
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also concluded that permeability of the core did not have a significant effect on the 

recovery, which contradicts most of the studies conducted by other researchers. 

The authors also pointed out that the 1:1 slug ratio was the most effective. 

All laboratory investigations proved the feasibility of the CO2-WAG method for 

recovery of oil at the laboratory scale. Coupling this method with surfactant 

injections helps to improve the overall recovery. However, success in the 

laboratory experiments does not guarantee a boost in oil production at the field 

scale. Pilot tests and field-scale implementations are required to justify the 

feasibility of WAG processes for each separate project. 

Field Experience 

The first reported WAG injection was held in the North Pembina oil field 

(Canada) in 1957. The first published article on the WAG technology was printed 

in 1958 by Claude and Dyes (Green 1998). This paper revealed the results of a 

laboratory study of simultaneous WAG injection. Four years later, this technique 

was implemented in the Seelington Field (Christensen et al. 2001). 

WAG technology was widely used during the first part of the 1980s. However, in 

1985, the increase in water-alternating-gas injection implementation significantly 

slowed down. One of the main reasons was a drop in oil prices and, consequently, 

many EOR projects suffered. 
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Since the first field application of WAG in the early 1960s, many similar projects 

have been implemented all over the world. Most of them occurred in the USA, 

Canada, Russia (USSR period also included), and some European countries. 

However, there is not much published data on these projects. The last published 

report on WAG injection dates back to 2003. Therefore, this review is based on 

projects with relatively old data. However, it is relatively comprehensive, such that 

general trends and characteristics may be obtained. 

Almost all CO2-WAG projects have been operated in the United States in the 

Permian Basin (Manrique et al. 2007).  Table 2.3 and Table 2.4 show the results 

of the most recent CO2-WAG field implementations. There is no published data on 

new projects currently operating around the world. Only one article – Ivanovic oil 

field in Croatia – is dated after 2000 (Novosel 2005). Nevertheless, CO2-WAG 

technology is one of the most common EOR technologies applied in the USA 

today (Manrique et al. 2010). 

It is clear that most of the CO2-WAG projects have been conducted in sandstone 

reservoirs – 59% (see Figure 2.5). Dolomite rocks were encountered in 33% of 

the cases, and only 8% of reservoir rocks belong to the carbonate reservoir 

formations. One may conclude that sandstone reservoirs are the most appropriate 

for CO2-WAG injections. In terms of the slug ratio, 1:1 water to gas ratio was used 

in almost all projects. This ratio shows the best recovery results in the field-scale 

injections. Slug sizes varied between 0.3% and 30% of HCPV. 
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TABLE 2.3—GENERAL CHARACTERISTICS OF RESERVOIR AND OIL 

Startup 

Year 
Field (Reference) Location Formation 

Oil Gravity, 

°API 

Oil Viscosity, 

cP 

1985 Dollarhide (Poole 1988) Texas, USA Carbonate 40 0.4 

1986 
Rangely Weber (Hervey and Iakovakis 

1991) 

Colorado, 

USA 
Sandstone 

N/A 
1.7 

1986 Hanford (Merritt and Groce 1992) Texas, USA Dolomite 
N/A 

1.38 

1986 S. Wasson Clearfork (Burbank 1992) Texas, USA Dolomite 
N/A 

1.0 

1986 Wertz Tensleep (Kleinstelber 1990) 
Wyoming, 

USA 
Sandstone 

N/A 
1.28 

1989 Nort Ward Estes (Winzinger et al. 1991) Texas, USA 
Dolomite, 

Sandstone 
37 1.4 

1989 
Lost Soldier Field (Brokmeyer et al. 

1996) 

Wyoming, 

USA 
Sandstone 35 1.38 

1991 Daqing (Zhang et al. 1997) China Sandstone N/A 9.8 

1993 Neches (Davis 1994) Texas, USA Sandstone 
N/A N/A 

1994 
Slaughter Sundown (Folger and Guillot 

1996) 
Texas, USA Dolomite 33 N/A 

1995 Mattoon (Sim et al. 1996) Illinois, USA Sandstone 
N/A N/A 

2003 Ivanic (Sunjerga et al. 2006) Croatia N/a 33.4 0.8 
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TABLE 2.4—BASIC PARAMETERS OF WAG-CO2 PROCESSES (PART 1) 

Field Dollarhide Rangely Weber Hanford S. Wasson Clearfork Wertz Tensleep Nort Ward Estes 

Previous Recovery 

Method(s) 
Waterflood, CO2 Flood Waterflood Waterflood Waterflood Waterflood Waterflood 

OOIP After Previous 

Recoveries, % 
43 46 N/A 25 N/A 41.5 

Slug size, % of HCPV 30 1.5 3 3 2.5 N/A 

WAG Ratio 1:1 1:1, 2:1, 3:1 1:1 8:1, 2:1 1:1 1:1 

Increased Recovery 0.7 19 (predicted) N/A N/A 3.8 4.3 

Notes 

Almost no gas 

breakthrough, Hybrid 

WAG injection was 

implemented 

Water blockage 

occured 

Injection started shortly 

after waterflooding 

Project was 

considered to be 

succussful 

High injection level 

was observed. 

However, it did not 

relate fluid 

channeling 

1:1 WAG ratio was 

concluded to be 

optimal 
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TABLE 2.4—BASIC PARAMETERS OF WAG-CO2 PROCESSES (PART 2) 

Field Lost Soldier Field Daqing Neches Slaughter Sundown Mattoon Ivanic 

Previous Recovery 

Method(s) 
Waterflood Waterflood Waterflood N/A N/A Waterflood 

OOIP After Previous 

Recoveries, % 
44.3 49.6 57 N/A N/A 36.5 

Slug size, % of HCPV 61 0.2 N/A N/A 5, 10 28 (predicted) 

WAG Ratio 1:1 3:1 N/A 1:1 N/A N/A 

Increased Recovery 5.7 4.7 19 (predicted) N/A N/A 2.6 (predicted) 

Notes 

Sweet CO2 injection 

was converted into 

sour and showed 

good results 

High level of 

heterogeneity caused 

slightly lower recovery 

factor than it was 

predicted 

Water blockage 

occurred 

Simulations and 

theoretical studies 

have been conducted 

Laboratory and 

simulations results 

were published 

After two cycles of 

gas-water injections (6 

months each), project 

was terminated 
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Figure 2.5—Reservoir rock types where CO2-WAG projects have been 

implemented [after Christensen (2001)] 

 

  

Sandstone (59%) 
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Water blockage has occurred in a few projects – Rangely Weber and Neches oil 

fields (Christensen 2001). Gas breakthrough was not significant or problematic. 

The CO2-WAG projects in all cases started as tertiary recovery methods. They 

followed primary recovery and waterflooding. Only the Mattoon oil field (Rogers 

and Grigg 2000) injections were held under immiscible conditions. All other 

projects were classified as miscible. 

The number of field injectivity abnormalities during CO2-WAG projects increases 

each year as documented by (Rogers and Grigg 2000). The main factors affecting 

injectivity are considered to be: 

 Oil bank location; 

 Salinity and pH; 

 Wettability; 

 Fluid trapping and bypassing; 

 Relative permeability effects; and 

 Dissolution, precipitation, and particle invasion/migration. 

All 12 reviewed projects were considered to be successful with an average 

additional recovery factor of 5 %OOIP. Field implementation of CO2-WAG 

technique has proven to be viable as an EOR method in the future. Careful 

experimental and engineering work is required to properly design process 

parameters. 
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3. EXPERIMENTAL EQUIPMENT AND PROCEDURES 

The flood apparatus consisted of a special sandpack model, back pressure 

regulator, pressure transducers, temperature controller, transfer cylinders, syringe 

pump, and heating devices. The fluids were injected using a syringe pump and 

were produced through a back pressure regulator set at 1,379 kPa (200 psi). Oil 

and CO2 were injected not directly through the pump but via transfer cylinders. 

The pressure drop was monitored and recorded using two Validyne transducers 

and special computer data collecting software. Two transducers were needed for 

the more precise measurements of the sandpack absolute permeability. The 

experiments were carried out in an air bath at a constant temperature of 23°C. 

Water bath and heating tape wrapped around the injection line were used to reach 

a desired temperature of injected fluids. The experimental set-up schematic is 

shown below (Figure 3.1). 

Two samples of heavy oil and three types of sandpack were used. Oil was 

obtained from the heavy oil fields in Saskatchewan. Sandpacks were wet-packed 

using Ottawa sand.  The stock tank oil properties are given in the Table 3.1. The 

brine solution was mixed using 1 wt% NaCl dissolved in deionized water. 

As mentioned, the sandpacks were wet-packed with the Ottawa sand. Small 

amounts of sand were mixed with methanol, and the mixture was poured into the 

model. This process was repeated until the sandpack was ready. The packed 
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sample measured about 28 cm in length and 2.2 cm in diameter. Because the 

amount of sand was limited, and in order to keep basic core parameters the same, 

after each experiment, the core was cleaned with kerosene and toluene, dried with 

air, and then reused.  

After the flood tests were completed, the sandpacks were cleaned at ambient 

temperature with toluene until the toluene ran clean out of the model. For oil 

sample #1, it took about 4 PV of toluene. However, in the case of heavier oil (oil 

sample #2), toluene was injected for more than 10 PV. To facilitate the cleaning 

procedure, the model was wrapped up with the heating tape. Then, the sandpack 

was blown with air and dried in the air bath at ambient temperature. 
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Figure 3.1—Experimental set-up schematic 

1 – syringe pump; 2 – CO2 cylinder; 3 – three way valve; 4 – thermometer; 5 – data 

collecting machine; 6 – heating tape and insulation; 7 – water bath; 8 – sandpack 

model; 9 – pressure transducers; 10 – transfer cylinder; 11 – back pressure 

regulator; 12 – test tube; 13 – N2 cylinder; 14 – temperature data logger; 15 – air 

bath; 16 - thermocouple 
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TABLE 3.1—STOCK-TANK OIL PROPERTIES 

 Oil Sample #1 Oil Sample #2 

Temperature, °C 25 25 

Density, kg/m
3
 981.1 989.3 

API Gravity 12 11 

Viscosity, mPa·s 5,712 23,769 
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Before each flood, the sandpack was evacuated for 2-3 hours using a Fischer 

vacuum pump. Then, it was saturated with brine to determine the pore volume. In 

order to determine the absolute permeability of the sandpack, brine was injected at 

different injection rates. Connate water saturation was established by oil injection 

for 2-3 pore volumes. Oil injection was carried out until water production at the 

outlet was zero (only one-phase oil was produced) and the pressure difference 

curve was flat. Permeability measurements, oil saturation, and all floods were 

carried out under a back pressure of 1,379 kPa (200 psi). After oil injection, the 

core was aged for 1-2 days at ambient temperature and under applied back 

pressure. The aging process helps to establish the wettability of the sandpack 

(Zhang et al. 2009). 

The flood procedure for continuous injections was carried out in the following 

order: 

1. Water injection for approximately 2.5 PV; 

2. CO2 injection for additional 2.5 PV; 

3. Kerosene and toluene injection for a couple of pore volumes until the 

effluent fluid was clean; and 

4. Finally, the core was blown with air and dried. 

For the WAG injections the experimental procedure was as follows: 

1. Alternate water/gas injection until a negligible amount of oil was produced 

(usually up to 4 PV); 
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2. Kerosene and toluene injection for a couple of pore volumes until the 

effluent fluid was clean; and 

3. The core was blown with air and dried in the same order as after the 

continuous floods.  

After the sandpack was absolutely dry, the whole experiment was repeated under 

the same conditions, following the same procedure, but with changed parameters. 

The whole work consisted of 18 flood experiments (around 24 single floods) (see 

Figure 3.2). During the floods, fluids were injected at a constant injection rate of 

0.2 cm
3
/min (except for the ones that investigated the effect of the injection rate). 

In the first few stages of injection, pressure rose significantly, but once the 

injected fluid broke through, the pressure dropped. The effluent was collected into 

graduated tubes in approximately 4-5 cm
3
 increments. Such small increments were 

chosen in order to build the recovery curve more precisely. By the end of the flood 

(after roughly 4-5 PV of fluids injected), oil production was absolutely negligible 

and the experiment was terminated. 

During the experiments, the differential pressure data were carefully recorded. 

Two pressure transducers (12.5 psi and 125 psi) were used in order to take the 

most precise pressure difference measurements. The transducers were calibrated 

before each flood commenced with a pressure gauge or pump. 
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Figure 3.2—Flow chart of the project agenda 

PROJECT 
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Sandpack #1 

Oil #1 

Waterflooding 

CO2 Flood After 
Waterflooding 

CO2 Flood 

Waterflooding 
After CO2 Flood 
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Waterflooding 

CO2 Flood After 
Waterflooding 

CO2 Flood 

Waterflooding 
After CO2 Flood 

Sandpack #2 Oil #1 

Waterflooding 

CO2 Flood After 
Waterflooding 

CO2 Flood 

Waterflooding 
After CO2 Flood 

Part 2 
Sandpack #2 

Oil #1 
WAG 

22°C 

30°C  

40°C 

50°C 

60°C 

Part 3 WAG 

Sandpack #2 Oil #2 

Sandpack #3 

Oil #1 

Oil #2 

Sandpack #3       

Oil #1  

Effect of  

Injection Rate 

Effect of  

Slug Ratio 
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4. RESULTS AND DISCUSSION 

The first part of the experimental program was designed to study the effect of the 

sequence of the two heavy oil recovery techniques – waterflooding and immiscible 

carbon dioxide flooding – on the overall recovery factor. Collected data also 

served as a comparative example for Hot WAG-CO2 floods. The results are 

grouped in pairs (i.e., waterflood followed by CO2 flood or CO2 flood followed by 

waterflood) for different oil-sandpack systems. There were six continuous flood 

experiments conducted for this project. They are presented as follows: 

 Experiment #1 (sandpack #1, oil sample #1, waterflood followed by CO2 

flood); 

 Experiment #2 (sandpack #1, oil sample #1, CO2 flood followed by 

waterflood); 

 Experiment #3 (sandpack #1, oil sample #2, waterflood followed by CO2 

flood); 

 Experiment #4 (sandpack #1, oil sample #2, CO2 flood followed by 

waterflood); 

 Experiment #5 (sandpack #2, oil sample #1, waterflood followed by CO2 

flood); and 

 Experiment #6 (sandpack #2, oil sample #1, CO2 flood followed by 

waterflood). 
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The second part of the project was devoted to the WAG injections. First, the WAG 

flood at ambient temperature was conducted to have a base line for comparison. 

Next, the Hot WAG floods were run at elevated temperatures, as is described 

below: 

 Experiment #7 (sandpack #2, oil sample #1, WAG-22°C); 

 Experiment #8 (sandpack #2, oil sample #1, WAG-30°C); 

 Experiment #9 (sandpack #2, oil sample #1, WAG-40°C); 

 Experiment #10 (sandpack #2, oil sample #1, WAG-50°C); and 

 Experiment #11 (sandpack #2, oil sample #1, WAG-60°C). 

After the second part, it was concluded that Experiment #8 gave the best results in 

terms of recovery efficiency (i.e., recovery factor was high for comparatively low 

heat requirements). So, the next set of experiments was run at a temperature of 

30°C. The last series of floods were aimed to investigate the effect of oil viscosity, 

sandpack permeability, injection rate, and slug ratio on the efficiency of the Hot 

WAG-CO2 technology: 

 Experiment #12 (sandpack #2, oil sample #2, WAG-30°C); 

 Experiment #13 (sandpack #3, oil sample #1, WAG-30°C); 

 Experiment #14 (sandpack #3, oil sample #2, WAG-30°C); 

 Experiment #15 (sandpack #3, oil sample #1, WAG-30°C, 0.1 cm
3
/min); 

 Experiment #16 (sandpack #3, oil sample #1, WAG-30°C, 0.4 cm
3
/min); 



 

64 
 

 Experiment #17 (sandpack #3, oil sample #1, WAG-30°C, 1:2 slug ratio); 

and 

 Experiment #18 (sandpack #3, oil sample #1, WAG-30°C, 2:1 slug ratio). 

Before any linear flood experiments started, the effect of temperature on the 

viscosity of both oil samples was measured and analyzed. 

The results for each experiment, along with explanations and discussions on them 

are presented below. 

4.1 Effect of Temperature on Oil Viscosity 

Oil viscosity decreases with increase in temperature. For heavy oils, this viscosity 

reduction is even more significant. Two tests were performed (for both types of 

oil) in order to find out the degree of viscosity reduction at elevated temperatures. 

Viscosity was measured with a Brookfield LV-DV II+ Programmable Viscometer 

connected to a water bath. Changing the temperature on the water bath allowed for 

temperature control within  0.1°C of the desired set point. Experimental results 

are displayed in Table 4.1 and Figure 4.1. 

Note that the viscosity of oil sample #2 at 15°C was so high that it could not be 

measured with the Brookfield viscometer. 

Relying on these results, it is believed that hot WAG-CO2 could improve heavy oil 

recovery. Water has good heat transfer capacity and could heat up the oil and, 



 

65 
 

therefore, reduce its viscosity. According to Table 4.1, if the oil is heated by only 

10°C (from 25 to 35°C), a significant viscosity reduction would result (more than 

twice for oil sample #1 and almost 4 times for oil sample #2). This would 

consequently improve the mobility ratio between the fluids and increase the 

overall recovery factor. Moreover, Edmondson (1965) based on his experimental 

results, states that residual oil decreases and water-oil permeability ratio changes 

with rising temperature. Consequently, this means higher ultimate oil recoveries. 

4.2 Effect of the Injection Sequence: Higher Permeability 

Experiments #1 and #2 were aimed to investigate the effect of the injection 

sequence of water and CO2.  Experiment #1 consisted of waterflooding until 

negligible oil production followed by continuous CO2 flooding. Experiment #2 

commenced with continuous CO2 flooding, which was followed by waterflooding. 

All floods were conducted in sandpack #1 (32 D) using oil sample #1 (5,712 

mPa·s). The flow rate was kept the same – 0.2 cm
3
/min. During Experiment #1, 

approximately 2.5 PV of brine was injected. It was followed by a continuous 

immiscible CO2 flood for another 2.5 PV of gas injected. Because of the extremely 

high mobility ratio between the displacing and displaced fluids, water broke 

through very fast. However, waterflood recovered about 44 %OOIP. 
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TABLE 4.1—EFFECT OF TEMPERATURE ON THE VISCOCITY OF 
HEAVY OIL SAMPLES 

Temperature, °C 

Viscosity, mPa·s 

Oil Sample #1 Oil Sample #2 

15 18,552 N/A 

25 5,712 23,769 

35 2,134 7,547 

45 904 2,829 

55 430 1,226 

65 229 597 

75 132 311 
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Figure 4.1—Effect of temperature on the viscosity of oil samples #1 and #2 
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Immediately after the waterflood, CO2 injection commenced. The first 15-20% of 

PV of gas injected did not produce any oil. It was expected that gas flood would 

not influence total recovery significantly. However, once the gas diluted the oil, 

some additional recovery was achieved, totaling an additional 3.2 %OOIP. The 

overall recovery factor was around 47.2 %OOIP. 

During Experiment #2, approximately 2 PV of carbon dioxide was injected first. It 

was followed by continuous waterflooding for another 2.5 PV. 

As in the previous case, because of extremely high mobility ratio between the 

displacing and displaced fluids, gas broke through even earlier than water in the 

previous experiment. Nevertheless, continuous CO2 flooding recovered about 33 

%OOIP. When oil production dropped almost to zero, gas flooding was terminated 

and immediately followed by the waterflooding. 

Unlike the previous experiment, waterflooding after gas flooding showed a very 

good recovery factor of about an additional 20 %OOIP. Again, flooding was 

stopped when oil production ceased. Therefore, the total recovery was 52.3 

%OOIP. This number is higher than in the previous case. This suggests that 

performing gas flooding prior to water injection could possibly increase recovery 

efficiency in field projects. Basic characteristics of Experiments #1 and #2 are 

given in the Table 4.2. Recovery curves are shown in the Figure 4.2. 
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Table 4.2—SUMMARY OF EXPERIMENTS #1 AND #2 

 

Experiment #1 Experiment #2 

Ambient Temperature, °C 23 

Pore Volume, cm
3
 37.2 

Porosity, % 36 

Permeability, Darcy 32 

Initial Oil Saturation, % PV 86.9 88.3 

Connate Water Saturation, % PV 13.1 11.7 

OOIP, cm
3
 32.3 32.80 

Injection Rate, cm
3
/min 0.2 

Oil Recovery after Waterflood, %OOIP 43.96 33.41 

Oil Recovery after CO2 Flood, %OOIP 3.22 18.90 

Total Oil Recovery, %OOIP 47.18 52.31 
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Figure 4.2—Effect of the injection sequence: higher permeability 
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4.3 Effect of the Injection Sequence: Lower Permeability 

The same set of experiments (Experiments #5 and #6) was conducted in sandpack 

#2 with lower permeability –12 D. Oil sample #1 (5,712 mPa·s) was used. 

In Experiment #5, connate water saturation was 2.34 % of PV. Continuous 

waterflooding recovered 24.6 %OOIP after 2.6 PV of water injected. Continuous 

CO2 injection brought additional 1.7 %OOIP. The total amount of CO2 injected 

reached almost 1.5% of PV.  

Experiment #6 was the last in part one of the project. It finalized the investigation 

of the sequence of injection techniques on the total oil recovery. The connate 

water saturation was 2.2% of PV. 

Continuous CO2 injection recovered 19.3 %OOIP. The amount of gas injected 

totaled 2 PV. The subsequent waterflood recovered an additional 12.7 %OOIP, 

bringing the overall recovery up to almost 32 %OOIP. The main characteristics of 

Experiments #5 and #6 are given in the Table 4.3. The oil recovery curves are 

shown in Figure 4.3. 

The results of these two pairs of experiments show that total oil recovery was 

slightly higher when CO2 flooding was performed prior to the waterflood. Overall 

recovery of Experiment #2 was 52.3% compared to 47.18% of oil recovered in 

Experiment #1. Similarly, the total recovery of Experiment #5 was 31.97 %OOIP 

while Experiment #6 recovered 26.26 %OOIP.  
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Such improvements in oil recovery when CO2 is injected prior to waterflooding 

could be attributed to obtaining the optimum trapped gas saturation. Cole (1969) 

proposed two theories that could explain this phenomenon. He pointed out that if 

free gas exists inside the globules of the oil in the porous media, a thin layer of the 

oil around the gas bubbles will remain as the residual oil saturation compared to a 

case in which free gas does not exist.  

The second theory by Cole suggests that the main portion of residual oil saturation 

is trapped in larger pores, as the water will likely pass through the smaller pores 

due to the capillary effect. Therefore, if gas is considered the non-wetting phase, it 

will tend to travel through the larger pores displacing oil from them. The second 

theory is more compatible with fluid flow concepts, and the experiments in this 

study support the feasibility of this mechanism. 

Several other investigators (Kyte et al.1956; Holmgren and Morse1951) have shown 

similar results for light crude oil samples. At the same time, Negron-Perez and 

Farouq Ali (1973), based on their simulation study, challenged the theory of free 

gas saturation and its effect on oil recovery. The authors stated that improvements 

can be seen only in the laboratory scale experiments, which by their nature are 

very simplistic and do not account for such factors as “static gas phase”, 

incompressible systems and lack of solubility of gas in oil. Therefore, further 

investigation of this mechanism is required. 
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TABLE 4.3—SUMMARY OF EXPERIMENTS #5 AND #6 

 

Experiment #5 Experiment #6 

Ambient Temperature, °C 23 

Pore Volume, cm
3
 40.24 

Porosity, % 38 

Permeability, Darcy 12 

Initial Oil Saturation, % PV 97.66 97.79 

Connate Water Saturation, % PV 2.34 2.21 

OOIP, cm
3
 39.3 39.4 

Injection Rate, cm
3
/min 0.2 

Oil Recovery after Waterflood, %OOIP 24.61 12.66 

Oil Recovery after CO2 Flood, %OOIP 1.65 19.31 

Total Oil Recovery, %OOIP 26.26 31.97 
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Figure 4.3—Effect of the injection sequence: lower permeability 
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4.4 Effect of the Oil Viscosity on the Recovery of Continuous Floods 

Experiments #3 and #4 were designed to investigate the effect of oil viscosity on 

the recovery of continuous water and gas floods. 

For these core floods, the heavy oil sample #2 (23,769 mPa·s) was used with 

sandpack #1 (32 D).  Connate water saturation in Experiment #3 was very low – 

about 2.5% of PV. It was predicted that water would break through only a short 

time after the injection had commenced. Although water production was very 

high, a comparatively large amount of oil was recovered with water – 26 %OOIP. 

Even following CO2 injection there was a slight increase in recovery factor that 

brought the total recovery to nearly 32 %OOIP. 

In Experiment #4, continuous CO2 flooding lasted for 2.5 PV. It recovered almost 

21 %OOIP. It was anticipated that the recovery would be lower compared to 

Experiment #2 because of the significant difference in viscosities of the oil 

samples. The subsequent waterflood lasted only for about 1.4 PV due to very low 

oil production. It resulted in additional recovery of 4 %OOIP. Total recovery 

factor was 24.8 %OOIP. 

Not many laboratory investigations with such extra heavy oil have been performed 

before. It was a challenging but very important task. A summary of Experiments 

#3 and #4 is presented in Table 4.4. 
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When Experiments #1 and #3 are compared, the CO2 flood recovered more of the 

23,769-mPa·s heavy oil than with the lower viscosity oil sample #1 (Figure 4.4). 

The recovery factors for the CO2 floods were 5.92% and 3.22%, respectively. This 

suggests that CO2 reduces viscosity of heavier oils with better efficiency. This is 

very important in terms of CO2 requirements, as less CO2 is required to recover the 

same amount of oil. 

Similar results were obtained when CO2 was injected prior to waterflooding – 

Experiments #2 and #4. In the case of lower viscosity oil (Experiment #2), overall 

recovery totaled 52.31 %OOIP while for the higher oil viscosity (Experiment #4), 

total recovery was only 24.8 %OOIP. Again, the CO2 flood alone recovered a 

slightly greater amount of heavier oil – 20.9 %OOIP vs. 18.9 %OOIP for oil 

samples #2 and #1, respectively. 
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TABLE 4.4—SUMMARY OF EXPERIMENTS #3 AND #4 

 

Experiment #3 Experiment #4 

Ambient Temperature, °C 23 

Pore Volume, cm
3
 37.2 36.24 

Porosity, % 36 

Permeability, Darcy 30 

Initial Oil Saturation, % PV 97.48 97.7 

Connate Water Saturation, % PV 2.52 2.32 

OOIP, cm
3
 36.3 35.4 

Injection Rate, cm
3
/min 0.2 

Oil Recovery after Waterflood, %OOIP 26.03 3.9 

Oil Recovery after CO2 Flood, %OOIP 5.92 20.9 

Total Oil Recovery, %OOIP 31.95 24.8 
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Figure 4.4--Effect of the oil viscosity on the recovery of continuous floods 
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4.5 Effect of Permeability on the Recovery of Continuous Floods 

The effect of sandpack permeability on total oil recovery can be observed by 

careful comparison of the flood results of Experiments #1 and #5 (Tables 4.2 and 

4.5). Experiment #1 was conducted in sandpack #1 (32 D) with oil sample #1 

(5,712 mPa·s). Experiment #5 was performed with the same oil sample #1 but in a 

sandpack with lower permeability – sandpack #2 (12 D). The recovery factor for 

Experiment #1 totaled 47.18 %OOIP. By comparison, the waterflood and CO2 

flood in Experiment #5 recovered 26.26 %OOIP. Recovery profiles for both 

experiments are depicted in the Figure 4.5. The injection sequence for these 

experiments was waterflood followed by CO2 flood. However, the same pattern of 

results was observed in Experiments #2 and #6, where CO2 flood was followed by 

waterflood – 52.31 %OOIP vs. 31.97 %OOIP, respectively. 
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Figure 4.5—Effect of permeability on the recovery of continuous floods 
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4.6 Conventional WAG vs. hot WAG 

Experiment #7 commenced the second part of the project – investigation of the hot 

WAG-CO2 technology. The second stage consisted of four hot WAG experiments, 

each at different temperatures of injected fluids. Combined with the one 

conventional WAG at ambient temperature of injected fluids, the number of WAG 

experiments in part two totaled five. The main objective of these floods was to 

find at which temperature the performance of the hot WAG was the most efficient. 

For all experiments in part two, sandpack system #2 (12 D) and oil sample #1 

(5,712 mPa·s) were utilized. The ambient temperature in the air bath was kept the 

same as in the previous experiments – 23°C. Injected fluids – water and CO2 – 

were heated to the desired temperature by the water bath and heating tape wrapped 

around the injection line. The injection line was thoroughly insulated to avoid 

excessive heat losses. The temperature at the inlet and at the outlet of the sandpack 

was recorded using an Oakton Temp-300 dual-input datalogging thermocouple 

thermometer. 

It was decided to inject fluids at the same injection rate – 0.2 cm
3
/min. The slug 

size was 10% of PV and the slug ratio was 1:1. These parameters were chosen as 

they are the most common for such types of experiments (Brush et al. 2000; 

Torabi et al. 2010). Moreover, a 1:1 WAG ratio is the most common in the field 

applications (Christensen et al. 2001; Fulop et al. 1997). Injection started with a 
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10% of PV slug of CO2 followed by a 10% of PV slug of water. Then, again, 10% 

of PV of CO2 was injected followed by a slug of water of the same size. The 

experiment continued in this order until a negligible amount of oil was produced. 

Usually, the flood was terminated when the water-cut reached more than 90% of 

the effluent. 

For Experiment #7, the connate water saturation was 3.3% of PV. The flood lasted 

for 2.3 PV of fluids (water and gas combined) being injected. Twelve slugs of 

water and twelve slugs of CO2 were injected during this experiment. The total 

recovery factor was 41.65 %OOIP (Table 4.5 and Figure 4.6). This means that 

conventional WAG injection recovered 10 %OOIP more than the CO2 flood 

followed by waterflood and almost 15 %OOIP more than waterflood followed by 

CO2 flood. Such increase in overall recovery suggests that WAG technology is 

very efficient not only in light oil reservoirs, but also in the heavy oil reservoirs 

were miscibility is not achievable. 

Due to the fact that all following experiments involve hot injections, the 

temperature profiles at the inlet and the outlet of the sandpack model will be 

provided for each hot WAG flood. Such temperature profiles for Experiment #7 

are provided in Figure 4.7. 

Experiment #8 was conducted in the exactly same manner, but the temperature of 

the injected fluids was elevated to 30°C. The connate water was 3.98% of PV. 

Again, 12 slugs of CO2 and 12 slugs of water were intermittently injected. Almost 
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2.5 PV of injected fluids recovered more than 50 %OOIP (see Table 4.5 and 

Figure 4.6). This was almost 10 %OOIP more than the recovery of the 

conventional WAG. These results suggest that even small increases in the 

temperature of injected fluids leads to better WAG performance. The temperature 

profile of Experiment #8 is provided in Figure 4.8. Note that despite the fact that 

the temperature at the inlet of the sandpack was 30°C, the effluent temperature 

was almost the same as the ambient temperature of 23–24°C. This means that all 

the heat was lost within one foot of the sandpack. Heat losses would be a major 

concern for possible field applications. 
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TABLE 4.5—SUMMARY OF EXPERIMENTS #7 AND #8 

 

Experiment #7 Experiment #8 

Ambient Temperature, °C 23 

Temperature of Injected Fluids, °C 22 30 

Pore Volume, cm
3
 40.74 38.74 

Porosity, % 38 

Permeability, Darcy 12 

Initial Oil Saturation, % PV 96.71 96.02 

Connate Water Saturation, % PV 3.29 3.98 

OOIP, cm
3
 39.4 37.2 

Injection Rate, cm
3
/min 0.2 

Total Number of Slugs Injected 24 

Water to Gas Slug Ratio 1:1 

Slug Size, %PV 10 

Total Oil Recovery, %OOIP 41.65 50.4 
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Figure 4.6—WAG-30°C vs. conventional WAG 
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Figure 4.7—Temperature profile of Experiment #7 
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Figure 4.8—Temperature profile of Experiment #8 
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4.7 Hot WAG: Effect of Temperature 

In order to determine the relative effect of temperature of injected fluids on the 

overall performance of hot WAG, three additional floods were performed. Each 

flood was conducted in sandpack #2 with oil sample #1. The experimental 

procedure was also maintained the same. The only variable was injection 

temperature. Water and gas were injected at 40, 50 and 60°C. 

Experiment #9 was conducted at a temperature of 40°C of injected fluids. Connate 

water was 3.5% of PV. Similar to the previous experiments, a total of 24 slugs of 

water and CO2 were injected into the system. Recovery after 2.5 PV of injection 

equaled 52.14 %OOIP (Table 4.6 and Figure 4.9). This is less than a 2 %OOIP 

increase in recovery compared to Experiment #8, where the fluids were injected at 

30°C.  

Water and CO2 were injected at 50°C in Experiment #10. Connate water saturation 

was 3.46% of PV. Together, 12 slugs of CO2 and 12 slugs of water (2.5 PV in 

total) recovered 51.07 %OOIP (Table 4.6 and Figure 4.11). The recovery was 

even lower than in Experiment #9, in which fluids were heated to 40°C.  
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TABLE 4.6—SUMMARY OF EXPERIMENTS #9, #10 AND #11 

 

Experiment #9 Experiment #10 Experiment #11 

Ambient Temperature, °C 23 

Temperature of Injected Fluids, °C 40 50 60 

Pore Volume, cm
3
 38.74 38.76 37.74 

Porosity, % 38 

Permeability, Darcy 12 

Initial Oil Saturation, % PV 96.54 96.54 96.45 

Connate Water Saturation, % PV 3.46 3.46 3.55 

OOIP, cm
3
 37.4 37.4 36.4 

Injection Rate, cm
3
/min 0.2 

Total Number of Slugs Injected 24 

Water to Gas Slug Ratio 1:1 

Slug Size, %PV 10 

Total Oil Recovery, %OOIP 52.14 51.07 51.37 
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Figure 4.9—Hot WAG: effect of temperature on the oil recovery 
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It is suspected that such comparatively low recovery of the hot WAG floods at 40, 

50 and 60°C could be attributed to heat losses and decreases in the CO2 solubility 

with an increase in temperature. Analysis of the temperature profiles of all hot 

WAG experiments (Figures 4.10 through 4.12) leads to the conclusion that no 

matter how hot injected fluids are at the inlet of the model, the temperature of the 

effluent from the system is almost the same as the ambient temperature in the air 

bath. 

Injected fluids lost all their heat capacity within one foot of the sandpack model. 

The inlet temperature slightly varied with time because the temperature control 

mechanism for the whole system was manually operated. It was required to switch 

the heating tape from the “ON” to “OFF” position a number of times throughout 

the whole experiment. 

The temperature of produced fluids at the outlet of the model did not vary 

significantly with time, which again proves drastic heat losses. The reason for 

constant temperature profile with time is low injection rate of 0.2 cm
3
/min. Such 

small injection rate leads to the low heat front velocity that causes injected fluids 

to lose all the heat they carry before they reach the outlet of the model. However, 

much higher injection rate would represent unrealistically high frontal fluid 

velocities within the sandpack. It would lead to erroneous values of oil recovery 

factors. 
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At the same time, Wiebe and Gaddy (1940) report that solubility of CO2 decreases 

with increase in temperature. This could be another factor that caused the 

comparatively low RFs of Experiments #9-11. Close observation of the recovery 

profiles in the Figures 4.8-9, shows that there was a slight increase in the oil 

recovery when the temperature of injected fluids was increased from 30 to 40°C – 

from 50.4 to 52.14 %OOIP. However, recovery factor decreased by 1 %OOIP 

when fluids were injected at 50 and 60°C – to 51.07 and 51.37 %OOIP, 

respectively. One of the possible reasons for such behaviour is decreased CO2 

solubility in oil at elevated temperatures. The results suggest that at temperatures 

higher than 40°C not only heat losses cause oil recoveries to stagnate, but 

decreased CO2 solubility also plays an important role. 

On the other hand, solubility of CO2 increases with pressure. Therefore, the 

recovery could be improved if CO2 was injected at higher pressures. PVT analysis 

of oil saturated with CO2 at the flood temperatures and different pressures will 

provide some insight into this phenomenon. 
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Figure 4.10—Temperature profile of Experiment No. 9 
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Figure 4.11—Temperature profile of Experiment #10 
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Figure 4.12—Temperature profile of Experiment #11 
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Experiment #11 concluded the second part of the project. A summary of part two 

of the project is provided in Table 4.7. It is obvious that hot WAG improves oil 

recovery to some extent. WAG-30°C recovered much more oil than conventional 

WAG or continuous water/gas injections. The highest recovery achieved was 

52.14 %OOIP at a temperature of injected fluids of 40°C. However, it was only 2 

%OOIP higher than the recovery at 30°C temperature of injected fluids. That is 

why it was decided to proceed with a 30°C flood as the base case for hot WAG 

injections, as it is perceived to be the most efficient in terms of oil recovery vs. 

heat requirements. 
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TABLE 4.7—SUMMARY OF PARTS ONE AND TWO OF THE PROJECT 

Experiment Recovery Factor, % of OOIP 

Waterflood followed by CO2 flood 26.26 

CO2 flood followed by waterflood 31.97 

WAG-22°C 41.65 

WAG-30°C 50.40  

WAG-40°C 52.14 

WAG-50°C 51.07 

WAG-60°C 51.37 
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4.8 Hot WAG: Effect of Oil Viscosity 

Part three of the project was designed to investigate the effect of the oil viscosity, 

sandpack permeability, injection rate, and slug ratio on overall oil recovery of hot 

WAG-CO2 floods. Results of Experiment #8 were set as the base case for the 

comparison. Experiment #8 was conducted in sandpack #2 (12 D) with oil sample 

#1 (5,712 mPa·s) at an injection temperature of 30°C. 10 %PV slugs of water and 

gas were intermittently injected with a slug ratio of 1:1 and injection rate of 0.2 

cm
3
/min. Total oil recovery was 50.4 %OOIP. 

Experiment #12 was aimed at finding the effect of oil viscosity on oil recovery. 

That is why oil sample #2 with a viscosity of 23,769 mPa·s was used for this 

flood. The connate water saturation was very low – around 1.2% of PV. Twelve 

slugs of CO2 and twelve slugs of water were injected, totaling in 2.5 PV of 

cumulative injection. As was anticipated, the recovery was lower compared to the 

lighter oil – 32 %OOIP (Table 4.8 and Figure 4.13). The recovery in this 

experiment was almost 20 %OOIP less than the recovery of Experiment #8, in 

which oil sample #1 was used. The same behaviour was observed during the 

continuous water/gas floods (Experiments #3-6). The results confirmed that WAG 

shows a better performance in lighter oil systems. Viscosity of oil plays a vital role 

in the recovery process. 
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Hereafter, temperature profiles for the experiments are not provided in the main 

body of this work, as they are the same as previous ones. Temperature profiles of 

Experiments #12 through #18 are provided in the Appendix. Careful examination 

of the temperature profiles proves that significant heat losses occurred during hot 

injections in all the experiments conducted. 
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TABLE 4.8—SUMMARY OF EXPERIMENTS #8 AND #12 

 

Experiment #8 Experiment #12 

Ambient Temperature, °C 23 

Temperature of Injected Fluids, °C 30 

Oil Viscosity, mPa·s 5,712 23,769 

Pore Volume, cm
3
 38.74 37.78 

Porosity, % 38 

Permeability, Darcy 12 

Initial Oil Saturation, % PV 96.02 98.83 

Connate Water Saturation, % PV 3.98 1.17 

OOIP, cm
3
 37.2 37.3 

Injection Rate, cm
3
/min 0.2 

Total Number of Slugs Injected 24 

Water to Gas Slug Ratio 1:1 

Slug Size, %PV 10 

Total Oil Recovery, %OOIP 50.4 32.01 
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Figure 4.13—Hot WAG: effect of oil viscosity 
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4.9 Hot WAG: Effect of permeability 

The remaining experiments for this project were conducted in a fresh sandpack 

system labelled sandpack #3. The permeability of sandpack #3 was 20 D, which is 

higher than the permeability of sandpack #2 (12 D) but lower than the 

permeability of sandpack #1 (32 D). The porosity was 34%. 

The connate water in Experiment #13 was almost 10% of PV. A total of 32 slugs 

of CO2 and water (16 slugs each) were injected during this flood. The total 

injection reached almost 3.7 PV. More fluids were injected during this study 

because oil production at sufficient levels lasted longer and the cut-off value of the 

water-oil ratio was reached later in the experiment. The overall recovery was 60.7 

%OOIP (Table 4.9 and Figure 4.14). This was 10 %OOIP more than the recovery 

in Experiment #8, where a tighter sand system was used. Again, these results 

correlate well with continuous injections. It is important to note that although 

increased sandpack permeability causes oil recovery factors to rise, the increase is 

not proportional to the permeability ratio. In this case, when permeability was 

almost doubled from 12 D to 20 D, the recovery factor rose only by 25%. It is 

attributed to significant values of the capillary term in the Darcy’s equation during 

heavy oil floods. In the heavy oil systems, capillary forces are relatively high and 

should not be neglected.  
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Overall, the results suggest that permeability has a significant effect on the 

performance of any heavy oil recovery technique, and the WAG method is not an 

exception.  
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TABLE 4.9—SUMMARY OF EXPERIMENTS #8 AND #13 

 

Experiment #8 Experiment #13 

Ambient Temperature, °C 23 

Temperature of Injected Fluids, °C 30 

Oil Viscosity, mPa·s 5,712 

Pore Volume, cm
3
 38.74 37.74 

Porosity, % 38 34 

Permeability, Darcy 12 20 

Initial Oil Saturation, % PV 96.02 90.1 

Connate Water Saturation, % PV 3.98 9.9 

OOIP, cm
3
 37.2 31.3 

Injection Rate, cm
3
/min 0.2 

Total Number of Slugs Injected 24 32 

Water to Gas Slug Ratio 1:1 

Slug Size, %PV 10 

Total Oil Recovery, %OOIP 50.4 60.7 
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Figure 4.14—Hot WAG: effect of sandpack permeability 

  

20 D 

60.70 

12 D 

50.40 

0

10

20

30

40

50

60

70

0 0.5 1 1.5 2 2.5 3 3.5 4

R
F

 (
%

 O
O

IP
) 

PV Injected 



 

106 
 

4.10 Hot WAG: Effect of Injection Rate 

Experiments #15 and #16 were aimed at investigating the effect of the injection 

rate on the oil recovery factor. Two different injection rates were chosen – 0.1 

cm
3
/min and 0.4 cm

3
/min – which are twice lower and twice higher than the “base-

case” injection rate of 0.2 cm
3
/min. 

Experiment #15 was conducted in the sandpack #3 using oil sample #1. The 

injection rate for this experiment was 0.1 cm
3
/min. The connate water saturation 

was 9.2% of PV. A total of 32 slugs of CO2 and water combined resulted in 3.7 

PV of cumulative injection. The recovery factor was 64.41 %OOIP.  

As per Experiment #16, a higher injection rate was employed – 0.4 cm
3
/min. The 

connate water was about 10% of PV. A total of 16 slugs of CO2 and 16 slugs of 

water (3.7 PV of cumulative injection) recovered almost 60 %OOIP. 

Recovery profiles of Experiments #15-16 combined with Experiment #13 are 

presented in Figure 4.15. The main flood characteristics are provided in Table 

4.10. 

The results suggest that a lower injection rate slightly improved oil recovery. At 

first glance, it seems to be contrary to common beliefs. Usually, it is expected that 

a higher injection rate should yield higher recovery factors. However, Mai and 

Kantzas (2007; 2008) showed that in the case of heavy oil, lower injection rates 

recover more oil than higher rates. The authors relate this phenomenon to the 
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increased influence of the capillary forces after the breakthrough. Viscous forces 

dominate the flood before injected fluid reaches the outlet of the core. Therefore, 

once the breakthrough occurs, water and gas tend to follow existing channels, 

bypassing the remaining oil in the sandpack. On the other hand, when water/gas is 

injected at a lower rate, there is less drive for the fluids to simply flow through the 

fingers.  More time is allowed for water to imbibe into the oil-bearing portions of 

the sandpack. At the same time, CO2 also has more time to dissolve in the oil. 

Numerous laboratory experiments (Jha 1985; Dyer and Farouq Ali 1994) and field 

applications (Mohammed-Singh and Singhal 2005; Saner and Patton 1986) 

suggest that the longer CO2 is exposed to the reservoir oil, the better the recovery 

efficiency. Therefore, the combined effect of water and gas on oil during lower 

injection rates helps to improve the recovery factor of hot WAG. 
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TABLE 4.10—SUMMARY OF EXPERIMENTS #13, #15 AND #16 

 

Experiment #13 Experiment #15 Experiment #16 

Ambient Temperature, °C 23 

Temperature of Injected Fluids, °C 30 

Oil Viscosity, mPa·s 5,712 

Pore Volume, cm
3
 34.74 34.78 34.74 

Porosity, % 34 

Permeability, Darcy 20 

Initial Oil Saturation, % PV 90.1 90.82 89.95 

Connate Water Saturation, % PV 9.9 9.18 10.05 

OOIP, cm
3
 31.3 31.6 31.3 

Injection Rate, cm
3
/min 0.2 0.1 0.4 

Total Number of Slugs Injected 32 

Water to Gas Slug Ratio 1:1 

Slug Size, %PV 10 

Total Oil Recovery, %OOIP 60.7 64.41 59.68 
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Figure 4.15—Hot WAG: effect of injection rate 
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4.11 Hot WAG: Effect of Slug Ratio 

The final two experiments were designed to investigate the effect of the gas-to-oil 

slug ratio. Two injection scenarios were performed – a 1:2 CO2-to-water ratio and 

a 2:1 CO2-to-water ratio. 

Experiment #17 was performed in sandpack #3 using oil sample #1. The injection 

rate was 0.2 cm
3
/min and the slug ratio was 1:2.  One slug of CO2 was followed by 

two slugs of water of the same amount (10% of PV). Such an injection pattern was 

continued until negligible oil production and high water-cut were reached. It took 

10 cycles of injection to reach 3.45 PV of cumulative injection. The recovery 

totaled 48.94 %OOIP (Table 4.11 and Figure 4.16). 

Experiment #18 was the last experiment of the project. It was also performed in 

sandpack #2 using oil sample #1. The injection rate was 0.2 cm
3
/min and the slug 

ratio was 2:1 (gas to water ratio).  The connate water was 9.9% of PV. Similar to 

the previous experiment, 10 cycles of fluids were injected (3.45 PV of cumulative 

injection). In this experiment only, two slugs of CO2 were followed by one slug of 

water. The recovery reached 58.6 %OOIP (Table 4.11 and Figure 4.16). 
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TABLE 4.11—SUMMARY OF EXPERIMENTS #13, #17 AND #18 

 

Experiment #13 Experiment #17 Experiment #18 

Ambient Temperature, °C 23 

Temperature of Injected Fluids, °C 30 

Oil Viscosity, mPa·s 5,712 

Pore Volume, cm
3
 34.74 34.75 34.74 

Porosity, % 34 

Permeability, Darcy 20 

Initial Oil Saturation, % PV 90.1 90.59 90.1 

Connate Water Saturation, % PV 9.9 9.41 9.9 

OOIP, cm
3
 31.3 31.5 31.3 

Injection Rate, cm
3
/min 0.2 

Total Number of Slugs Injected 32 20 20 

Water to Gas Slug Ratio 1:1 1:2 2:1 

Slug Size, %PV 10 

Total Oil Recovery, %OOIP 60.7 48.94 58.63 
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Figure 4.16—Hot WAG: effect of slug ratio 
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The results suggest that a 1:1 gas-to-water ratio is the most appropriate for this 

sand-oil system. Moreover, it is the most suitable from an operational standpoint. 

An interesting observation can be made when comparing the recoveries of 

Experiments #17 and #18. Gas/water ratio of 2:1 recovered almost 10 %OOIP 

more than 1:2 ratio. This means that when the gas slug is larger, oil is better 

diluted by CO2 so that a greater amount of oil can be replaced by the same amount 

of injected water. However, CO2 is much more expensive than water, so careful 

economic analysis would be required before choosing any slug ratio for field 

implementation. 
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5. ECONOMIC ANALYSIS 

It is a matter of common knowledge in the petroleum industry that results similar 

to laboratory test results can rarely be achieved in real field applications. 

Therefore, the current study does not intend in any way to predict possible 

monetary gains for a potential exploration and development company who might 

apply Hot WAG-CO2 in actual field trials. However, relative comparison of the net 

present values (NPVs) for two of the investigated techniques (i.e., continuous 

waterflooding and WAG flooding) could give some hint of theoretical revenues 

for oil and gas companies. The decision to compare waterflooding and WAG 

flooding was based on the common application of these two improved oil recovery 

techniques in many fields around the world and in Canada in particular. 

In order to best represent a possible real life field situation, a five-spot pattern (one 

injector and four producers) was chosen for the economic analysis. Plover Lake 

pool in the North-West of Saskatchewan was chosen as a possible location of the 

pilot project. This decision was made on the basis of the similar characteristics 

between oil sample #1 and oil from this pool. Moreover, reservoir characteristics 

of Plover Lake are very similar to the sandpack properties used for the 

experiments in the current study. 

Before any economic calculations could be made, original oil in place for the 160 

acre spacing unit had to be calculated. The area of the spacing unit was chosen 

based on the common industry practice for five-spot pattern injections. According 
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to the Saskatchewan Department of Energy and Resources (SER) Reserves Data 

published on the SER’s website (http://www.er.gov.sk.ca/), the main reservoir and 

oil characteristics for the Plover Lake pool are: 

 Net pay, h of 7.3 ft 

 Average porosity, φ of 31.3% 

 Average connate water saturation, Swi of 25% 

 Production depth of 817 m 

 Oil density of 963 kg/m
3
 

 Oil formation volume factor, Bo of 1.053, res bbl/st bbl. 

Based on the above data, the OOIP of the 160 acre spacing unit can be calculated 

using the following equation: 

OOIP=7758A·h·φ(1-Swi)/Bo,                                      (5.1) 

where 

A: acres; 

h: ft; 

φ: fraction; 

Swi: fraction; and 

Bo: dimensionless. 

Substituting the numerical values, results in: 

OOIP=7758·160·7.3·0.313·(1-0.25)/1.053=2,020,086 bbl of oil in place. 

http://www.er.gov.sk.ca/
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Multiplying the OOIP value by a desired recovery factor gets the expected ultimate 

recovery (UR) in barrels of oil: 

UR=RF·OOIP.                                             (5.2) 

For the purposes of this study, several recovery factors, each for a different EOR 

technique, were chosen. The recovery factors used and the corresponding ultimate 

recoveries are presented in Table 5.1. 

If it is assumed that the theoretical pilot project would last for 15 years, average 

production each year for all EOR techniques would equal the ultimate recovery 

divided by 15 years. Once the average production on a year-to-year basis is being 

determined, one can construct a cash flow model in order to calculate the NPVs for 

every single case scenario. In addition to the ultimate recoveries and average annual 

production rates, however, one also needs to account for such factors as: 

 Amount of injected water in PVs 

 Operating expenses in $/bbl of production 

 Energy rates for heating water in $/kWh 

 CO2 utilization factor in Mscf/bbl 

 CO2 price in $/tonne, and 

 Oil price in $/bbl. 

The amount of injected water for each case scenario was assumed to be the same as 

in the corresponding laboratory experiments. The operating expenses per barrel of 
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oil production are assumed to be the same for each case scenario and equal to 

roughly $11/bbl of oil according to the Canadian Association of Petroleum 

Producers (www.capp.ca). Energy rates are the current electricity rates for oil fields 

provided by the SaskPower Crown Corporation (www.saskpower.com) – 

$0.05831/kWh. A relatively high value for the CO2 utilization factor of 10 Mscf/bbl 

of produced oil was assumed. The current constant prices for CO2 and crude oil of 

$30/tonne and $90/bbl, respectively, were used for calculations. 

Finally, using all the above mentioned data and simple economic equations in an 

EXCEL spreadsheet, the net present values at a 10% discount rate, which is the 

industry norm for this type of calculations, for each of the case scenarios were 

calculated. The results of these calculations are presented in Table 5.2 and Figure 

5.1. The detailed spreadsheet calculations are presented in Tables A1 through A6 in 

the appendix. 

Close observation of the results of this simple theoretical economic evaluation 

clearly shows that additional recovery due to Hot WAG offsets the cost of CO2 and 

heat requirements needed to heat water. Continuous waterflooding yielded the 

lowest NPV among all studied cases – $21,151,316. The highest NPV was achieved 

when WAG-30°C method was used – $34,211,649. WAG-40°C resulted in a 

slightly lower NPV at $34,109,033. It has to be noted that even though WAG-40°C, 

WAG-50°C, and WAG-60°C showed better performance in terms of cumulative oil 

recovery compared to WAG-30°C, in terms of monetary gains, the results were not 
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as good. This is attributed to the higher heat requirements needed to heat the 

injected water, which offset the small increase in recovery factor. 

To conclude, although a purely theoretical economic model was used for evaluation 

in this study, it serves as a good example of possible outcomes of different recovery 

methods in real field applications. The model can be used as an economic screening 

criterion for business decisions on the part of oil and gas companies involved in 

heavy oil recovery, specifically for comparison of waterflooding and WAG cash 

flow performance. 
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TABLE 5.1—RECOVERY FACTORS USED FOR THE ECONOMIC EVALUATION 

Case scenario Recovery Factor, % of OOIP Expected Ultimate Recovery, bbl 

Waterflood 26.26 530,475 

WAG-22°C 41.65 841,366 

WAG-30°C 50.40 1,018,123  

WAG-40°C 52.14 1,053,273 

WAG-50°C 51.07 1,031,658 

WAG-60°C 51.37 1,037,718 
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TABLE 5.2—NET PRESENT VALUES FOR EACH CASE SCENARIO 

Case Scenario RF, %OOIP NPV@10%, $ 

Waterflood 
24.61 21,151,316 

WAG-22°C 
41.65 28,716,290 

WAG-30°C 
50.40 34,211,649 

WAG-40°C 
52.14 34,109,033 

WAG-50°C 
51.07 33,267,618 

WAG-60°C 
51.37 32,771,454 
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Figure 5.1—Results of economic evaluation of the Hot WAG-CO2 technique 
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6. CONCLUSION AND RECOMMENDATIONS 

6.1 Conclusion 

The following points may be made with respect to the work completed: 

 A comprehensive literature review regarding the application of an 

immiscible CO2 flood, a conventional waterflood, and WAG-CO2 flood 

was completed. The number of immiscible CO2 injections in the world is 

increasing each year and the floods show good recoveries (in a range 

between 1 and 10% of additional OOIP). However, no thorough 

investigations with respect to hot WAG-CO2 injections are available. This 

makes the current project unique. 

 Since temperature has a huge impact on the viscosity of heavy oil, it is 

believed that hot waterflooding/hot WAG might be a viable option for thin, 

shallow heavy oil reservoirs in Saskatchewan. The degree of viscosity 

reduction is greater for heavier oils. Viscosity of oil sample #1 dropped 

from 5,712 mPa·s at 25°C to 2,134 mPa·s at 35°C. At the same time, the 

viscosity of oil sample #2 decreased from 23,769 mPa·s at 25°C to as low 

as 7,547 mPa·s at 35°C. 

 Continuous water and gas flooding experiments showed that the sequence 

of carbon dioxide and water injections has an impact on overall heavy oil 

recovery. When a waterflood was followed by a CO2 flood, the total 
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recovery factor was around 47% of OOIP for sandpack #1 (32 D) and oil 

sample #1 (5,712 mPa·s). In the case of a CO2 flood followed by 

continuous water injection, the total recovery rose to slightly more than 

52% of OOIP with respect to the same sand-oil system. Similar behaviour 

was observed for sandpack #2 (12 D) and oil sample #1 (5,712 mPa·s) – 

26.3% OOIP and 32% OOIP for the water followed by CO2 and CO2 

followed by water, respectively. It is suspected that this improvement in the 

recovery factor could be associated with the trapped gas saturation. 

Therefore, CO2 floods, performed before a waterflood should increase total 

oil recovery and reduce operating expenses. 

 Conventional WAG injections show better recoveries when compared to 

continuous water and CO2 floods, regardless of the injection sequence. The 

total oil recovery factor for the conventional WAG (22°C) was 41.7% 

OOIP. This is 10% of OOIP greater than the recovery of CO2 flood 

followed by waterflood and almost 15% of OOIP more than the recovery of 

a waterflood followed by a CO2 flood for the same sand-oil system. 

 In terms of hot WAG injections, a 30°C injected fluid temperature was 

considered to be the most efficient in terms of oil recovery and heat 

requirements. WAG-30°C recovered 50.4% of OOIP, a 10% OOIP 

improvement compared to conventional WAG. Recoveries of Hot-WAG at 
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40°C, 50°C, and 60°C were slightly higher than 50.4% OOIP. However, 

they were deemed inefficient due to significant heat losses. 

 Lower injection rate resulted in higher recovery factor. An injection rate of 

0.1 cm
3
/min recovered 64.41 %OOIP; 0.2 cm

3
/min recovered 60.7 %OOIP; 

and 0.4 cm
3
/min recovered only 59.68 %OOIP. Nevertheless, an optimum 

injection rate has to be determined for each separate project. 

 A 1:1 slug ratio was more efficient in terms of oil recovery than 2:1 or 1:2 

ratios – 60.7 %OOIP, 58.63 %OOIP, and 48.94 %OOIP, respectively. This 

is in good agreement with the results of other investigators and with the 

field results reported in the literature. Again, thorough analysis of slug ratio 

has to be conducted for any project prior to the field implementation. 

 Simplified theoretical economic model was built in EXCEL for quick 

financial assessment of waterflooding and WAG performance. The results 

of economic evaluation suggest that WAG-30°C is the “best” option in 

terms of economic benefits for the oil and gas companies. 

6.2 Recommendations 

The following recommendations are proposed for the future work:  

 Considering the fact that the sequence of the injection techniques has an 

influence on the recovery factor, it would be beneficial to both industry and 
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science to investigate this phenomenon in detail. It is suggested that this 

work is completed in terms of a separate project involving different 

sandpacks, core samples, and oil types. A different gas (nitrogen, for 

example), along with CO2, could also be used to observe which would be 

more efficient. 

 Additionally, more studies are required in terms of hot WAG injections. It is 

highly recommended to perform subsequent flooding experiments to further 

investigate the effect of such flood parameters as slug ratio, slug size, and 

injection rate on the recovery factor. 

 It is also suggested that the same hot WAG injections be conducted in an 

insulated sandpack. The results could give a hint as to the magnitude of 

recovery improvements if heat losses are overcome. 

 Pressure/volume/temperature (PVT) studies are necessary for such types of 

experiments. Results from PVT measurements would show the relative 

contribution of viscosity reduction due to an increase in temperature, 

viscosity reduction and swelling of oil due to CO2 diffusion, and effect of 

temperature on CO2 solubility, etc. 

 Finally, a large-scale experimental study and economic analysis are required 

to prove/refute the findings of the current project. Laboratory- and field-
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scale simulation would greatly add to the data analysis and comparative 

evaluation of these different EOR techniques. 
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Figure A1—Temperature profile of Experiment #12 
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Figure A2—Temperature profile of Experiment #13 
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Figure A3—Temperature profile of Experiment #14 
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Figure A4—Temperature profile of Experiment #15 

  

10

15

20

25

30

35

40

45

50

0 10000 20000 30000 40000 50000 60000

T
e
m

p
e
ra

tu
re

, 
°C

 

Time, sec 

Inlet

Outlet



 

139 
 

 
Figure A5—Temperature profile of Experiment #16 
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Figure A6—Temperature profile of Experiment #17 
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Figure A7—Temperature profile of Experiment #18
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TABLE A1—CASH FLOW CALCULATIONS FOR THE CONTINUOUS WATERFLOOD CASE SCENARIO 

Year 
Gross Oil 

BBL 
Oil Revenue 

$ 
CO2 Cost 

$ 
Boiler 

$ 
Other OpEx 

$ 
Total OpEx 

$ 
Cashflow B.I.T. 

$ 
DCF-BIT@10% 

$ 

1 33,143 2,982,859 0 0 331,429 331,429 2,651,430 2,528,039 

2 66,286 2,982,859 0 0 331,429 331,429 2,651,430 2,298,218 

3 99,429 2,982,859 0 0 331,429 331,429 2,651,430 2,089,289 

4 132,572 2,982,859 0 0 331,429 331,429 2,651,430 1,899,353 

5 165,714 2,982,859 0 0 331,429 331,429 2,651,430 1,726,685 

6 198,857 2,982,859 0 0 331,429 331,429 2,651,430 1,569,714 

7 232,000 2,982,859 0 0 331,429 331,429 2,651,430 1,427,012 

8 265,143 2,982,859 0 0 331,429 331,429 2,651,430 1,297,284 

9 298,286 2,982,859 0 0 331,429 331,429 2,651,430 1,179,349 

10 331,429 2,982,859 0 0 331,429 331,429 2,651,430 1,072,136 

11 364,572 2,982,859 0 0 331,429 331,429 2,651,430 974,669 

12 397,715 2,982,859 0 0 331,429 331,429 2,651,430 886,062 

13 430,857 2,982,859 0 0 331,429 331,429 2,651,430 805,511 

14 464,000 2,982,859 0 0 331,429 331,429 2,651,430 732,283 

15 497,143 2,982,859 0 0 331,429 331,429 2,651,430 665,712 
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TABLE A2—CASH FLOW CALCULATIONS FOR THE WAG-22°C CASE SCENARIO  

Year 
Gross Oil 

BBL 
Oil Revenue 

$ 
CO2 Cost 

$ 
Boiler 

$ 
Other OpEx 

$ 
Total OpEx 

$ 
Cashflow B.I.T. 

$ 
DCF-BIT@10% 

$ 

1 
56,091 5,048,195 884,950 0 560,911 1,445,860 3,602,335 3,434,691 

2 
112,182 5,048,195 884,950 0 560,911 1,445,860 3,602,335 3,122,447 

3 
168,273 5,048,195 884,950 0 560,911 1,445,860 3,602,335 2,838,588 

4 
224,364 5,048,195 884,950 0 560,911 1,445,860 3,602,335 2,580,534 

5 
280,455 5,048,195 884,950 0 560,911 1,445,860 3,602,335 2,345,940 

6 
336,546 5,048,195 884,950 0 560,911 1,445,860 3,602,335 2,132,673 

7 
392,637 5,048,195 884,950 0 560,911 1,445,860 3,602,335 1,938,794 

8 
448,728 5,048,195 884,950 0 560,911 1,445,860 3,602,335 1,762,540 

9 
504,819 5,048,195 884,950 0 560,911 1,445,860 3,602,335 1,602,309 

10 
560,911 5,048,195 884,950 0 560,911 1,445,860 3,602,335 1,456,644 

11 
617,002 5,048,195 884,950 0 560,911 1,445,860 3,602,335 1,324,222 

12 
673,093 5,048,195 884,950 0 560,911 1,445,860 3,602,335 1,203,838 

13 
729,184 5,048,195 884,950 0 560,911 1,445,860 3,602,335 1,094,399 

14 
785,275 5,048,195 884,950 0 560,911 1,445,860 3,602,335 994,908 

15 
841,366 5,048,195 884,950 0 560,911 1,445,860 3,602,335 904,462 
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TABLE A3—CASH FLOW CALCULATIONS FOR THE WAG-30°C CASE SCENARIO 

Year 
Gross Oil 

BBL 
Oil Revenue 

$ 
CO2 Cost 

$ 
Boiler 

$ 
Other OpEx 

$ 
Total OpEx 

$ 
Cashflow B.I.T. 

$ 
DCF-BIT@10% 

$ 

1 67,875 6,108,740 1,070,863 73,340 678,749 1,822,952 4,285,788 4,086,339 

2 135,750 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 3,717,634 

3 203,625 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 3,379,667 

4 271,500 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 3,072,425 

5 339,374 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 2,793,113 

6 407,249 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 2,539,194 

7 475,124 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 2,308,358 

8 542,999 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 2,098,507 

9 610,874 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 1,907,734 

10 678,749 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 1,734,304 

11 746,624 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 1,576,640 

12 814,499 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 1,433,309 

13 882,374 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 1,303,008 

14 950,248 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 1,184,553 

15 1,018,123 6,108,740 1,070,863 70,132 678,749 1,819,744 4,288,996 1,076,866 
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TABLE A4—CASH FLOW CALCULATIONS FOR THE WAG-40°C CASE SCENARIO 

Year 
Gross Oil 

BBL 
Oil Revenue 

$ 
CO2 Cost 

$ 
Boiler 

$ 
Other OpEx 

$ 
Total OpEx 

$ 
Cashflow B.I.T. 

$ 
DCF-BIT@10% 

$ 

1 70,218 6,319,637 1,107,834 165,014 702,182 1,975,029 4,344,607 4,142,421 

2 140,436 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 3,772,093 

3 210,655 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 3,429,175 

4 280,873 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 3,117,432 

5 351,091 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 2,834,029 

6 421,309 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 2,576,390 

7 491,527 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 2,342,173 

8 561,746 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 2,129,248 

9 631,964 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 1,935,680 

10 702,182 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 1,759,709 

11 772,400 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 1,599,736 

12 842,618 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 1,454,305 

13 912,836 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 1,322,096 

14 983,055 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 1,201,905 

15 1,053,273 6,319,637 1,107,834 157,797 702,182 1,967,812 4,351,825 1,092,641 
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TABLE A5—CASH FLOW CALCULATIONS FOR THE WAG-50°C CASE SCENARIO 

Year 
Gross Oil 

BBL 
Oil Revenue 

$ 
CO2 Cost 

$ 
Boiler 

$ 
Other OpEx 

$ 
Total OpEx 

$ 
Cashflow B.I.T. 

$ 
DCF-BIT@10% 

$ 

1 68,777 6,189,947 1,085,099 256,688 687,772 2,029,559 4,160,388 3,966,774 

2 137,554 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 3,615,890 

3 206,332 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 3,287,173 

4 275,109 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 2,988,339 

5 343,886 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 2,716,672 

6 412,663 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 2,469,701 

7 481,440 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 2,245,183 

8 550,218 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 2,041,076 

9 618,995 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 1,855,523 

10 687,772 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 1,686,839 

11 756,549 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 1,533,490 

12 825,326 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 1,394,082 

13 894,104 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 1,267,347 

14 962,881 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 1,152,134 

15 1,031,658 6,189,947 1,085,099 245,461 687,772 2,018,332 4,171,615 1,047,395 
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TABLE A6—CASH FLOW CALCULATIONS FOR THE WAG-60°C CASE SCENARIO 

Year 
Gross Oil 

BBL 
Oil Revenue 

$ 
CO2 Cost 

$ 
Boiler 

$ 
Other OpEx 

$ 
Total OpEx 

$ 
Cashflow B.I.T. 

$ 
DCF-BIT@10% 

$ 

1 69,181 6,226,309 1,091,473 348,363 691,812 2,131,648 4,094,661 3,904,106 

2 138,362 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 3,562,394 

3 207,544 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 3,238,540 

4 276,725 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 2,944,127 

5 345,906 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 2,676,479 

6 415,087 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 2,433,163 

7 484,268 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 2,211,966 

8 553,450 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 2,010,879 

9 622,631 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 1,828,071 

10 691,812 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 1,661,883 

11 760,993 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 1,510,803 

12 830,175 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 1,373,457 

13 899,356 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 1,248,597 

14 968,537 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 1,135,089 

15 1,037,718 6,226,309 1,091,473 333,126 691,812 2,116,411 4,109,897 1,031,899 


