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ABSTRACT 

With the depletion of natural driving forces responsible for pushing the oil from 

reservoirs and declining oil recovery after the secondary recovery stage, emphasis is now 

on EOR techniques. Low saline water (LSW) flooding is a type of EOR that has gained 

immense attention among researchers due to its ease of use, lower cost, and 

environmentally friendly nature. Previously, researchers have focused on the quantity and 

compatibility of water to be injected, but recently, it has been recognized that more OOIP 

can be displaced by decreasing the brine salinity. Though low salinity effects have been 

seen in various lab-scale core flooding experiments, as well as field pilot projects, the 

mechanism that actually leads to this enhancement in recovery is still an area of conflict 

among researchers. This study has been undertaken to investigate low saline flooding in 

unconsolidated Ottawa sandpack cores with two different crude oils (Weyburn and 

Pelican) to find the optimum salinity, LSW effective slug size, tertiary recovery by LSW, 

and underlying mechanisms during LSW flooding by performing unsteady state core 

flooding experiments. NaCl brine salinity was varied from 500-50,000 PPM during 

secondary coreflood to first determine the optimum salinity, which was later used in the 

tertiary recovery stage. By reducing brine salinity from 5,000 PPM to 1,500 PPM, oil 

recovery increased in the secondary stage and decreased upon reduction to 500 PPM, 

reaching a peak at 1,500 PPM. A small enhancement in tertiary recovery of 2.24% was 

observed upon switching to 1,500 PPM NaCl brine after injection of formation brine in 

the secondary stage for Weyburn oil, though large tertiary recoveries of the order of 

9.95% for effective oil viscosity of 4 cP and 7.32% for 29.7 cP were observed for n-

dodecane diluted Pelican oil. A LSW slug size of 25% pore volume was found to be 

effective in producing Weyburn oil in the secondary stage. High recovery obtained in the 
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case of 1,500 PPM NaCl brine was due to the greater water-wet nature of the sandpack, 

which was later confirmed by the intersection point of kro and krw beyond 0.6.  
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CHAPTER 1 

INTRODUCTION AND BACKGROUND 

With the decline of recovery from conventional oil reservoirs and limitations of finding 

new conventional oil pools, petroleum researchers are now focusing on new low–cost, 

environmentally friendly Enhanced Oil Recovery (EOR) techniques for sweeping the 

residual oil left behind by secondary recovery.  Low saline water (LSW) flooding is an 

EOR technique in which, by decreasing the injection water salinity (1,000-5,000 PPM) 

and choosing the specific ionic composition, residual oil saturation can be diminished by 

a significant amount in the tertiary recovery stage and, more importantly, in the 

secondary recovery stage in the early life of a reservoir. LSW is also called as smart 

water as by diluting the original formation water the new LSW water can produce higher 

oil in itself and is an established EOR technique.  LSW recovery has been proven in the 

field (Webb et al., 2004; McGuire et al., 2005; Robertson 2007; Seccombe et al., 2008, 

2010; Lager et al., 2008; Skrettingland et al., 2010; Vledder et al., 2010; Gamage and 

Thyne 2011; Abdulla et al., 2013) as well as in laboratory coreflood tests (Jadhunanadan 

and Morrow 1995; Zhou et al., 1995a; Zhou et al., 1995b; Tang and Morrow 1997; 

Morrow et al., 1998; Yildiz et al., 1999; Tang and Morrow 1999a; Tang and Morrow 

1999b; Mass et al., 2001; Robertson et al., 2003; Webb et al., 2005; Lohardo et al., 2008; 

Morrow et al., 2008;  Pu et al., 2008; Patil et al., 2008; Alotaibi et al., 2009; Boussour et 

al., 2009; Cissokho et al., 2009; Rivet et al., 2010; RezaeiDoust et al., 2010;  Kumar et 

al., 2010; Webb et al., 2008; Pu et al., 2010; Austad et al,. 2010; Gamage and Thyne 

2011; Zekri et al., 2012; Aladasani et al., 2012; Romanuka et al., 2012; Yousef et al., 

2012; Suijkerbuijk et al., 2012; Winoto et al., 2012; Zahid et al., 2012; Fathi et al., 2012; 

Zahid et al., 2012; Shiren et al., 2012;  Stukan et al., 2012; Al-Harrasi et al., 2012; Zhang 
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et al., 2012; Al-Attar et al., 2013; Nasralla et al., 2013) simultaneously by several 

researchers on frequent occasions. Several studies in the last two decades have shown 

that selecting low salinity and particular ionic compositions can improve oil recovery by 

affecting the oil/brine/rock interfaces, multicomponent ionic exchange, reduction in 

interfacial tension, pH reduction via in-situ saponification, clay migration, wettability 

alteration, double layer expansion, and emulsion formation. These processes enhance 

microscopic displacement efficiency and decrease the residual oil saturation left behind 

by secondary flood. However, though the enhanced recovery by low saline flooding is 

proven, the mechanism of this enhancement phenomenon is still debatable as researchers 

have observed different phenomena leading to recovery on different occasions. Several 

researchers have undertaken studies to quantify this behaviour of enhancement of 

recovery simultaneously in sandstone and carbonate laboratory core-flood experiments 

and found different ionic concentrations, compositions, and temperatures have different 

effects. Also, though low saline flooding has been proven widely, there have been 

instances in which investigators did not observed any enhancement in tertiary recovery 

(Sharma and Filoco 2000; Rivet et al., 2010; Skrettingland et al., 2010).  

The objective of  this study is to investigate the non-dependency of low salinity effects on 

sandstone and carbonate core surfaces, as most of the research done in this area is 

focused on reservoir cores, with determining  the  under debateable mechanisms 

responsible for low salinity EOR. This is one of the exclusive works conducted in 

sandpack for low salinity flooding. Though this study derived several conclusions listed 

in Chapter 5 but determining the effective slug size of 25 % PV for Weyburn crude oil, 

non dependency of low saline effect on sandstone carbonate core surface and finding the 
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optimum salinity (1500 PPM) where the recovery is maximum for Weyburn crude oil are 

the main highlights of this work. 

The current chapter provided an introduction to the research topic and objectives. The 

previous research conducted on low salinity EOR has been compiled in a comprehensive 

literature survey presented in Chapter 2. This is followed by a description of the 

experimental set up and the materials used in this study in Chapter 3. The results are 

shown with discussion in Chapter 4, and, finally, the project is summed up with 

conclusions and recommendations for future work in Chapter 5. 
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CHAPTER-2 

LITERATURE SURVEY 

2.1 Pioneering Attempt of Low Saline Waterflooding: 

The pioneering attempt of LSW EOR was performed by Martin (1959) when he observed 

increase in recovery of heavy oil while injecting fresh water and identified the possible 

cause as emulsification clay swelling. Bernard (1967) later reported that injection of fresh 

water or 1,000 PPM NaCl brine both in secondary and tertiary recovery stages could 

increase recovery from sandstone core containing clays, accompanied by reduction in 

permeability and high pressure drop. However, these works did not capture much 

attention from the petroleum industry at that time. Thirty years later, after identifying 

waterflood oil recovery efficiency is dependent on rock wettability, laboratory 

experiments by Morrow et al. proposed that oil recovery could be enhanced by 

modification of rock wettability, and recovery is maximal under weakly water-wet 

conditions (Jadhunanadan and Morrow, 1995) but affected by light crude oil, brine 

composition (Yildiz et al., 1996), Swi, and aging temperature (Morrow, 1987). Later in 

the same year, Buckley et al. concluded that by using low ionic strength NaCl brine 

(5,800 PPM) of varying pH (4-8), rock wettability could be altered and is more water-wet 

at high pH and less water-wet at low pH but is less impacted by pH in a clay-free 

clashach sandstone core. Three years later, Morrow et al. conducted an experimental 

study that clearly showed that wettability and waterflood recoveries are mutually 

dependent on brine composition and crude oil/rock/brine interactions. They evaluated the 

effect of four different brines: KCL, AlCl3, NaCl, and CaCl2. They observed a rise in 

breakthrough time and oil recovery with a decrease in brine concentration and valency 



5 
 

during waterflooding. By the end of 2002, it was well established through laboratory 

coreflood experiments that oil recovery is increased by injecting LSW as compared to sea 

water or high saline formation water, and this enhancement in recovery was believed to 

be the result of change in the wettability state of rock surface and erosion of clay from 

sandstone cores. 

2.2 Field and Pilot Tests Conducted on Low Saline Waterflooding. 

In 2003, Webb et al. did the first field test, choosing a Log-Inject-Log test method under 

bulk reservoir conditions. A low water rate injection well was selected, and 10-15 PV 

were flooded first with high salinity brine followed by dilute brine. They observed a 25-

50% reduction in residual oil saturation with LSW.  Two years later, McGuire et al., in 

association with BP, performed a field trial in Alaskan North Slope reservoir, choosing a 

single well Chemical Tracer test to measure residual oil saturation left behind. Their 

single well chemical tracer test clearly showed a delay in secondary tracer and ester 

injected in case of high residual oil saturation. Their injection of low saline water resulted 

in an increase in recovery of 8-19% in the field. McGuire et al. also conducted laboratory 

corefloods with Berea sandstone, crude oil, and formation brine (15,000 PPM) from a BP 

North sea field and observed a 30% rise in oil production when the base brine was diluted 

100 times.  In 2007, Robertson et al. provided additional field evidence of increase in 

oil recovery due to low saline water that matched laboratory coreflood results. Fields in 

the Power River basin of Wyoming were flooded with low saline water of 1,000 PPM 

obtained from Madison limestone or Fox Hills sandstone. They observed lower recovery 

in case of the West Semlek field as compared to North Semlek and Moran fields where 

the salinity ratio of injected water is greater, which directly corresponded with laboratory 
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coreflood results. Seccombe et al. (2010) from BP conducted coreflood and single-well 

tracer tests at Endicott field located on the north slope of Alaska to establish the 

concerned mechanism and quantify the recovery of low salinity brine. They concluded 

that a slug of 40% by pore volume is quite appropriate for recovery and project 

economics, instead of continuous low saline water injection. Pu et al. (2008) studied the 

application of injecting coal bed methane (CBM) produced water (370-1,940 PPM) for 

tertiary recovery into three sandstone cores from the Tensleep formation in Wyoming that 

were lacking in clay content. Since there is continuous production of a large amount of 

salted water (low salinity) from the coal bed methane reservoir into the production 

facility, they tested the concept of re-injecting the produced water into the reservoir, 

which could lead to environmental protection as well as increase oil recovery. The 

tertiary recovery by synthetic CBM water (1,316 PPM) ranged from 3 to 9.5%. Their 

preflushed Tensleep core with 15% HCl did not have any response during tertiary 

recovery after the dissolution of dolomite crystals, reflecting the significance of surface 

phenomena involved in LSW flooding. Vledder et al. (2010) provided another proof of 

wettability alteration from oil wet to more water-wet upon implementing low saline EOR 

technique in the Oman field in Syria. In their secondary flood, the wettability change is 

supported by the dual steps in water cut development and the measurement of direct 

connate water banking. Moreover, this field observation is also supported by spontaneous 

imbibition experiments in core flooding and a single well log-inject-log trial in a similar 

field. Skrettingland et al. (2010) conducted core flooding experiments and a pilot single 

well chemical tracer test (SWCTT) in Snorre field to measure residual oil saturation after 

sea water and LSW flooding. They observed an incremental recovery of 2% when diluted 
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sea water and low salinity brine (NaCl) was injected at reservoir low pressure conditions. 

Interestingly, the same trend was observed in both low and high pressure experiments, 

although they did not observe any low salinity effects for Lunde cores. A SWCTT pilot 

field test in the upper Stratfjord formation showed low to no effect from low salinity 

injection and was consistent with special core analysis (SCAL) experiments. 

2.3 Studies on Low Saline EOR Involved Mechanisms: 

McGuire et al. (2005) gave the first conclusions regarding the rise in recovery with LSW 

after Tang and Morrow (1999) found it to be the result of detachment of mixed wet clay 

fine adsorbed oil droplets from the surface leaving behind a more water wet lower 

surface. Mcguire et al. proposed that the enhancement in recovery through LSW is 

similar to alkaline surfactant flooding as injecting LSW results in a rise of pH (7-10) 

caused by CaCO3 dissolution and cation exchange. There is generation of in-situ 

surfactants that reduces the interfacial and surface tension responsible for holding the oil 

in the pore space and making the surface more water wet, which leads to higher 

incremental oil recovery. They observed a complete halt of EOR effects from LSW when 

they switched to low salinity brine containing divalent cations (Ca2+). Following in the 

footsteps of McGuire et al., other researchers carried out coreflood experiments in 

sandstone reservoir core to explain the mechanisms responsible for this enhanced oil 

recovery by LSW.  Lager et al. (2006) attempted to explain the movement of fines 

migration based on Deryaguin-Landau-Verwey-Overbeek (DLVO) theory of colloids 

where the movement of fines occurs whenever the injected brine concentration is less 

than or equal to the critical flocculation concentration (CFC).  
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On the contrary, however, there were numerous experiments performed by BP 

wherein no clay migration or permeability reduction were observed, though the low 

salinity effect was seen. Lager et al. concluded that cation exchange between the rock 

surface and the injected brine was the underlying mechanism responsible for increased 

recovery by LSW and identified the rise in pH, IFT reduction, emulsification, and fines 

migration as effects seen in LSW flooding rather than causes actually responsible for the 

enhancement in recovery. They believed this ion exchange mechanism explained why no 

salinity effect is seen in acidized and fired core. Lager et al. explained that low saline 

flooding cannot be akin to alkaline flooding as North Sea reservoir oil has low acid 

number (<0.05), and to generate sufficient surfactant for wettability modification, a high 

acid number (>0.2) is needed. Zang and Morrow (2006) observed a key dependence in 

recovery (% OOIP) with initial water saturation in the secondary recovery stage and rock 

properties. They, however, found no improvement in oil recovery through CS crude 

oil/Berea sandstone in the secondary stage. They observed very little rise in recovery in 

the tertiary stage using Minnelusa oil. Rezaeidoust et al. (2009) reviewed the chemical 

mechanism behind wettability modification in carbonate and sandstone reservoirs that 

actually increased recovery, with special emphasis on chemical similarities and 

differences. In their analysis, they found that carboxylic material from crude oil adsorbs 

strongly on the carbonate/calcite and can only be removed by increasing the surface 

reactivity of potential determining ions (Ca2+, Mg2+, SO2-
4 ) at high temperature with sea 

water in accordance with  a concept called multicomponent ionic exchange (MIE) similar 

to Lager et al. (2006) The recovery actually drops when the sea water is diluted because 

the activity of the potential determining ions actually drops in low saline water (2,000 
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PPM).  However, they failed to identify the role of individual potential determining ions 

in wettability modification from sandstone reservoirs by low salinity brine and proposed 

that recovery could be enhanced if the potential determining ions are present in different 

concentrations as compared to formation water.  

A few months later, in the same year, Boussour et al. added their experimental 

observations to the previous literature on low salinity EOR. In their conclusions, they 

proposed that rise in pH and clay migration/release of fines are not actually the causal 

mechanisms of additional recovery; rather, they are the results of it, but they are 

beneficial for additional recovery whenever they occur. They argued that the presence of 

kaolinite clay containing rock is not a condition under which low salinity effects are seen 

as recoveries of 9-14.7% OOIP were observed in tertiary mode. They contradicted the 

observation of Lager et al. (2006) of enhancement in recoveries with the presence of 

divalent cations in invading brine since no response was observed upon changing the low 

salinity brine composition. Boussour et al. (2009) observed no additional recoveries when 

they did core flooding experiments on different core samples from three different 

reservoirs at elevated temperature of 90°C, but they did get higher recoveries at 

temperatures of 35°C. Fathi et al. (2012) and the Austad group (2010) continued their 

research on the effects of sea water imbibition in chalk reservoirs at a high temperature 

range of 100-120°C. They experimentally verified that it is the interaction between 

potential determining ions (Ca2+, Mg2+, SO2-
4 ) and the chalk surface that is responsible 

for desorbing adsorbed carboxylic acid groups from the chalk surface leaving it more 

water wet. They modified the sea water quality by changing the NaCl concentration as 

well as salinity to see the affects during spontaneous and forced imbibitions at 100-
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120°C. They found an increase in imbibition rate and ultimate recovery of 10% OOIP 

when the sea water was depleted with NaCl compared to original sea water at high 

temperatures. On the other hand, they found a decrease in oil recovery of about 5% by 

increasing the NaCl concentration in sea water 4 times and systematic decrease upon 

diluting the sea water concentration by distilled water. Thus, they concluded that not only 

the potential determining ions (Ca2+, Mg2+, SO2-
4), but also the non active NaCl play a 

vital role in the ultimate oil recovery from chalk reservoirs. A few months later, Austad et 

al. achieved important breakthrough explaining the chemical mechanism involved in 

enhanced oil recovery in sandstone reservoirs. They suggested that at reservoir 

conditions, due to formation water with pH close to 5 (from dissolved CO2 and H2S), the 

clay surface which is absorbed by acidic and protonated basic components from crude oil 

and Ca2+ from the formation water desorbs Ca2+ from the surface upon injection of low 

saline water and is substituted by H+ ions resulting in local increase in pH around the 

brine-clay interface. The later brine-clay interface is then attacked by OH- ions resulting 

in the release of adsorbed acidic and protonated basic material from the surface. They 

concluded that to achieve the effect of low salinity injection in sandstone, intermediate 

adsorption of organic components and Ca2+ ions is needed on the clay surface, though the 

adsorption strength and required pH is different in different clays.  

By the start of 2011, Rezeaidoust et al. (2011) suggested an alternative chemical 

mechanism for low salinity effects in sandstone reservoirs. They suggested that localized 

increase in pH at the clay surface is mainly due to desorption of active cations and Ca2+. 

This increase in pH is responsible for removing acidic and basic material from the clay 

surface by ordinary acid-base reaction taking place between OH- and the adsorbed 
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protonated carboxylic acid/base at the clay surface, which increases its water wettability, 

and this is a more crucial factor than the salinity of the brine. This mechanism was based 

on the previous effects seen by other researchers in LSW flooding like the presence of 

clay in the porous medium, presence of acidic and basic components in the crude oil, and 

the presence of divalent cations in the formation water. Suijkerbuijk et al. (2013) also 

conducted experimental and coreflooding work to closely relate the potential screening of 

fields for low salinity flooding. They proposed that low salinity effects should be viewed 

in terms of surface composition and forces involved rather than bulk measurements of the 

rock as wettability alteration as a surface phenomenon. In their experimental results, they 

clearly observed wettability modification to a more water-wet state at atomic-, surface-, 

and core-scales, which led to oil improvement in core flooding. They concluded that 

double layer expansion is likely the mechanism in low salinity flooding as cation 

exchange can only occur long after breakthrough of the low salinity flooding.  

In 2009, Berg et al. gave the first proof of oil enhancement by low saline flooding 

on a microscopic scale. They conducted their experimental study by passing different 

brine concentrations over a substrate where oil droplets are placed on solidly attached 

clay particles. For their low salinity flow, they observed a massive release of oil particles 

in the order of 87% maximum and on average 80% with decomposition of 

montmorillonite clay minerals and release of fines, leading to formation damage but 

insignificant clay swelling and release of oil with high salinity brine as well as containing 

divalent ions.  

With the developments in various theories related to enhancement in oil recovery 

by low salinity water, by early 2010, Ashraf et al. investigated the role of low saline 
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waterflooding in secondary recovery processes with particular emphasis on the role of 

rock wettability and additional recovery. They conducted several core flooding 

experiments on Berea cores at room temperature with wettabilities ranging from water-

wet to oil-wet. They displaced n-decane with several salinity brines and concluded that 

the oil recovery increases as wettability changes from water-wet to neutral-wet and 

decreased further upon neutral-wet to oil-wet conditions. They observed higher recovery 

with low salinity brine compared to high salinity brine in the secondary recovery stage 

with a rise in pressure drop and drop in effective permeability. 

Another comprehensive study on the low-saline EOR technique was undertaken 

by Alotaibi et al. (2010) to evaluate the physicochemical mechanisms to optimize the low 

saline flooding in downhole conditions. They performed numerous core flooding 

experiments at high pressure and temperature under secondary and tertiary recovery 

modes and measured the contact angle to determine wettability change as the key 

parameter in low saline flooding. Synthetic brines were varied from as high as 174 kppm 

to analyze the ionic exchange. The effluent samples were scrutinized and Zeta potential 

was measured for sandstone rock and clays under varying conditions of brine strength. 

Alotaibi et al. experimentally observed the ionic exchange between clays and sandstone 

when they analyzed the effluent sample and found an ionic strength of Mg2+ ion (2370 

mg/l), which even higher than the brine concentration (1610 mg/l).   

In 2010, Robertson et al. performed further core flooding experiments analyzing 

enhanced oil recovery by low saline flooding using core samples and fluids from 

Minnelusa and Green River formations.  Interestingly, they observed little to no 

additional oil recovery at lower aging (55°C) and flooding temperature (21°C) when 
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using low salinity brine for Minnelusa fluids/Berea sandstone core compared to reservoir 

brine whereas higher aging and flooding temperature (75°C) resulted in higher recoveries 

from low saline water.  Pu et al. (2010) concluded the enhancement in oil recovery 

through low saline water was due to dissolution of anhydrite cement present in Tensleep, 

Minnelusa, and Phosphoria cores when flooded with low saline water. The low salinity 

flood gave an additional recovery of 5-8% OOIP in all the cores studied with rise in 

sulphate ion concentration of the effluent brine due to anhydrite dissolution, which was 

previously confirmed through micro X-ray CT imaging.  

Cissokho et al. (2010) conducted core flooding experiments in secondary and 

tertiary recovery modes on outcrop sandstone core containing 9.2% clay but free of 

kaolinite clay. In each experiment they measured the pH, pressure drop, brine 

composition, and recoveries.  They recorded an additional oil recovery of 10% OOIP in 

tertiary recovery stage when the brine concentration was reduced from 50,000 to 1,000 

PPM. Interestingly this recovery was obtained in kaolinite -ree sandstone core, which 

other researchers concluded to be essential for seeing low salinity effects. They observed 

a rise in recovery during secondary mode when using elevated temperatures but the same 

effect in tertiary recovery stage at moderate temperature. This oil production was mainly 

in the first three pore volumes accompanied by pH rise and pressure drop. They were able 

to deduce the low salinity brine window (2,500-1,000 PPM) outside which no additional 

recoveries were obtained.  

2.4 Low Saline Waterflooding Studies in Carbonate Cores:  

Yousef et al. (2011), through the Saudi Aramco Advanced Research Center, conducted a 

research program named as “Smart Water Flood” on the potential of LSW flooding in 



14 
 

carbonate reservoirs to investigate the impact of salinity and ionic composition. They 

recorded significant oil recovery by altering the salinity and ionic composition of 

injection brine, which later affected the rock wettability. Their sea water (57,600 PPM) 

injection gave an oil recovery of 74% in the secondary stage followed by an incremental 

recovery of 8.5%, 10%, and 1% with twice dilution (30,000 PPM), 10 times dilution, and 

20 times dilution, respectively, in each stage, and, interestingly, final dilution of 100 

times gave no additional recovery. They, finally, proposed that the enhancement in oil 

recovery is mainly due to wettability alteration towards more a water-wet state as 

analyzed by contact angle measurement. They also studied the impacts on interfacial 

tension of LSW and found it negligible with respect to contact angle measurement, 

indicating that low saline waterflooding mainly affects fluid-rock interactions.  

Hadia et al., (2011) conducted core flooding experiments on cores from Froy field 

to evaluate the performance of low saline flooding as an enhanced oil recovery technique 

at high temperature and low pressure using synthetic formation brine and Froy crude oil. 

Three different injection brines are prepared through diluting the synthetic formation 

brine by deionized water. They got an incremental recovery of 6-14% with low saline 

waterflooding along with significant reduction in permeability of the core as the 

percentage of clay content increased.  They also performed X-ray diffraction (XRD) 

analysis and computed tomography (CT) scans to analyze the mineralogy of the 

reservoir.   They concluded that initial wetting condition is a key parameter in seeing the 

effect of low saline flooding. Yousef et al., in the same year, continued their extensive 

research on surface chemistry involved in low saline waterflooding “Smart Water Flood” 

for carbonate reservoirs to define the role of present ions, which induce wettability 
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alteration. They performed this study to optimize the injection water quality. Their study 

confirmed that 2 times and 10 times diluted sea water is quite effective in altering rock 

wettability towards more a water-wet state where these two brines provided an additional 

recovery of 7-8.5% and 9-10%, respectively. In the study, using core flooding and NMR, 

they concluded that low saline flood results in altering surface charges of the carbonate 

rock leaving the resulting surface more interactive with water molecules and is the main 

reason for wettability alteration, which was also confirmed by contact angle 

measurements.  

Austad et al. (2012) presented the results of core flooding in cores from an 

aqueous zone of limestone. They observed a tertiary recovery of 2-5% OOIP by flooding 

the core first with high salinity brine (208,940 PPM) and then with 100 times diluted 

formation water or 10 times diluted gulf sea water at 110°C. They used different injection 

brines and oils with acid numbers of 0.08, 0.34, and 0.70 mg KOH/g. The low salinity 

effect was found to be increased with increase in acid number, but no effect was seen in 

chalk core free of anhydrite. They concluded that the mechanism for this enhanced oil 

recovery by low saline flooding is similar to wettability modification by sea water 

discussed in their previous papers. They gave a useful conclusion that the presence of 

anhydrite in the rock formation helps in recovery with diluted sea water or produced 

water over high salinity brine.  

Jafar Fathi et al. (2012) evaluated the efficiency of “smart water” (low saline) and 

discussed it for a carbonate reservoir in the temperature range of 70-120°C.  They 

observed an increase in oil recovery of 5-10% OOIP by removing non-active salt NaCl 

from injected sea water for the case of spontaneous imbibition. They observed a decrease 
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in oil recovery by diluting sea water with distilled water to the range of 1,000-2,000 

PPM, which was attributed to the decrease in active ion (Ca2+, Mg2+, SO4
2-) 

concentration. On the other hand, the depleted sea water with NaCl is altered with 

increase in SO4
2- concentration and the oil recovery is enhanced by 5-18% OOIP. They 

observed an increase in water-wet fraction orderly upon imbibing sea water; sea water 

depleted in NaCl and depleted NaCl spiked in SO4
2- ion concentration analyzed through 

chromatographic wettability test.   

Romanuka et al., (2012) conducted amott spontaneous imbibitions experiments on 

core samples from different oil bearing zones and outcrop of carbonate formations. They 

observed additional oil recovery on the order of 4-20% OOIP due to increased water 

wettability upon switching to lower ionic concentration. Stevns clint outcrop chalk core 

gave increased recovery with increase in sulphate ion concentration and did not respond 

to the decrease in ionic concentration. In their experiment, they were unable to confirm 

the dissolution of salt minerals as the underlying mechanism, as samples with and 

without evaporites gave similar recoveries with mineral dissolution in the presence of 

evaporites. Yousef et al. (2012) continued their research on carbonate reservoirs and 

conducted a reservoir condition core flooding experimental study to observe the effect of 

ionic content on oil recovery in secondary and tertiary recovery modes. They also 

presented the results of the first field application in a carbonate reservoir where seven 

saturation units reduction in residual oil saturation was achieved beyond conventional 

seawater flooding. They observed a reduction in interfacial tension (IFT) upon altering 

the salinity and ionic content of seawater. The zeta potential measurement study showed 

that injecting diluted seawater could change surface charges of carbonate rock towards a 
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more negative value, leading to more interaction with water molecules and finally 

wettability alteration. Yousef et al. concluded that dissolution of anhydrite with injection 

of seawater actually results in in-situ generation of SO4
2-, which is necessary for 

wettability alteration. They attributed the difference in recovery from two carbonate 

reservoirs under study to the differences in reservoir temperature, ionic content of initial 

formation water, oil properties, and reservoir heterogeneity.  

Zahid et al. (2012) continued the research in the field of low saline flooding for 

carbonate reservoirs by experimental coreflood study with carbonate reservoir rock and 

outcrop chalk cores. They subsequently injected various diluted versions of sea water to 

evaluate the recovery starting with undiluted sea water. They studied the oil recovery, ion 

rock interaction, and wettability changes at ambient and high temperatures. No low 

salinity effect was seen at ambient temperatures for carbonate rock as suggested in the 

literature, but an increase in pressure drop was detected. They observed a large increase 

in oil recovery at 90°C for carbonate core plugs with low salinity water along with 

increase in pressure drop due to fines migration. Interestingly, Aalborg chalk core plugs 

did not have any low salinity effects at ambient and elevated temperature. A few months 

later, Zahid et al. (2012) in a new study tried to investigate the recovery mechanism for 

low and high saline flooding. To understand how high salinity waterflooding affects 

recovery, they studied crude oil/sea water ion interactions at various temperatures, 

pressures, and sulphate ion concentrations. From their results, they concluded that 

sulphate ions may help decrease the crude oil viscosity by forming an emulsion phase 

with the increase in sulphate ion concentration when high salinity brine comes in contact 

with oil at high temperature and pressure. According to this study, this is the reason for 
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increase in oil recovery with high salinity brine besides wettability alteration. For low 

salinity flooding, they did not observed any rise in recovery for carbonate core plugs at 

room temperature but found a significant rise at 90°C with release of fines, dissolution, 

and destruction of rock particle believed to be the possible reasons for the incremental 

recovery.   

In another investigation in carbonate reservoirs, conducted by Al-Harrasi et al. 

(2012), core flooding and spontaneous imbibitions experiments were performed at 70°C 

using carbonate reservoir cores, crude oil, and synthetic brine (194,450 PPM), which was 

later diluted with distilled water in proportions of 2, 5, 10, and 100 times. They also 

measured crude oil/brine interfacial tension, which decreased only slightly (16-15 mN/m) 

upon decreasing salinity and ionic exchange at room temperature of 25°C. They observed 

an enhancement in recovery by reducing brine salinity in both core flooding (3-5% 

OOIP) and spontaneous imbibition (16-21% OOIP) experiments. The 100 times diluted 

brine gave the highest recovery and at a much faster rate. Their experiments of 

spontaneous imbibitions directly led to evidence of wettability alteration by low salinity 

brine. However, the increase in oil recovery was at a higher salinity than what was 

observed by other researchers in sandstone cores.  

Zhang and Sarma (2012) conducted tests on cores from carbonate reservoirs to 

determine the potential of low saline flooding by measuring displacement efficiency, 

wettability alteration, and optimizing brine composition at 70-120°C to resemble the 

UAE carbonate reservoirs. At 70°C, subsequent diluted sea water gave greater recovery 

than conventional high salinity sea water. They concluded that decreasing brine salinity 

and increasing sulphate ion content in injection brine could enhance oil recovery over 
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using conventional sea water and formation water at both 70 and 120°C, but decrease in 

salinity was more effective than increase in sulphate content at 70°C than at 120°C where 

they showed similar potential, indicating temperature dependence. The spontaneous 

imbibitions tests indicated that wettability is inclined towards more water-wet with low 

saline water at 70°C, but at 90°C, this effect could be triggered by either reducing brine 

salinity or increasing sulphate ion concentration of the surrounding water.  

Attar et al. (2013) presented results of core flooding tests on carbonate core 

samples taken from the Bu Hasa field in Abu Dhabi using seawater and two field-

produced water samples to evaluate the effects of change in brine salinity and ionic 

composition on the rock/brine/oil system. They first determined the optimum salinity by 

dilution, and, then, changed its composition by varying sulphate and calcium ions. They 

observed an increase in recovery from 63 to 84.5% OOIP by reducing the salinity of Um-

Eradhuma water from 197,584 to 5,000 PPM. Interestingly, their results indicated that 

increasing the sulfate ion content beyond 47 PPM had a negative impact on oil recovery. 

Their contact angle study clearly showed that decreasing the injection water salinity shifts 

the system towards intermediate wettability, although they did not find any correlation 

with interfacial tension, pH change, and oil recovery.  They found that increasing the 

Ca2+ ion concentration in injection brine results in lower oil recovery whereas increasing 

SO4
2- ion concentration produces a wettability change to a more intermediate water-wet 

condition with possible rise in recovery. 

2.5 Low Saline Waterflooding Studies in Sandstone Cores:  

Zhou et al. (2000), who were associated with Morrow and group, attempted quantifying 

spontaneous imbibitions and waterflood recovery on induced wettability in Berea 
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sandstone cores by choosing different initial water saturation and aging time. The water 

wetness was found to be decreased with aging time and initial water saturation along with 

rise in waterflood oil recovery. Zang and Morrow (2006) performed the experimental 

investigation with two consolidated reservoir cores that had permeability of 600 mD and 

were waterflooded with high salinity formation brine (29,690 PPM), low salinity brine 

(1,479 PPM), and two concentrations of NaCl. After establishing the initial water 

saturation and mixed wettability, they observed a tertiary recovery of 7-14% with low 

salinity brine compared to high salinity. Nevertheless, they observed a change in pH of 

effluent stream and pressure drop rise across the core followed by slower decline. 

However, they did not observe any clay migration in the production stream or at the oil-

water interface. Zang and Morrow did not observe any tertiary recovery with high salinity 

(8,000 PPM) NaCl brine.  They also did not observe any increase in tertiary recovery 

when crude oil was switched with mineral oil, highlighting the importance of the 

presence of acid and basic components in crude oil to achieving the low salinity effect 

even with mixed wettability cores.  

Boussour et al. (2009) conducted further laboratory experiments to analyze the 

enhancement of oil recovery by low saline water. They conducted experiments on 

outcrop sandstone with 9-10% clay content and on reservoir cores with reservoir oil. 

Their sandstone outcrop core with crude oil of the field they labelled Field A gave 

positive response in secondary and tertiary recovery stages but varied with flood 

temperature.  The same flood in pseudo reservoir conditions with a reservoir core sample 

and crude oil gave no response to LSW flooding. Boussour et al.’s results contradicted 

the experimental observations made by Tang and Morrow of clay detachment for 
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enhanced oil recovery, as they did not observe any residual oil recovery despite fines 

movement, although they did observed pore plugging and rise in pressure drop. They also 

contradicted the importance of the presence of kaolinite, as found in experiments by 

Cissokho (2009) in that they observed tertiary recoveries (15% OOIP) in kaolinite-free 

samples. The rise in pH was also contradicted as necessary for the low salinity effects, as 

Zhang (2007) observed in some cases a drop in pH to neutral pH, Pu (2008) in tensleep 

cores observed a slight change in effluent pH, and Cissokho’s (2009) experiments at 

60°C failed to show any improvement in recovery though the pH rose to as much as 10 

with low salinity enhanced recovery. 

Loahardjo et al. (2007) experimentally studied the low salinity response in four sandstone 

cores containing chert, lithic fragments, and kaolinite minerals. The recoveries were 

studied in secondary and tertiary mode with two crude oils and using brine salinities 

ranging from 350 to 35,000 PPM. The secondary oil recovery gave an additional 

recovery of 16% with 10 times diluted brine and 29% for 100 times dilution, the tertiary 

recovery gave an additional recovery of 17% with respect to low salinity brine after 

flooding with reservoir brine. However the pH of the effluent stream in their case 

remained neutral.  Continuing the investigation in laboratory coreflood experiments, Patil 

et al. (2008) carried out another coreflood experiment to evaluate the potential of low 

salinity flooding for Alaskan North Slope reservoir in secondary mode. Injection brine 

salinity was varied from reservoir brine 22,000 to 5,500 TDS. They also studied the oil-

brine-rock wettability state using the Amott-Harvey wettability index and observed a 

slight increase in index, indicating a mixed-wet to water-wet induced state with drop in 

injection water salinity. 
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Morrow and Buckley (2011) performed core flooding experiments on Berea sandstone 

cores at secondary (Swi) and tertiary (Sor) recovery stages to evaluate the performance of 

low saline water. In the secondary (Swi) stage, combinations of high salinity (HS), 

medium salinity (MS, 1/10 of HS), and low salinity (LS, 1/100 of HS) connate brine and 

injection brine were used, and the effective recovery was noted. The high salinity connate 

brine used was from Dagang oilfield brine on the order of 24,168 PPM. Interestingly, the 

recovery was maximized (80% OOIP) if LS connate brine was flooded with either HS or 

LS injection brine, indicating the influence of connate brine salinity in low saline 

flooding. On the other hand, the recovery was only 6% OOIP when a HS connate brine 

saturated core was flooded by either MS or LS injection brine. In the tertiary recovery 

stage (Sor), a differential recovery of 25% OOIP over high salinity injection brine was 

achieved.  

Nasralla et al. (2011) performed a series of core flooding experiments in outcrop Berea 

sandstone core at 212°F reservoir temperature, backflow pressure of 500 psi, overburden 

pressure of 1,000 psi, and default flow rate of 0.5cm3/min. They examined the 

performance and mechanisms involved in low saline water injection in secondary and 

tertiary recovery stages. In their experiments, they used two different oils (7.21 and 20.4 

cP), deionized water, and three different brines (5,000 to 174,000 mg/l) representing a 

Middle East reservoir. The effluent in each case was examined to see the occurrence of 

ionic exchange from the rock/fluid interface by measuring the cation concentration. The 

deionized water gave an additional recovery of 22% over sea water in the secondary 

recovery stage.  However, they did not observed any tertiary recovery with the dilution of 

brine. They concluded that ionic exchange is responsible for enhanced oil recovery from 
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low saline water as it leads to a reduction in electrostatic attraction forces between crude 

oil and rock surface by altering the rock surface charge. They ascertained the formation 

damage by low saline water and found it to be dependent on the type of oil.  

Nasralla et al. (2011) performed core flooding experiments using Berea sandstone 

core at high pressure and high temperature conditions for analyzing the effect of cation 

type and injection water salinity to identify the optimum conditions for low saline 

enhanced oil recovery in sandstone reservoirs and its impact on therock/brine interface. 

They used three different TDS brines of NaCl, CaCl2, and MgCl2 with two different 

crude oils. They measured the zeta potential at the oil/brine and rock/brine interfaces to 

see how the cation type and concentration actually changed the electrical surface charges 

and related the same to oil recovery. The effluent after each core flooding was analyzed 

using ICP-OES and a spectrophotometer to measure the ion concentration and observe all 

ionic exchange from the rock surface. The zeta potential measurement showed that Na+ 

brine changes the electrical surface charge at both the oil/brine and rock/brine surfaces to 

a massive negative charge, which leads to electrostatic repulsion between the two 

interfaces and results in wettability alteration and, hence, enhancement in oil recovery. 

Interestingly, flooding with NaCl brine gave greater recovery compared to CaCl2 and 

MgCl2 brines. The analysis of waterflooding effluent confirmed the ionic exchange taking 

place between brine and rock surface as flooding with a single cation brine leached some 

of the ions from the rock surface leading to enhancement in oil recovery. They concluded 

that type of cation in the injection brine has more influence on the additional oil recovery 

than its concentration itself.  

 



24 
 

Gamage and Thyne (2011) did an experimental study on low saline flooding in secondary 

and tertiary recovery modes in Berea outcrop sandstone core and Minnelusa sandstone 

core in single- and two-phase experiments with two types of crude oil from Minnelusa 

fields. They measured the pH and conductivity of all the effluent brines and observed 

movement of fines in Berea cores. They observed a rise in recovery in both secondary 

and tertiary recovery modes for Berea sandstone core that was higher in secondary mode. 

On the contrary, Minnelusa core showed little to no response in the tertiary recovery 

stage with low salinity brine but gave (10-22%) recovery in the secondary stage. They 

observed a rise in pH of effluent brine in both types of core by low saline flooding but to 

a greater extent in Berea core than Minnelusa core.  

 

In 2012, more extensive research in the field of low saline flooding occurred. Zekri et al. 

(2012) experimentally studied injection of high salinity water, sea water, low salinity 

water, and water containing different sulfate concentration into carbonate and sandstone 

cores from a Libyan oil reservoir. They also investigated the change of contact angle with 

respect to different brines and with time to observe the wettability alteration, which 

indicated that decreasing the salinity and increasing the sulfate content shifts the system 

toward a more water-wet condition. Interestingly, increasing the sulfate concentration had 

nearly the same effect as salinity. Sulfate concentrations of 0 and 4,048 PPM gave 

contact angles of 140° and 67°, respectively. They observed low salinity effects in 

sandstone cores even without the presence of clay, but the results improved significantly 

(additional 30%) with the presence of dolomite (Ca2+, Mg2+) sand because of ionic 

exchange by Na+ . They recovered an additional 10% because of low saline water.  
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Aladasani et al. (2012) conducted statistical analysis and simulation for a sensitivity 

study on low salinity flooding recovery mechanisms in sandstone reservoirs based on a 

data set created with 411 core flooding experiments in the literature out of which 223 

were in secondary mode and 188 in tertiary mode. They failed to generate a prediction 

model because of missing data entries regarding clay content and wettability index 

without which the confidence level was poor. Studies on low salinity flooding recovery 

mechanism through simulation predicted that in strong water-wet state the increase in oil 

relative permeability and decrease in capillary pressure in weak water-wet conditions are 

the underlying mechanisms for incremental recovery. They observed a significant 

decrease in interfacial tension at the breakthrough recovery, but this was compensated for 

by increasing oil relative permeability and decreasing contact angle.   

 

Shiran and Skauge (2012) studied low saline flooding by core flooding and systematic 

aging with crude oil at high temperature to change initial wettability state, which was 

verified by NMR. They investigated how aging time affects spontaneous imbibitions and 

Amott-Harvey and USBM wettability oil-water indices. They observed significantly 

lower increased oil recovery in aged (0.4%) neutral-wet Berea cores and 2% in weakly 

oil-wet bentheimer cores. However, they did not observe any fines production or pH or 

pressure rise. Though Berea cores have high clay content, which favours oil recovery by 

low saline flooding, the more oil-wet character of bentheimer cores was more significant 

in this particular case, giving higher recovery.  
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Suijkerbuijk et al., (2012) conducted various imbibitions experiments on Berea outcrop 

and reservoir core plugs to determine the effect of formation water, imbibing water, and 

crude oil composition on wettability and alteration in wettability by low saline flooding. 

They concluded that an increasing concentration of divalent cations in the formation 

brine makes the crude oil/brine/rock system more oil-wet and depends largely on the type 

of cation in the formation water (Na+<Mg2+<Ca2+). Interestingly, they found that 

increased oil recovery by NaCl brines in aged core plugs occurs either when the salinity 

of the imbibing brine is lower or higher than the formation brine. They found that aging 

with different composition crude oils has different impacts on the brine/rock system, 

leading to diverse wettabilities and different low salinity effects. Winoto et al. (2012) 

conducted experimental investigations on a wide range of outcrop sandstone (17) and 

carbonate (6) to see the effect of low saline water by diluting synthetic seawater to 1/20. 

They saw an average reduction in residual oil saturation in tertiary recovery of a 

magnitude of 1.5% with the maximum being 5.8% OOIP, and some cores did not show 

any response. Recleaned and reaged cores, interestingly, showed negligible to no low 

salinity effects. They found that the overall effect of the low salinity was higher for 

reservoir cores rather than outcrop cores. Furthering the research on varying brine 

salinity, Stuken and Abdallah (2012) developed a theoretical model to assess the 

individual influence of interfacial tension and wettability alteration. Their study 

concluded that surface wettability change affects (85-90%) enhanced oil recovery by 

brine salinity dilution more than change in interfacial tension (10-15%). Their results 

using a theoretical model approach agree well with conventional results using a 

glass/brine/dodecane system and four different brine systems.  
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Continuing their research on low saline flooding, Nasralla et al., (2013) tried to 

investigate the wettability alteration (primary mechanism) of low saline flooding in 

sandstone reservoirs by using the contact angle technique. They also measured zeta 

potential to explain this wettability alteration and conducted core flooding experiments in 

support of improvement in recovery. They used mica sheets to represent sandstone rock 

for contact angle measurement and corefloods with synthetic water ranging from 0 -

174,000 PPM and with two types of crude oil at different pressures and temperatures in 

Berea sandstone cores. Low saline water showed lower contact angle, indicating the 

wettability state was more water-wet for both oils. It made surface charges at both the 

rock/brine and oil/brine interfaces more negative, which resulted in repulsive forces 

between the rock and oil surfaces leading to expansion of the double layer and 

stabilization of the water film surrounding the rock with possible wettability alteration 

and rise in oil recovery. They found an increase in contact angle with the rise in either 

pressure or temperature, which also agreed with the literature. The low salinity water did 

not work for them in tertiary mode. They got a rise in recovery with reducing salinity and 

got the highest from the deionized water with the most water-wet system. They 

concluded that the wettability alteration was just an effect of low salinity brought out by 

double layer expansion but not the primary mechanism and declared double layer 

expansion to be one of the primary mechanisms in sandstone reservoirs. 

2.6 Modeling Low Saline Waterflooding: 

Jerauld et al. (2006, 2008) made the earliest modeling attempt for low salinity water 

flooding and showed its implications by demonstrating its use in coreflood and single 
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well tests and field-scale simulations, and they studied the reservoir engineering of low 

salinity floods in depth. They represented the model using low salinitydependent oil-

water relative permeability functions that resulted from wettability change. Jerauld et al. 

adopted conventional fractional flow theory to describe the process in 1-D secondary and 

tertiary low salinity flooding. The high and low salinity curves were set as inputs to the 

model. The drop in residual oil saturation was substituted as a linear function of fall in 

salinity. The shape of the relative permeability and capillary pressure was assumed to be 

linearly dependent on salinity between thresholds. Jerauld et al. suggested the concept of 

connate water movement ahead of injected water and dispersion of injected water with 

connate water.  

A second attempt at modeling low salinity flooding was conducted by Wu and Bai (2009) 

both in porous and fractured reservoirs. They treated added salt as an additional 

component to the aqueous phase and subjected it to advection, diffusion, and adsorption 

on rock surface. They considered the dependence of relative permeability, capillary 

pressure, and residual oil saturation on salinity.  Fractured rock was treated using discrete 

fracture modeling approach. They used regular and irregular grids in their reservoir 

simulator to simulate 1-D, 2-D, and 3-D injection of low salinity water. Following this, 

Wei (2010) studied, exclusively, the injection water chemistry affects in low saline 

waterflooding and the involved chemical reactions, mineral dissolution, precipitation, and 

ion exchange. Later, Mahani et al. (2011) studied low salinity flooding using analytical 

and numerical modeling tools applied in Omar (secondary flood) and Sijan (tertiary 

flood) fields. They first used an analytical model consisting of fractional flow analysis 

along with a study of scaling number to correctly choose the numerical model, such as an 
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areal model in the Omar case, where viscous forces were dominant, and a vertical model 

for the Sijan case, where gravity forces were dominant. Their low salinity model 

appropriately described the dual step water cut observed in the Omar field, and the 

history matching was reasonably good. Later in the same year, Idowu et al. tried to model 

a low salinity flood in a carbonate reservoir in the Middle East using the ECLIPSE 

simulator. Unfortunately, ECLIPSE was not able to simulate the increase in oil recovery 

due to non dependence of salt concentration on relative permeability curves in the model. 

Their analytical solution gave an additional recovery of three million and seventy-six 

thousand barrels. They recommended an injection water salinity of 1500 PPM or lower.  

 

In 2013, Abdullah et al. (2013) conducted low salinity flooding EOR SWCT tests in two 

reservoirs in the second largest and the largest clastic reservoirs in the greater Burgan 

field, Kuwait. They started an early EOR scheme to reap maximum benefits from the 

field by injecting low salinity water in peripherally in the topmost Wara reservoir. They 

concluded from their pilot injection and modeling that low salinity water is beneficial in 

recovering 23.7% remaining oil left behind by formation water injection in the good 

quality rock even with the least clay content without any loss in infectivity of the wells 

due to fines migration when the salinity was reduced from 140,000 to 5,000 PPM. They 

provided a number of recommendations to better model the tracer flow simulation used 

here. They recommended that the effects of cross flow should be included and to use the 

direct shift method created by AAR Energy. They said that good downhole flow 

measurements and temperature changes are essential for modeling. They recommended 

using ESP instead of gas-lift as it could result in tracer losses through evaporation.  
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Al-shalabi et al. (2013) investigated the mechanisms behind low salinity flooding through 

data matching in carbonate reservoirs. They used UTCHEM simulator to match the 

injected sea water and its different dilutions in their core flooding experiments. They 

predicted from their history matching analysis that wettability modification is the leading 

mechanism in low salinity flooding by changing surface charges and/or mineral 

dissolution. They concluded that altering relative permeability endpoint and Corey’s 

exponent is essential for history matching, but both water and oil endpoint relative 

permeability is more sensitive than Corey’s and, in fact, even oil endpoint relative 

permeability is more sensitive than water.   

2.7 Low Salinity Flooding in Unconsolidated Sands:  

Fu and mohanty at the university of Texas, Austin studied the effect of salinity change 

while waterflooding on oil-wet clay rich sandpacks. They flooded two set of 1’ long 

sandpacks having 8% connate water saturation and 50% porosity with either low salinity 

(1000 PPM NaCl pH 6.3) or high salinity (80000 PPM NaCl, MgCl, CaCl, KCL pH 6.2). 

Interstingly 1D flood resulted in incremental recovery of 15% and 2D with higher 

recovery as compared to high salinity flooding. The initial breakthrough brine analysis 

indicated more cation exchange compared to high salinity flood.  The relative 

permeability curve studies showed more inclination towards water-wet state for low 

salinity flooding than high salinity flooding. Bondino et al. (2013) performed several lab 

tests to identify the role of salinity, clay & pH on intitial wettability state and final 

recovery during a low saline flood. They conducted tests inside glass test tubes with 
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appropriate sand as the surrogate of rock to study oil/brine/rock interactions and a 

determinable pH range in which low salinity effect is seen. 

 

While considerable work has been done on low saline flooding, seeing the limited 

amount of work done in unconsolidated sands, there is the scope for potential further 

development. This study has been undertaken to investigate low saline flooding in 

unconsolidated Ottawa sandpack cores with two different oils, Weyburn and Pelican 

crude oils, to determine the optimum salinity and LSW slug size, as well as the 

underlying mechanisms of LSW flooding. Several core flooding experiments were 

performed under secondary as well as tertiary recovery stages by applying the unsteady 

state method discussed in the following chapter. 
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CHAPTER-3 

EXPERIMENTAL APPARATUS AND PROCEDURE 

3.1 Materials Used 

Two different crude oils were studied: Weyburn oil (~9.5 cP) and Pelican oil, where the 

Pelican oil was diluted with laboratory grade reagent n-dodecane in the ratio of 1:1 and 

1.5:1 to get an effective crude oil of viscosity of 4 cP and 29.7 cP, respectively. Weyburn 

formation water (22,775 PPM) was used for initial saturation of the sandpack and 

classified as high salinity water. Brines of different salinity were made with laboratory 

grade NaCl and with high quality RO water (~4 TDS) in the range of 500-50,000 to be 

used in sandpack flooding experiments. All the brines used for experimentation were 

characterized first by measuring pH, conductivity (S/m), viscosity (cP), and density 

(gm/cc). Table 3.1 shows the characterization details of all the brines used in this study. 

Ottawa sand was used in this study for packing the core. Table 3.2 shows the chemical 

and physical properties of the Weyburn crude oil used in this study. 
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Table 3.1 Characterization details (pH, conductivity, viscosity, and density) of all brines 
used in this study. 
Serial 
No# Type PPM pH Conductivity 

(S/m) 
Viscosity 

(cp) 
Density 

(gm/cm3) 

1 Formation 
water 22775 9.343 3.683 1.0175 1.0177 

2 Diluted FW 1500 7.748 1.391 0.8298 0.9993 
3 NaCl Brine 500 7.629 0.1547 0.9489 0.9981 
4 NaCl Brine 1000 7.676 0.1808 0.9565 0.9987 
5 NaCl Brine 1500 7.997 0.258 0.958 0.9990 
6 NaCl Brine 2000 7.643 0.351 0.9599 0.9993 
7 NaCl Brine 2500 7.604 0.4215 0.9995 0.9606 
8 NaCl Brine 5000 7.779 0.767 0.9611 1.0015 
9 NaCl Brine 50000 7.451 6.14 1.0065 1.0316 
10 RO water 4 7.924 0.0059 0.9396 0.9977 

 

Table 3.2 Chemical and Physical Properties of the Weyburn Crude oil used in this 
study.(Srivastava et al. 1999) 

Density (ambient Conditions) 866.5 Kg/m3 
Viscosity (ambient Conditions) 9.5 mPa.s 

Basic Sediment and water, Vol% 0.5 
Molecular Weight g/g mol 215 

Component Wt % 
Saturates 48.4 
Aromatics 33.5 

Resins 13.2 
Asphaltenes 4.9 

 

 

 

 

 

 

 

 

 

 



34 
 

3.2 Experimental Apparatus 

A Model 500 D syringe pump and D series pump controller supplied by ISCO were used 

in this study to inject the respective brines. The oil viscosities were measured at ambient 

conditions through DV-II + Pro viscometer supplied by Brookfield where the temperature 

was maintained through a water bath and digital polystar temperature controller supplied 

by Cole-Parmer. The crude oil was first centrifuged using a model Benchmark 2000 

centrifuge; LAB-01130; supplied by L-K Industries Inc., Houston, Texas. The weights of 

different salts were measured digitally through a Mettler PM 4,600 digital weight meter 

to prepare the brines. The pressure drop across the core was measured through a Heise, 

PM Indicator transducer. Brine pH and conductivity were measured through a 

pH/ION/COND meter supplied by HORIBA for characterizing the brine before each 

experiment. All brines were thoroughly stirred after preparation with a Cole-Parmer 

Stirrer at 40°C and later cooled down to ambient conditions before use in each 

experiment. A HANNA HI 4,522 Metre and HI 76,312 probe were used to measure the 

TDS (PPM) values of the formation water.   

 

3.3 Experimental Procedure 

The sandpack core holder is first washed and dried. The Ottawa sand is then wet packed 

in the core holder through shaking and using formation water. After filling the core fully, 

the end caps are tightened strongly using Teflon tape. The core is then put on the 

platform and steel tube pipe connections are fixed. The steel tube connection pipes are 

first checked through pressurized air for any leakage and blockage. Once the connections 
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are made, the formation water is imbibed into the sandpack through transfer cylinder by 

using an ISCO dyne model 500 D syringe pump to fully saturate the core. The core is 

fully saturated when the steady state is reached (i.e., flow rate in is equal to flow rate 

out). At this stage, the total water imbibed is measured to determine the porosity of the 

sandpack. Once the core is fully saturated, the flow rate is increased in steps, measuring 

the pressure drop across the core to identify the absolute permeability using Darcy’s law. 

After finding the absolute permeability, the formation water flow is stopped, and crude 

oil is imbibed through a different transfer cylinder to reach the connate water saturation, 

where no more formation water comes out from the sandpack, and, thus, the OOIP 

saturation is measured. Once the oil is imbibed, the sandpack is ready for the experiment. 

Next, in the secondary recovery stage experiment, particular strength NaCl brine is 

imbibed at a flow rate of 0.7 ml/min through a third transfer cylinder, and oil is produced 

initially with a mixture of oil and water after breakthrough. This NaCl brine is imbibed 

until the sandpack pore volume is flooded with 3PV, which is used as the reference for 

comparison. Meanwhile, in the tertiary stage experiments, first the sandpack is flooded 

with high salinity formation water until the oil stops flowing, which takes around 7-10 

PV, which is then followed by low salinity brine of 1,500 PPM to visualize the low 

salinity effect. The flooded fractions are simultaneously collected in graduated test tubes 

that are later centrifuged in a Centrific model 228 supplied by Fisher Scientific. The 

average pressure drop is also noted for each collected fraction, which is later used for 

plotting relative permeability curves. The corresponding fraction of oil and water 

collected upon injection of low salinity brine is then tabulated and a percentage recovery 

curve is plotted against PV of brine injected. To analyze the effective slug size of low 
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salinity brine, three experiments were conducted where 0.25, 0.5, and 1 PV of low 

salinity brine (1,500 PPM) were injected first, followed by 2.75, 2.5, and 2 PV of RO 

water, respectively, in the secondary recovery stage. To analyze the low salinity 

enhanced oil recovery that is not oil dependent, Pelican oil is also used in the tertiary 

stage experiment where the original viscosity of Pelican oil is diluted with laboratory 

grade n-dodecane in the ratio of 1:1 and 1.5:1 (Pelican oil : n-dodecane) to form  

effective oil viscosities of 4 cP and 29.7 cP, respectively. In all the flooding experiments 

it was assumed that the gravity and capillary effects are negligible which is taken assured 

using a horizontal bed for placing sandpack and using a high flowrate of 0.7 ml/min for 

displacing oil out from the sandpack respectively.  
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  Figure 3.1: Schematic diagram of experimental set up used in this study. 
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1. Fractionating Tubes   2. Core Holder containing Sandpack   3. Heise Differential 
Pressure Transducer   4. Transfer Cylinder Containing Brine   5. Transfer Cylinder 
Containing Formation water   6. Transfer Cylinder Containing Oil   7. Isco Model 500 
D Syringe Pump. 
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CHAPTER-4 

RESULTS AND DISCUSSION 

4.1 Sandpack Permeability Measurement: 

The sandpack inside the core is first saturated with formation water to replicate the 

reservoir behaviour. Once the sandpack is fully saturated, the flow rate of brine is varied 

sequentially and pressure drop across sandpack is measured. Later, using Darcy’s Law, a 

curve is plotted to find the sandpack permeability from the slope. 

 

 

 

where Area of sandpack , A = 14.1835 cm2; Length of sandpack, L = 15.0729 cm; P∆ = 

Pressure drop, atm. =q  Flow rate; cc/sec =k  Absolute permeability, Darcy; Formation 

water viscosity µ = 1.017469 cP  
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Table 4.1 Flow rate, pressure drop and permeability values used for finding the absolute 
permeability. 

Flow rate 
(cm3/sec) 

q/A 
(cm/sec) P1 (Kpa) P2(Kpa) ∆ P(atm) ∆P/L (atm/cm) 

0.032 0.002 1.315 0.050 0.012 0.001 
0.051 0.004 1.690 0.050 0.016 0.001 
0.071 0.005 2.055 0.100 0.019 0.001 
0.105 0.007 2.838 0.100 0.027 0.002 
0.155 0.011 3.847 0.100 0.037 0.002 
0.140 0.010 3.460 0.100 0.033 0.002 
0.197 0.014 4.713 0.000 0.047 0.003 

 

 Thus the absolute value of permeability, k (darcy)  = 4.3174Darcy 

 

Figure 4.1: Straight line plot of q/A vs. ∆ P/L to interpret the absolute permeability of the 
sandpack 
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4.2 Secondary Waterflooding: 

 The secondary waterflooding with different concentration NaCl brines, formation water, 

(FW) and RO water brought different recoveries presented in Table 4.2. An interesting 

trend was observed upon decreasing the NaCl brine concentration from 5,000 to 1,500 

PPM where the secondary oil recovery at the end of 3 PV is enhanced from 64.58 % to 

74.98 % marking a rise in recovery of 10.4 %, though 2-8 % OOIP was observed by 

Gamage and Thyne (2011). This recovery later falls from 74.98 % to 72.24 % upon 

decreasing the NaCl brine concentration further from 1,500 PPM to 500 PPM. This trend 

shows the LSW optimum concentration of NaCl ions, which changes the wettability state 

from a more oil-wet to water-wet state. The 1500 PPM brine, run 4 is repeated to check 

the reproducibility of the result which gave an error of 1.08 %. A high recovery on the 

order of 71.54 % is observed at 50,000 PPM NaCl brine concentration, which is unusual 

since the recoveries actually increase with the decrease in brine concentration. This high 

recovery points towards a different interfacial phenomenon acting that is actually 

different from the LSW effect. The recovery with 22,775 PPM formation water is higher 

than any brine excluding 1,500 PPM optimum concentration indicating that it is the 

presence of different salt ions in FW that actually helps make the Ottawa sand more 

water-wet than NaCl for salinities, which is different than 1,500. RO water has also acted 

well in brining recovery at 3 PV of the order of 71.94 % but is only 0.4% higher than 

50,000 PPM and less than other brines used in this study. The high recovery on the order 

of 73.73% obtained by injecting formation water brine of 22,775 PPM in the sandpack 

where the connate brine is also of the same quality is actually 23.73% higher in recovery 

as seen by Morrow and Buckley (2011) where injecting high salinity (HS) brine in HS 
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connate water core gave 50% recovery with Dagang crude oil in Berea sandstone core 

with Dagang oilfield brine of 24,168 PPM. Though Morrow and Buckley did not 

mentioned the recoveries obtained by injecting extra-high salinity brine in HS connate 

water core, we can see from our results that high recovery of the order of 71.54 % could 

be obtained with 50,000 PPM NaCl brine, which is higher than the least effective 5,000 

PPM NaCl Brine and slightly better than diluted FW (1,500 PPM).  A standard 

comparative order of 3 PV was chosen for injection in the secondary recovery stage 

experiments as most of the oil recoveries are obtained in this range (Cissokho et al. 

2010). Interestingly, the maximum recovery obtained at the optimum low salinity brine 

concentration of 1,500 PPM is in the range observed by Cissokho et al. (2010) (2,500-

1,000 PPM), Idowu et al. (2011), and Zhang and Morrow (2007), where they observed 

the highest recovery at 1,500 PPM NaCl brine in the tertiary recovery stage. All these 

recoveries have been obtained in clay-free Ottawa sandpacks, but the presence of clay has 

been shown to beneficial by other researchers.        
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Table 4.2: Type of brine concentrations used for Runs 1-9 and the individual porosity, 
connate water saturation, pore volume, and secondary recovery achieved at the end of 3 
PV injection. 

 

Run 
No 
# 

Brine type PPM 
concentration 

Porosity 
Φ% 

Connate 
water 

saturation, 
% 

Pore 
volume, 

cm3 

Secondary 
recovery % 

OOIP @ 3PV 

1 RO 4 37.32 20.11 79.8 71.94 
2 NaCl 500 37.51 8.72 80.2 72.24 
3 NaCl 1000 37.47 7.80 80.1 72.33 
4 NaCl 1500 37.56 15.85 80.3 74.98 
5 NaCl 2500 37.23 9.17 79.6 73.43 
6 NaCl 5000 37.3 9.46 79.75 64.58 
7 NaCl 50000 37.65 15.28 80.5 71.54 

8 Formation 
water 22775 37.42 9.25 80 73.73 

 

9 
Diluted 

formation 
water 

1500 36.01 18.18 77 71.47 

 

 

Figure 4.2: % Recovery at the end of 3 PV with different concentrations of NaCl brine 
used from 500-50,000 PPM, RO, FW, and diluted FW.  
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Table 4.3: Tabulated values of pressure drop, water fraction, % recovery, PV injected, and 
PV oil produced for secondary flooding with RO water. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) 

PV 
Injected 

cum oil 
prod. 
(cm3) 

% 
recovery 
(OOIP) 

PV oil 
prod. 

0.450 3.190 3.190 0.000 0.000 6.190 0.077 3.190 4.987 0.040 
0.456 3.100 3.100 0.000 0.000 9.010 0.112 6.290 9.833 0.078 
0.456 2.880 2.880 0.000 0.000 11.580 0.144 9.170 14.335 0.114 
0.447 2.980 2.980 0.000 0.000 14.440 0.180 12.150 18.993 0.152 
0.440 2.900 2.900 0.000 0.000 17.030 0.212 15.050 23.527 0.188 
0.425 2.920 2.920 0.000 0.000 19.830 0.247 17.970 28.091 0.224 
0.410 2.900 2.900 0.000 0.000 22.350 0.279 20.870 32.625 0.260 
0.398 2.920 2.920 0.000 0.000 25.150 0.314 23.790 37.189 0.297 
0.387 3.100 3.100 0.000 0.000 28.040 0.350 26.890 42.035 0.335 
0.392 3.200 3.200 0.000 0.000 31.080 0.388 30.090 47.038 0.375 
0.400 3.200 1.950 1.250 39.063 34.240 0.427 32.040 50.086 0.400 
0.412 3.800 0.900 2.900 76.316 37.800 0.472 32.940 51.493 0.411 
0.408 4.300 0.750 3.550 82.558 41.900 0.523 33.690 52.665 0.420 
0.403 6.750 0.850 5.900 87.407 48.350 0.603 34.540 53.994 0.431 
0.397 7.680 0.880 6.800 88.542 54.100 0.675 35.420 55.370 0.442 
0.396 8.490 0.890 7.600 89.517 63.650 0.794 36.310 56.761 0.453 
0.379 9.400 0.800 8.600 91.489 72.860 0.909 37.110 58.012 0.463 
0.365 9.600 0.700 8.900 92.708 82.350 1.027 37.810 59.106 0.472 
0.368 8.400 0.750 7.650 91.071 90.750 1.132 38.560 60.278 0.481 
0.368 8.500 0.550 7.950 93.529 99.050 1.236 39.110 61.138 0.488 
0.355 9.000 0.700 8.300 92.222 107.770 1.345 39.810 62.232 0.497 
0.351 8.700 0.600 8.100 93.103 116.460 1.453 40.410 63.170 0.504 
0.345 8.400 0.500 7.900 94.048 124.560 1.554 40.910 63.952 0.510 
0.343 8.900 0.500 8.400 94.382 133.190 1.662 41.410 64.733 0.517 
0.328 10.500 0.600 9.900 94.286 143.610 1.792 42.010 65.671 0.524 
0.331 9.980 0.480 9.500 95.190 153.390 1.914 42.490 66.422 0.530 
0.319 9.200 0.450 8.750 95.109 162.290 2.025 42.940 67.125 0.536 
0.322 9.800 0.400 9.400 95.918 172.140 2.148 43.340 67.751 0.541 
0.322 9.700 0.450 9.250 95.361 181.790 2.268 43.790 68.454 0.546 
0.323 9.350 0.450 8.900 95.187 190.810 2.381 44.240 69.157 0.552 
0.316 9.700 0.400 9.300 95.876 200.530 2.502 44.640 69.783 0.557 
0.325 9.900 0.350 9.550 96.465 210.380 2.625 44.990 70.330 0.561 
0.320 10.700 0.360 10.340 96.636 221.130 2.759 45.350 70.893 0.566 
0.316 9.400 0.350 9.050 96.277 230.470 2.875 45.700 71.440 0.570 
0.313 9.700 0.310 9.390 96.804 239.950 2.994 46.010 71.924 0.574 
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From now onwards, all the data tables are presented in the appendix. 

The % recovery curve in Figure 4.3 shows the oil recovery increases steeply with 

injection of RO water until 0.39 PV injections as before then, oil only flows following a 

straight line trend, which is followed by breakthrough at 0.43 PV and the % recovery 

curve slope changes from a straight line to a polynomial. After breakthrough, the 

recovery increases moderately with each PV injection, reaching a value of 71.94% at 3 

PV injection. In Figure 4.4, showing relative permeability plots, it has been observed that 

the kro and krw curves are intersecting at a Sw value of 0.58, giving a common value of 

0.09 for both kro and krw.  In Figure 4.5, the pressure drop is normalized by dividing by 

the initial pressure drop and is then plotted against the pore volumes of RO water injected 

for 3 PV. Seeing the profile, it is observed that the normalized pressure drop increases 

and first reaches a maximum of 1.014 at a PV of 0.144 but starts decreasing until 0.35 PV 

is reached and increases later on the verge of 0.39 PV just before breakthrough of water 

at 0.43 PV, which keeps increasing just after breakthrough until 0.92 at 0.47 PV. Later, 

the pressure drop profile starts decreasing continuously with in-between minor rises and 

drops until the injection of 3 PV. Observing the pressure drop profile, it has been clearly 

noted that the second large peak in pressure drop profile onset is the water breakthrough 

during core flooding. The water cut profile obtained during injection of RO water is 

shown in figure 4.6 where the % water cut curve becomes parallel to x axis near the end 

of 3 PV showing a continous high water cut in effluent. For rest of the cases the % water 

cut values are tabulated in appendix respectively.  
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Figure 4.3: % Recovery at the end of 3 PV with RO water used in secondary recovery 
mode.  

 

Figure 4.4: Relative permeability curves (kro and krw) for RO water injection at the end 
of 3 PV.  
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Figure 4.5: Pressure drop / Initial pressure drop profile vs. pore volumes of RO water 
injection. 

 

Figure 4.6: % Water cut vs. PV of RO water injected during flooding 
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The % recovery curve in Figure 4.7 shows the oil recovery increases steeply with 

injection of 500 PPM NaCl brine until 0.437 PV injections as before then, only oil flows 

following a straight line trend, which is followed by breakthrough at 0.473 PV, and the % 

recovery curve slope changes from a straight line to a polynomial. After breakthrough, 

the recovery increases moderately with each PV injection reaching a value of 72.24 % at 

3 PV injection. In Figure 4.8 showing relative permeability plots, it is observed that the 

kro and krw curves are intersecting at a Sw value of 0.56, giving a common value of 0.09 

for both kro and krw. In Figure 4.9, the normalized pressure drop profile is plotted 

against the pore volumes of 500 PPM NaCl brine injected for 3 PV. Seeing the profile, it 

can be interpreted that the pressure drop increases and first reaches a maximum of 1.082 

at a PV of 0.164 and, then, starts decreasing until a PV of 0.403 but increases later on the 

verge of 0.437 PV just before breakthrough of water at 0.473 PV, which later falls to 

0.874 at 0.562 PV. The later pressure drop profile starts decreasing continuously with in-

between minor rises and drops until the injection of 3 PV. Observing the pressure drop 

profile, it has been clearly noted that the second peak in the pressure drop profile is the 

onset of water breakthrough during core flooding.  
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Figure 4.7: % Recovery at the end of 3 PV with 500 PPM NaCl brine used in secondary 
recovery mode.  

 

 

Figure 4.8: Relative permeability curves (kro and krw) for 500 PPM NaCl brine injection 
at the end of 3 PV. 
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Figure 4.9: Pressure drop / initial pressure drop profile vs. pore volumes of 500 PPM 
brine injection. 
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The % recovery curve in Figure 4.10 shows the oil recovery increases steeply with 

injection of 1,000 PPM NaCl brine until 0.499 PV injections as before then, only oil 

flows following a straight line trend, which is followed by breakthrough at 0.542 PV, and 

the % recovery curve slope changes from a straight line to a polynomial. After 

breakthrough, the recovery increases moderately with each PV injection, reaching the 

value of 72.33 % at 3 PV injection. In Figure 4.11, showing relative permeability plots, it 

has been observed that the kro and krw curves are intersecting at a Sw value of 0.57 

giving a common value of 0.09 for both kro and krw. In Figure 4.12, the normalized 

pressure drop profile is plotted against the pore volumes of 1,000 PPM NaCl brine 

injected for 3 PV. Seeing the profile, it can be interpreted that the pressure drop increases 

first but minutely reaches a maximum of 1.001 at a PV of 0.106 and, then, starts 

decreasing until a PV of 0.377 and increases later on the verge of 0.412 PV followed by 

another drop to 0.751 at 0.499 and a further rise at 0.542 PV to 0.787 at breakthrough of 

water at 0.542 PV, but it later falls to 0.765 at 0.599 PV. Later, the pressure drop profile 

starts decreasing continuously with in-between minor rises and drops until the injection 

of 3 PV. Observing the pressure drop profile, it has been clearly noted that the third peak 

in the pressure drop profile is the onset of water breakthrough during core flooding.  
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Figure 4.10: % Recovery at the end of 3 PV with 1,000 PPM NaCl brine used in 
secondary recovery mode.  

 

Figure 4.11: Relative permeability curves (kro and krw) for 1,000 PPM NaCl brine 
injection at the end of 3 PV. 
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Figure 4.12: Pressure drop / initial pressure drop profile vs. pore volumes of 1,000 PPM 
brine injection. 
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The % recovery curve in Figure 4.13 shows the oil recovery increases steeply with 

injection of 1,500 PPM NaCl brine until 0.445 PV injections as before then, only oil 

flows following a straight line trend, which is followed by breakthrough at 0.485 PV and 

the % recovery curve slope changes from a straight line to a polynomial. After 

breakthrough, the recovery increases moderately with each PV injection reaching a value 

of 74.98 % at 3 PV injection. In Figure 4.14 showing the relative permeability plots, it is 

observed that the kro and krw curves are intersecting at a Sw value of 0.61 giving a 

common value of 0.10 for both kro and krw. In Figure 4.15, the normalized pressure drop 

profile is plotted against the pore volumes of 1,500 PPM NaCl brine injected for 3 PV. In 

the profile, the pressure drop increases first from 1 and, then, reaches a maximum of 

1.081 at a PV of 0.184, starts decreasing until a PV of 0.485 where breakthrough occurs, 

and increases later to 0.9375 at 0.53 PV. Later, pressure drop profile starts decreasing 

continuously with in-between minor rises and drops until the injection of 3 PV. 

Observing the pressure drop profile, it is clearly noted that the second peak in the 

pressure drop profile is the onset of water breakthrough during core flooding.  
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Figure 4.13: % Recovery at the end of 3 PV with 1,500 PPM NaCl brine used in 
secondary recovery mode.  

 

 

Figure 4.14: Relative permeability curves (kro and krw) for 1,500 PPM NaCl brine 
injection at the end of 3 PV. 
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Figure 4.15: Pressure drop / initial pressure drop profile vs. pore volumes of 1,500 PPM 
brine injection. 
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The % recovery curve in Figure 4.16 shows that the oil recovery increases steeply with 

injection of 2,500 PPM NaCl brine until 0.438 PV injections as before then, only oil 

flows following a straight line trend, which is followed by breakthrough at 0.476 PV, and 

the % recovery curve slope changes from a straight line to a polynomial. After 

breakthrough, the recovery increases moderately with each PV injection reaching a value 

of 73.43% at 3 PV injection. . In Figure 4.17, showing the relative permeability plots, it is 

observed that the kro and krw curves are intersecting at a Sw value of 0.58 giving a 

common value of 0.08 for both kro and krw. In Figure 4.18, the normalized pressure drop 

profile is plotted against the pore volumes of 2,500 PPM NaCl brine injected for 3 PV. 

The profile is interpreted as the pressure drop increases first and reaches a maximum of 

1.007 at a PV of 0.13 and, then, starts decreasing until a PV of 0.40 and increases later on 

the verge of 0.438 PV just before breakthrough of water at 0.476 PV, which keeps 

increasing to 0.928 at a PV of 0.667 followed by a fall to 0.90 at 0.80 PV. Later, the 

pressure drop profile starts decreasing continuously with in-between minor rises and 

drops until the injection of 3 PV. Observing the pressure drop profile, it is clearly noted 

that the second peak in the pressure drop profile is the onset of water breakthrough during 

core flooding 

 

 



57 
 

 

Figure 4.16: % Recovery at the end of 3 PV with 2,500 PPM NaCl brine used in 
secondary recovery mode.  

 

Figure 4.17: Relative permeability curves (kro and krw) for 2,500 PPM NaCl brine 
injection at the end of 3 PV. 
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Figure 4.18: Pressure drop / initial pressure drop profile vs. pore volumes of 2,500 PPM 
brine injection. 
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The % recovery curve in Figure 4.19 shows the oil recovery increases steeply with 

injection of 5,000 PPM NaCl brine until 0.44 PV injections as before then, only oil flows 

following a straight line trend, which is followed by breakthrough at 0.485 PV, and the % 

recovery curve slope changes from a straight line to a polynomial. After breakthrough, 

the recovery increases moderately with each PV injection reaching a value of 64.58 % at 

3 PV injection. In Figure 4.20, showing the relative permeability plots, it is observed that 

the kro and krw curves are intersecting at a Sw value of 0.49 giving a common value of 

0.08 for both kro and krw.  In Figure 4.21, the normalized pressure drop profile is plotted 

against the pore volumes of 5,000 PPM NaCl brine injected for 3 PV. Seeing the profile, 

it is interpreted as the pressure drop starts decreasing at the start but with an initial bump 

in pressure at 0.165 PV, which later continues decreasing until the onset of water 

breakthrough at 0.483 PV where the pressure reaches 0.823. After breakthrough, the 

pressure drop increases from 0.823 to 0.937 at 0.639 PV. Later, the pressure drop profile 

starts decreasing continuously with in-between minor rises and drops until the injection 

of 3 PV. Observing the pressure drop profile, it is clearly noted that the second peak in 

pressure drop profile is the onset of water breakthrough during core flooding.  
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Figure 4.19:  % Recovery at the end of 3 PV with 5,000 PPM NaCl brine used in 
secondary recovery mode.  

 

Figure 4.20: Relative permeability curves (kro and krw) for 5,000 PPM NaCl brine 
injection at the end of 3 PV. 
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Figure 4.21: Pressure drop / initial pressure drop profile vs. pore volumes of 5,000 PPM 
brine injection. 
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The % recovery curve in Figure 4.22 shows the oil recovery increases steeply with 

injection of 50,000 PPM NaCl brine until 0.455 PV injections as before then only oil 

flows following a straight line trend, which is followed by breakthrough at 0.501 PV and 

the % recovery curve slope changes from a straight line to a polynomial. After 

breakthrough, the recovery increases moderately with each PV injection reaching a value 

of 71.54% at 3 PV injection. In Figure 4.23, showing relative permeability plots, it is 

observed that the kro and krw curves are intersecting at a Sw value of 0.56 giving a 

common value of 0.08 for both kro and krw. In Figure 4.24, the normalized pressure drop 

profile is plotted against the pore volumes of 50,000 PPM NaCl brine injected for 3 PV. 

Seeing the profile, it is interpreted as the pressure drop increases first, reaches a 

maximum of 1.018 at a PV of 0.144, and starts decreasing until a PV of 0.427 where it 

reaches 0.908 and increases later on the verge of 0.455 PV just before breakthrough of 

water at 0.501 PV to reach 1.098 followed by another peak at consecutive PV injection, 

which later falls to 1.096 at 0.626 PV. Later, pressure drop profile stars decreasing 

continuously with in-between minor rises and drops until the injection of 3 PV. 

Observing the pressure drop profile, it is clearly noted that the second peak in pressure 

drop profile is the onset of water breakthrough during core flooding.  
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Figure 4.22: % Recovery at the end of 3 PV with 50,000 PPM NaCl brine used in 
secondary recovery mode.  

 

Figure 4.23: Relative permeability curves (kro and krw) for 50,000 PPM NaCl brine 
injection at the end of 3 PV. 
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Figure 4.24: Pressure drop / initial pressure drop profile vs. pore volumes of 50,000 PPM 
brine injection. 
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The % recovery curve in Figure 4.25 shows the oil recovery increases steeply with 

injection of formation brine until 0.47 PV injections as before then, only oil flows 

following a straight line trend, which is followed by breakthrough at 0.51 PV, and the % 

recovery curve slope changes from a straight line to a polynomial. After breakthrough, 

the recovery increases moderately with each PV injection reaching a value of 73.73 % at 

3 PV injection. In Figure 4.26, showing relative permeability plots, it is observed that the 

kro and krw curves are intersecting at a Sw value of 0.58 giving a common value of 0.11 

for both kro and krw. In Figure 4.27, the normalized pressure drop profile is plotted 

against the pore volumes of 22,775 PPM formation water brine injected for 3 PV. Seeing 

the profile, interestingly, it is seen that the pressure drop profile follows a continuous 

decreasing trend from the start until a PV of 0.435 and increases later on the verge of 

0.47 PV just before breakthrough of water at 0.518 PV and later decreases just after 

breakthrough to 0.347 at 0.566 PV. Later, pressure drop profile starts decreasing 

continuously with in-between minor rises and drops until the injection of 3 PV. 

Observing the pressure drop profile, it is clearly noted that the first peak in the pressure 

drop profile marks the onset of water breakthrough.  
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Figure 4.25: % Recovery at the end of 3 PV with 22,775 PPM formation water used in 
secondary recovery mode.  

 

Figure 4.26: Relative permeability curves (kro and krw) for 22,775 formation brine 
injection at the end of 3 PV. 
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Figure 4.27: Pressure drop / initial pressure drop profile vs. pore volumes for 22,775 
PPM formation brine injection. 
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Relative Permeability Curves: 

Relative permeability curves have been plotted for each secondary flooding experiment 

performed under 3 PV injection. The relative permeability curves have been plotted using 

the graphical technique explained by Jones and Roszelle (1978), SPE 6045. Different 

equations listed in appendix, A.E1-A.E8 have been used step by step during the process. 

To find out the required slopes in equation (A.E2, A.E6) the  graphs were plotted. The 

graphs were then later fitted with appropriate equations to find the slopes at different 

cumulative pore volumes of brine injected, which were later fitted back into the equation 

converting graphical technique to an algebraic equation, finally giving the values of kro 

(A.E8) and krw (A.E7) at different saturations of water at the outlet of the core, Sw 

(outlet). From the relative permeability figures, it is observed that the intersection of kro 

and krw shifts to the extreme right 0.61 at the optimum NaCl brine concentration of 

1,500 PPM where the secondary recovery after 3 PV of brine injection is maximum. This 

shifting of the intersection point clearly indicates that the resulting sandpack is becoming 

more water-wet in the case of 1,500 PPM NaCl brine facilitating high permeability of 

residual oil. From the intersection of the relative permeability curves, it has been 

concluded that the intersection point starts shifting to the extreme right 0.61 with 

decrease in brine concentration from 5,000 PPM to 1,500 PPM and then starts decreasing 

from 0.61 to 0.56 as the brine concentration is reduced further from 1,500 to 500 PPM.  
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Comparison Of 1,500 PPM NaCl Brine With Diluted FW 1,500 PPM Brine: 

In Figure 4.28, the overall % recovery with 1,500 PPM NaCl brine at 3 PV is 74.986% 

(OOIP) and is compared against % recovery with 1,500 PPM diluted formation brine at 3 

PV equivalent to 71.47% (OOIP). The two recovery curves overlap for the initial part of 

the curve, but the % recovery with 1,500 NaCl PPM brine overtakes the latter region 

giving an ultimate recovery of 74.986% (OOIP). The recovery by NaCl brine is 3.51% 

higher than diluted FW brine compared at 3 PV of brine injection. This curve shows the 

effectiveness of single ion (NaCl) brine over multi-ion composed diluted formation brine. 

Thus, low salinity EOR is also dependent on the constituent of the brine rather than just 

the total dissolved solid (TDS) of the brine. It has been inferred from the curve where the 

connate brine is the formation water of 22,775 PPM and the injected brine is diluted 

formation water of order 1,500 PPM, the connate brine is less effective than 1,500 NaCl 

brine by 3.51 %. 

 

Figure 4.28: % Recovery comparison of 1,500 PPM NaCl brine with diluted FW 1,500 
PPM brine. 
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Comparison Of Secondary Recovery With Formation Water Brine With Diluted 
Formation Water 1,500 PPM Brine: 

In Figure 4.29, the overall % secondary recovery with formation brine, which is 81.69 % 

(OOIP), is compared against % recovery with 1,500 PPM diluted formation brine 

equivalent to 79.69 % (OOIP). The two recovery curves overlap for the initial part, but 

the % recovery with 22,775 formation brine overtakes the latter region giving the 

ultimate recovery of 81.69% (OOIP). The recovery by 22,775 formation brine is 2% 

higher than 1,500 PPM diluted FW brine. Interestingly, diluting the formation brine even 

by 1/15 times to make 1,500 PPM diluted formation brine was not able to enhance the 

secondary recovery as compared to 22,775 PPM formation brine. Thus the low salinity 

effect was not observed. This result was compared with Morrow and Buckly (2011) 

where the connate brine was Dagang oilfield brine of 24,168 PPM and the injection of 

high salinity (HS) was 24,168 PPM and 1/10 diluted medium salinity (MS) brine of 

2,416.8 PPM gave the same ultimate recovery of 50%, and the low salinity effect was not 

observed until the injection brine was diluted to 1/100 times to 241.68 PPM giving an 

ultimate recovery of 56%. However, in our case, even diluting the formation brine by 

1/15 times did not gave an increase in recovery but was actually less than with the full 

22,775 PPM formation brine by 2%.  
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Figure 4.29: Comparison of secondary recovery with formation water brine with diluted 
formation water 1,500 PPM brine. 
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4.3 Tertiary Recovery Stage Experiments: 

4.3.1 Weyburn oil:  

Tertiary stage experiments were conducted in Ottawa sand core plug first by injecting 

high salinity formation water (FW) and 22,775 PPM brine in the secondary recovery 

stage until no more oil is produced. After injecting 5.71 PV of high salinity FW brine, an 

oil recovery of 81.06% OOIP was achieved before oil ceases to flow. To make sure that 

no more oil flows, the flooding rate is increased from 0.7 ml/min to 1.5 ml/min where an 

additional 0.48 % OOIP is recovered by injecting 0.135 PV of FW. The flow rate is 

further increased from 1.5 ml/min to 3.0 ml/min whereby an additional 0.137% OOIP is 

produced by injecting 0.252 PV additional FW. Thus, at the end of 6.1 PV of FW 

injection, the recovery reached the maximum limit of 81.68% OOIP even after increasing 

flow rate. This is followed by low salinity brine of 1,500 PPM where 1.02 PV of brine is 

injected further to produce tertiary recovery of 2.24% OOIP giving a total recovery of 

83.92% at the end. The observed tertiary recovery of the order of 2.24% OOIP is lower 

compared to other researchers who have obtained tertiary recoveries in the order of 10% 

OOIP while decreasing brine salinity from 50,000 PPM to 1,000 PPM (Cissokho et al. 

2010) but in the range of 2-18% obtained by Lager et al. (2006) for 18 reservoir 

sandstones and Skrettingland et al. (2011). This may be due to the fact that the FW (high 

salinity) used in our case is already in the order of 22,775 PPM, which is more than half 

the concentration of the high salinity brine used in Cissokho experiments thereby giving 

high recoveries in the secondary stage itself. Moreover Cissokho experiments were 

performed at moderate temperature of 35°C, but in our case, they were performed at 

room temperature of 22°C. A sharp rise in recovery of 2.27% is observed at 3.53 PV 

where the recovery already reached 75.53% is due to the fact that the experiment was 
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stopped at this point and restarted after a few hours due to operational constraints, 

building pressure again and pushing the additional oil out of the sandpack. 
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Figure 4.30: % Recovery with FW used in secondary recovery mode at the end of 6.1 PV.  

 

Figure 4.31: % Recovery with FW (6.1 PV) used first in secondary recovery mode and 
followed by 1,500 PPM NaCl brine (1.2 PV) in tertiary recovery mode.  
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4.3.2 Pelican oil ~4 cPand ~29.7 cP 

Higher low salinity effect was seen in the diluted Pelican oil giving a tertiary recovery of 

9.95% for effective oil viscosity of 4 cP and a tertiary recovery of 7.32% for effective oil 

viscosity of 29.7 cP. Interestingly, up to 95.26% oil was recovered by switching from 

secondary to tertiary recovery stage for diluted Pelican Oil with 29.7 cP effective 

viscosity. In fact, 87.94% oil was recovered even in the secondary recovery stage by 

injecting 11.32 PV of formation brine (22,775 PPM). The oil flow was continuous though 

decreasing up to 11.32 PV. This was not observed for the Weyburn oil where oil ceased 

to flow after injecting 6.1 PV of formation brine giving a secondary recovery of 81.69%. 

This may be due to higher molecular weight hydrocarbons present in Pelican oil, which 

takes a longer time to produce but could be produced with formation water and NaCl 

brine. The diluting effect of Do-decane solvent plays a role in the higher recoveries 

obtained for Pelican oil in flooding.  
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Figure 4.32: % Recovery with FW used in secondary recovery mode for Pelican oil 
diluted with n-dodecane in the ratio of 1:1  

 

 

 

Figure 4.33: % Recovery with FW (6.94 PV) used first in secondary recovery mode for 
Pelican oil diluted with n-dodecane in the ratio of 1:1 followed by 1,500 PPM brine (4.17 
PV) in the tertiary recovery mode.  
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Figure 4.34:  % Recovery with FW used in secondary recovery mode for Pelican oil 
diluted with n-dodecane in the ratio of 1.5:1  

 

 

Figure 4.35: % Recovery with FW (11.32 PV) used first in secondary recovery mode for 
Pelican oil diluted with n-dodecane in the ratio of 1.5 :1 followed by 1,500 PPM NaCl 
brine (4.31 PV) in the tertiary recovery mode .  
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4.4 Slug Size Analysis: 

The following sections present various figures analyzing the effect of flooding injection 
slug size.  

4.4.1 Flooding with 0.25 PV, 1,500 PPM brine initial slug followed by 2.75 PV slug of 
RO water 

 

 

 

 

 

Figure 4.36: Combined % recovery with 0.25 PV initial slug of 1,500 PPM brine 
followed by 2.75 PV, follow up slug of RO water. 
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4.4.2 Flooding with 0.5 PV, 1,500 PPM brine initial slug followed by 2.5 PV slug of RO 
water. 

 

 

 

 

 

 

 

 

Figure 4.37: Combined % recovery with 0.5 PV initial slug of 1,500 PPM brine followed 
by 2.5 PV slug of RO water. 
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4.4.3 Flooding with 1 PV, 1,500 PPM brine initial slug followed by 2 PV slug of RO 
water. 

 

 

 

 

 

 

 

 

Figure 4.38: Combined % recovery with 1 PV initial slug of 1,500 PPM brine followed 
by 2 PV slug of RO water. 
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Seeing the recovery curves for 0.25 PV 1,500 PPM brine initial slug followed by 2.75 PV 

RO water (Figure 4.36), 0.5 PV 1,500 PPM brine initial slug followed by 2.5 PV RO 

water (Figure 4.37), and 1 PV 1,500 PPM brine initial slug followed by 2 PV RO water 

(Figure 4.38), it was found that the ultimate recovery after injecting a combined 3 PV of 

brine was highest in the case of 0.25 PV initial 1,500 PPM NaCl brine slug of a 

magnitude of 73.73% followed by 0.5 PV 1,500 PPM NaCl brine giving 72.89% 

recovery, and then 1 PV 1,500 PPM NaCl brine initial slug where only 68.51% OOIP 

was recovered. Seccombe et al. (2010) from BP single-well tracer tests at Endicott field 

located on the north slope of Alaska concluded that a slug of 40% by pore volume is 

significant better for recovery and project economics instead of continuous low saline 

water injection. Though in our case, 25% pore volume slug size was better than 50% slug 

size giving 0.84% OOIP higher recovery and 5.22% OOIP higher recovery than 100% 

slug size low saline injection. Seeing the increase in cost of almost double while going 

from a 25% pore volume slug size to 50% slug size and the decrease in recovery, it has 

been concluded that 25% pore volume slug size is the most effective from a recovery and 

project economics point of view. 
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CHAPTER-5 

CONCLUSIONS 

The following conclusions are drawn from this study: 

• The presence of clay is not necessary to see the low salinity effect as a clay-free 

Ottawa sandpack gave an enhancement in tertiary recovery of 2.24% by switching 

to 1,500 NaCl PPM brine after injecting formation brine. 

• Thus, the presence of different clays is only a positive addition supporting the 

overall low salinity mechanism making the surface more water-wet, but it is not 

necessary to see the effect. 

• The 1,500 PPM NaCl brine was most effective among compared brines for the 

secondary recovery at the 3 PV injection. 

• The effective oil recovery increased upon decreasing NaCl brine salinity from 

5,000 to 1,500 PPM and decreased upon reducing the salinity to 500 PPM. 

• Higher low salinity effect was seen in the diluted Pelican oil giving a tertiary 

recovery of 9.95% for effective oil viscosity of 4 cP and a tertiary recovery of 

7.32% for effective oil viscosity of 29.7 cP.  

• No dependence of oil recovery upon initial connate water saturation was observed 

in the experiments performed in the secondary and tertiary recovery stages. 

• No low saline enhancement in recovery was observed upon injecting diluted 

formation water brine (1/15 times) as compared to original formation water brine 

for Weyburn oil in the secondary stage.  

• NaCl brine of 1,500 PPM was more effective in producing higher recovery of the 

order of 74.986% OOIP as compared to 1/15 times diluted 1,500 PPM formation 
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water brine. The recovery by NaCl brine was 3.51% higher than diluted FW brine 

compared at 3 PV of brine injection. 

• Examining the effect of slug size, it was concluded that 25% pore volume slug 

size was better than compared 50% and 100% slug size low saline injection.  

• Keeping in mind the doubling in cost while increasing from 25% pore volume 

slug size to 50% slug size and the decrease in recovery by 0.84% OOIP, it is 

recommended that 25% pore volume slug size is most effective from a recovery 

and project economics point of view. 

• The secondary recovery at the end of 3 PV is higher only when the injected brine 

is higher in concentration (50,000 PPM) than the connate brine or or when it is 

below substantial salinity (2,500 PPM) reaching the maximum at 1,500 PPM.  

• The high recovery observed at 50,000 PPM as compared to 5,000 PPM has not 

been observed previously by any researcher because the highest salinity brine 

they used in their core flooding experiments is the formation brine, which was 

22,775 PPM in our case. The other researchers only used more diluted versions of 

high salinity brines in subsequent experiments. Even Morrow and Buckley (2011) 

did not discuss the effects of injecting ultra high salinity brine in high salinity 

connate brine, which was formation brine from Dagang oilfield brine of 24,168 

PPM.   

• The high secondary recovery of 74.98% at 3 PV injection in the case of 1,500 

PPM NaCl brine has been due to the shifting of the intersection point of kro and 

krw shifts to the extreme right (Sw = 0.61). This shifting of the intersection point 
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clearly indicates the resulting sandpack is becoming more water-wet in the case of 

1,500 PPM NaCl brine, facilitating high permeability of the oil. 

• Breakthrough of water in secondary recovery is generally marked by a second 

peak in normalized pressure drop profile vs. PV injection.  

 

RECOMMENDATIONS FOR FUTURE WORK 

• Different individual or combinations of brines (CaCl2 , MgCl2 , KCl) can be tried 

to see the particular affects of different cations (Mg2+,Ca2+, K+ etc.) present in 

respective brines on low saline EOR, other than NaCl brine. 

• The effluent of coreflooding can be analyzed by ICP-OES to identify the types of 

ions present that were absent in the invading brine and have emerged as a result of 

interaction with formation brine. This can be related to the decrease in residual oil 

saturation in respective cases. 

• The conductivity and  total dissolved solid analysis for 500 PPM (NaCl ) invading 

brine effluent during coreflooding showed a decreasing trend, reaching the final 

values corresponding to invading brine after 3 PV injection, which underscores 

that there is an interaction between invading and formation brine that should be 

verified for the other brines used.    

 

The use of different brines (CaCl2, MgCl2 , KCl) was excluded in this current work and is 

kept for future works since NaCl is the most abundant constituent of any brine. ICP-OES 

equipment is still awaited and was not available in laboratory.  
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APPENDIX 

Table A.1: Tabulated values of pressure drop, water fraction, % recovery, PV injected, 
and PV oil produced for secondary flooding with RO Water. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) PV Inj. 

cum 
oil 
prod. 
(cm3) 

% 
recovery 
(OOIP) 

PV 
oil 
prod. 

0.450 3.190 3.190 0.000 0.000 6.190 0.077 3.190 4.987 0.040 
0.456 3.100 3.100 0.000 0.000 9.010 0.112 6.290 9.833 0.078 
0.456 2.880 2.880 0.000 0.000 11.580 0.144 9.170 14.335 0.114 
0.447 2.980 2.980 0.000 0.000 14.440 0.180 12.150 18.993 0.152 
0.440 2.900 2.900 0.000 0.000 17.030 0.212 15.050 23.527 0.188 
0.425 2.920 2.920 0.000 0.000 19.830 0.247 17.970 28.091 0.224 
0.410 2.900 2.900 0.000 0.000 22.350 0.279 20.870 32.625 0.260 
0.398 2.920 2.920 0.000 0.000 25.150 0.314 23.790 37.189 0.297 
0.387 3.100 3.100 0.000 0.000 28.040 0.350 26.890 42.035 0.335 
0.392 3.200 3.200 0.000 0.000 31.080 0.388 30.090 47.038 0.375 
0.400 3.200 1.950 1.250 39.063 34.240 0.427 32.040 50.086 0.400 
0.412 3.800 0.900 2.900 76.316 37.800 0.472 32.940 51.493 0.411 
0.408 4.300 0.750 3.550 82.558 41.900 0.523 33.690 52.665 0.420 
0.403 6.750 0.850 5.900 87.407 48.350 0.603 34.540 53.994 0.431 
0.397 7.680 0.880 6.800 88.542 54.100 0.675 35.420 55.370 0.442 
0.396 8.490 0.890 7.600 89.517 63.650 0.794 36.310 56.761 0.453 
0.379 9.400 0.800 8.600 91.489 72.860 0.909 37.110 58.012 0.463 
0.365 9.600 0.700 8.900 92.708 82.350 1.027 37.810 59.106 0.472 
0.368 8.400 0.750 7.650 91.071 90.750 1.132 38.560 60.278 0.481 
0.368 8.500 0.550 7.950 93.529 99.050 1.236 39.110 61.138 0.488 
0.355 9.000 0.700 8.300 92.222 107.770 1.345 39.810 62.232 0.497 
0.351 8.700 0.600 8.100 93.103 116.460 1.453 40.410 63.170 0.504 
0.345 8.400 0.500 7.900 94.048 124.560 1.554 40.910 63.952 0.510 
0.343 8.900 0.500 8.400 94.382 133.190 1.662 41.410 64.733 0.517 
0.328 10.500 0.600 9.900 94.286 143.610 1.792 42.010 65.671 0.524 
0.331 9.980 0.480 9.500 95.190 153.390 1.914 42.490 66.422 0.530 
0.319 9.200 0.450 8.750 95.109 162.290 2.025 42.940 67.125 0.536 
0.322 9.800 0.400 9.400 95.918 172.140 2.148 43.340 67.751 0.541 
0.322 9.700 0.450 9.250 95.361 181.790 2.268 43.790 68.454 0.546 
0.323 9.350 0.450 8.900 95.187 190.810 2.381 44.240 69.157 0.552 
0.316 9.700 0.400 9.300 95.876 200.530 2.502 44.640 69.783 0.557 
0.325 9.900 0.350 9.550 96.465 210.380 2.625 44.990 70.330 0.561 
0.320 10.700 0.360 10.340 96.636 221.130 2.759 45.350 70.893 0.566 
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0.316 9.400 0.350 9.050 96.277 230.470 2.875 45.700 71.440 0.570 
0.313 9.700 0.310 9.390 96.804 239.950 2.994 46.010 71.924 0.574 
0.302 9.800 0.300 9.500 96.939 249.500 3.113 46.310 72.393 0.578 

 
 
 
 
 

Table A.2: Tabulated values of pressure drop, water fraction, % recovery, PV injected, 
and PV oil produced for secondary flooding with 500 PPM NaCl brine. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) PV Inj. 

cum 
oil 
prod. 
(cm3) 

% 
Recovery 
(OOIP) 

PV 
oil 
prod. 

0.439 2.990 2.990 0.000 0.000 5.350 0.067 2.990 4.085 0.037 
0.466 2.780 2.780 0.000 0.000 8.020 0.100 5.770 7.883 0.072 
0.474 3.000 3.000 0.000 0.000 10.660 0.133 8.770 11.981 0.109 
0.476 2.900 2.900 0.000 0.000 13.160 0.164 11.670 15.943 0.146 
0.461 2.900 2.900 0.000 0.000 15.850 0.198 14.570 19.904 0.182 
0.453 2.700 2.700 0.000 0.000 18.220 0.227 17.270 23.593 0.215 
0.445 2.900 2.900 0.000 0.000 20.900 0.261 20.170 27.555 0.251 
0.431 2.950 2.950 0.000 0.000 23.610 0.294 23.120 31.585 0.288 
0.416 2.965 2.965 0.000 0.000 26.490 0.330 26.085 35.635 0.325 
0.402 3.000 3.000 0.000 0.000 29.130 0.363 29.085 39.734 0.363 
0.390 3.500 3.500 0.000 0.000 32.370 0.404 32.585 44.515 0.406 
0.392 3.000 3.000 0.000 0.000 35.110 0.438 35.585 48.613 0.444 
0.393 3.000 2.550 0.450 15.000 38.000 0.474 38.135 52.097 0.475 
0.392 3.600 1.150 2.450 68.056 41.350 0.516 39.285 53.668 0.490 
0.384 4.000 1.100 2.900 72.500 45.120 0.563 40.385 55.171 0.504 
0.385 6.800 1.300 5.500 80.882 51.640 0.644 41.685 56.947 0.520 
0.373 8.850 1.300 7.550 85.311 60.320 0.752 42.985 58.723 0.536 
0.364 9.600 1.200 8.400 87.500 69.820 0.871 44.185 60.362 0.551 
0.349 9.600 0.950 8.650 90.104 79.280 0.989 45.135 61.660 0.563 
0.351 9.290 0.870 8.420 90.635 88.450 1.103 46.005 62.848 0.574 
0.347 9.550 1.000 8.550 89.529 97.550 1.216 47.005 64.214 0.586 
0.336 9.150 0.600 8.550 93.443 106.490 1.328 47.605 65.034 0.594 
0.331 9.700 0.500 9.200 94.845 116.050 1.447 48.105 65.717 0.600 
0.335 9.850 0.650 9.200 93.401 125.850 1.569 48.755 66.605 0.608 
0.332 9.800 0.500 9.300 94.898 135.550 1.690 49.255 67.288 0.614 
0.324 9.900 0.450 9.450 95.455 145.300 1.812 49.705 67.903 0.620 
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0.326 9.900 0.280 9.620 97.172 154.980 1.932 49.985 68.286 0.623 
0.328 10.600 0.450 10.150 95.755 165.490 2.063 50.435 68.900 0.629 
0.329 9.950 0.350 9.600 96.482 175.370 2.187 50.785 69.378 0.633 
0.318 9.850 0.350 9.500 96.447 184.990 2.307 51.135 69.857 0.638 
0.326 10.000 0.300 9.700 97.000 194.820 2.429 51.435 70.266 0.641 
0.319 10.500 0.320 10.180 96.952 205.190 2.558 51.755 70.704 0.645 
0.322 10.000 0.350 9.650 96.500 214.970 2.680 52.105 71.182 0.650 
0.323 11.200 0.250 10.950 97.768 226.250 2.821 52.355 71.523 0.653 
0.323 9.850 0.500 9.350 94.924 235.900 2.941 52.855 72.206 0.659 
0.324 10.000 0.050 9.950 99.500 246.180 3.070 52.905 72.275 0.660 

 
 
 
 
 

Table A.3: Tabulated values of pressure drop, water fraction, % recovery, PV injected, 
and PV oil produced for secondary flooding with 1,000 PPM NaCl brine. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil  
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) 

PV 
Inj. 

cum 
oil 
prod. 
(cm3) 

% 
Recovery 
(OOIP) 

PV 
oil 
prod. 

0.505 3.100 3.100 0.000 0.000 5.940 0.074 3.100 4.207 0.039 
0.505 2.900 2.900 0.000 0.000 8.570 0.107 6.000 8.142 0.075 
0.499 3.000 3.000 0.000 0.000 11.250 0.140 9.000 12.213 0.112 
0.492 3.100 3.100 0.000 0.000 14.070 0.176 12.100 16.420 0.151 
0.477 2.900 2.900 0.000 0.000 16.580 0.207 15.000 20.356 0.187 
0.455 3.100 3.100 0.000 0.000 19.370 0.242 18.100 24.562 0.226 
0.440 2.930 2.930 0.000 0.000 22.010 0.275 21.030 28.538 0.263 
0.420 2.980 2.980 0.000 0.000 24.680 0.308 24.010 32.582 0.300 
0.406 3.100 3.100 0.000 0.000 27.560 0.344 27.110 36.789 0.338 
0.392 2.980 2.980 0.000 0.000 30.210 0.377 30.090 40.833 0.376 
0.392 3.200 3.200 0.000 0.000 33.080 0.413 33.290 45.176 0.416 
0.388 3.300 3.300 0.000 0.000 36.240 0.452 36.590 49.654 0.457 
0.379 3.480 3.480 0.000 0.000 40.010 0.500 40.070 54.376 0.500 
0.398 3.500 1.000 2.500 71.429 43.480 0.543 41.070 55.733 0.513 
0.386 4.800 1.050 3.750 78.125 48.000 0.599 42.120 57.158 0.526 
0.376 7.480 1.350 6.130 81.952 55.260 0.690 43.470 58.990 0.543 
0.356 8.900 1.680 7.220 81.124 63.970 0.799 45.150 61.270 0.564 
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0.357 11.000 1.200 9.800 89.091 74.740 0.933 46.350 62.899 0.579 
0.342 9.750 0.830 8.920 91.487 84.190 1.051 47.180 64.025 0.589 
0.335 9.800 0.800 9.000 91.837 94.060 1.174 47.980 65.111 0.599 
0.342 9.500 0.500 9.000 94.737 102.780 1.283 48.480 65.789 0.605 
0.334 10.550 0.450 10.100 95.735 113.930 1.422 48.930 66.400 0.611 
0.330 10.350 0.500 9.850 95.169 124.030 1.548 49.430 67.078 0.617 
0.332 10.600 0.300 10.300 97.170 134.510 1.679 49.730 67.485 0.621 
0.332 10.100 0.480 9.620 95.248 144.240 1.801 50.210 68.137 0.627 
0.331 9.700 0.350 9.350 96.392 153.700 1.919 50.560 68.612 0.631 
0.319 10.000 0.390 9.610 96.100 163.700 2.044 50.950 69.141 0.636 
0.325 10.000 0.400 9.600 96.000 173.570 2.167 51.350 69.684 0.641 
0.320 10.100 0.300 9.800 97.030 183.360 2.289 51.650 70.091 0.645 
0.320 9.700 0.380 9.320 96.082 193.160 2.411 52.030 70.607 0.650 
0.323 9.750 0.200 9.550 97.949 198.510 2.478 52.230 70.878 0.652 
0.320 9.700 0.300 9.400 96.907 208.060 2.598 52.530 71.285 0.656 
0.322 10.200 0.330 9.870 96.765 217.990 2.721 52.860 71.733 0.660 
0.319 10.150 0.250 9.900 97.537 227.990 2.846 53.110 72.072 0.663 
0.331 9.700 0.150 9.550 98.454 237.810 2.969 53.260 72.276 0.665 
0.319 9.800 0.150 9.650 98.469 247.660 3.092 53.410 72.479 0.667 

 
 
 

Table A.4: Tabulated values of pressure drop, water fraction, % recovery, PV injected, 
and PV oil produced for secondary flooding with 1,500 PPM NaCl brine. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) 

PV 
Inj. 

cum 
oil 
prod. 
(cm3) 

% 
Recovery 
(OOIP) 

PV 
oil 
prod. 

0.418 3.600 3.600 0.000 0.000 5.470 0.068 3.600 5.341 0.044 
0.435 3.500 3.500 0.000 0.000 8.620 0.107 7.100 10.534 0.087 
0.448 3.600 3.600 0.000 0.000 11.940 0.149 10.700 15.875 0.130 
0.452 3.200 3.200 0.000 0.000 14.780 0.184 13.900 20.623 0.170 
0.440 2.900 2.900 0.000 0.000 17.390 0.217 16.800 24.926 0.205 
0.441 3.050 3.050 0.000 0.000 20.030 0.249 19.850 29.451 0.242 
0.428 2.980 2.980 0.000 0.000 22.560 0.281 22.830 33.872 0.278 
0.421 3.200 3.200 0.000 0.000 25.350 0.316 26.030 38.620 0.317 
0.399 3.970 3.970 0.000 0.000 28.950 0.361 30.000 44.510 0.366 
0.386 3.700 3.700 0.000 0.000 32.470 0.404 33.700 50.000 0.411 
0.386 3.400 3.400 0.000 0.000 35.780 0.446 37.100 55.045 0.452 
0.378 3.400 1.200 2.200 64.706 38.970 0.485 38.300 56.825 0.467 
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0.392 3.700 1.000 2.700 72.973 42.320 0.527 39.300 58.309 0.479 
0.376 4.400 0.850 3.550 80.682 46.480 0.579 40.150 59.570 0.490 
0.377 4.400 0.700 3.700 84.091 50.600 0.630 40.850 60.608 0.498 
0.366 5.380 0.780 4.600 85.502 55.780 0.695 41.630 61.766 0.508 
0.361 7.250 0.850 6.400 88.276 62.820 0.782 42.480 63.027 0.518 
0.349 8.300 0.800 7.500 90.361 70.970 0.884 43.280 64.214 0.528 
0.342 8.400 0.800 7.600 90.476 79.260 0.987 44.080 65.401 0.538 
0.331 8.450 0.650 7.800 92.308 87.630 1.091 44.730 66.365 0.545 
0.331 9.500 0.700 8.800 92.632 96.990 1.208 45.430 67.404 0.554 
0.358 9.000 0.600 8.400 93.333 105.880 1.319 46.030 68.294 0.561 
0.344 9.900 0.500 9.400 94.949 115.650 1.440 46.530 69.036 0.567 
0.331 8.900 0.500 8.400 94.382 124.380 1.549 47.030 69.777 0.574 
0.338 9.380 0.380 9.000 95.949 133.590 1.664 47.410 70.341 0.578 
0.334 9.400 0.500 8.900 94.681 142.740 1.778 47.910 71.083 0.584 
0.325 9.880 0.480 9.400 95.142 152.320 1.897 48.390 71.795 0.590 
0.307 11.100 0.250 10.850 97.748 163.510 2.036 48.640 72.166 0.593 
0.326 9.200 0.300 8.900 96.739 172.630 2.150 48.940 72.611 0.597 
0.312 9.800 0.200 9.600 97.959 182.240 2.269 49.140 72.908 0.599 
0.322 9.800 0.200 9.600 97.959 191.830 2.389 49.340 73.205 0.602 
0.314 9.800 0.300 9.500 96.939 201.390 2.508 49.640 73.650 0.605 
0.309 10.000 0.250 9.750 97.500 211.100 2.629 49.890 74.021 0.608 
0.312 9.100 0.250 8.850 97.253 219.970 2.739 50.140 74.392 0.611 
0.299 12.100 0.200 11.900 98.347 232.440 2.895 50.340 74.688 0.614 
0.297 9.700 0.220 9.480 97.732 241.720 3.010 50.560 75.015 0.617 
0.292 10.000 0.120 9.880 98.800 251.350 3.130 50.680 75.193 0.618 

 
 
 

Table A.5: Tabulated values of pressure drop, water fraction, % recovery, PV injected, 
and PV oil produced for secondary flooding with 2,500 PPM NaCl brine. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) 

PV 
Inj. 

cum 
oil 
prod. 
(cm3) 

% 
Recovery 
(OOIP) 

PV 
oil 
prod. 

0.489 3.000 3.000 0.000 0.000 5.040 0.063 3.000 4.149 0.038 
0.489 3.050 3.050 0.000 0.000 7.790 0.098 6.050 8.368 0.076 
0.492 2.940 2.940 0.000 0.000 10.400 0.131 8.990 12.434 0.113 
0.484 2.900 2.900 0.000 0.000 12.990 0.163 11.890 16.445 0.149 
0.477 2.780 2.780 0.000 0.000 15.420 0.194 14.670 20.290 0.184 
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0.477 2.750 2.750 0.000 0.000 17.850 0.224 17.420 24.094 0.219 
0.463 2.900 2.900 0.000 0.000 20.500 0.258 20.320 28.105 0.255 
0.463 2.970 2.970 0.000 0.000 23.220 0.292 23.290 32.213 0.293 
0.450 3.185 3.185 0.000 0.000 26.130 0.328 26.475 36.618 0.333 
0.441 3.300 3.300 0.000 0.000 29.130 0.366 29.775 41.183 0.374 
0.429 3.100 3.100 0.000 0.000 31.900 0.401 32.875 45.470 0.413 
0.432 3.250 3.250 0.000 0.000 34.920 0.439 36.125 49.965 0.454 
0.440 3.200 2.500 0.700 21.875 37.920 0.476 38.625 53.423 0.485 
0.448 6.800 2.250 4.550 66.912 44.590 0.560 40.875 56.535 0.514 
0.453 8.850 1.750 7.100 80.226 53.140 0.668 42.625 58.956 0.535 
0.442 10.700 1.600 9.100 85.047 63.810 0.802 44.225 61.169 0.556 
0.421 8.970 0.990 7.980 88.963 72.560 0.912 45.215 62.538 0.568 
0.423 9.900 0.900 9.000 90.909 82.310 1.034 46.115 63.783 0.579 
0.416 8.800 0.700 8.100 92.045 90.940 1.142 46.815 64.751 0.588 
0.419 9.200 0.600 8.600 93.478 100.010 1.256 47.415 65.581 0.596 
0.405 10.250 0.650 9.600 93.659 110.290 1.386 48.065 66.480 0.604 
0.410 10.200 0.600 9.600 94.118 120.340 1.512 48.665 67.310 0.611 
0.412 9.800 0.580 9.220 94.082 129.790 1.631 49.245 68.112 0.619 
0.409 9.450 0.450 9.000 95.238 139.120 1.748 49.695 68.734 0.624 
0.413 10.070 0.370 9.700 96.326 148.830 1.870 50.065 69.246 0.629 
0.414 10.200 0.400 9.800 96.078 159.070 1.998 50.465 69.799 0.634 
0.414 9.950 0.430 9.520 95.678 168.910 2.122 50.895 70.394 0.639 
0.418 9.800 0.400 9.400 95.918 178.540 2.243 51.295 70.947 0.644 
0.418 10.100 0.350 9.750 96.535 188.400 2.367 51.645 71.432 0.649 
0.417 10.350 0.350 10.000 96.618 198.690 2.496 51.995 71.916 0.653 
0.405 10.000 0.380 9.620 96.200 208.550 2.620 52.375 72.441 0.658 
0.407 10.300 0.250 10.050 97.573 218.610 2.746 52.625 72.787 0.661 
0.406 10.200 0.200 10.000 98.039 228.500 2.871 52.825 73.064 0.664 
0.409 10.250 0.250 10.000 97.561 238.770 3.000 53.075 73.409 0.667 
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Table A.6: Tabulated values of pressure drop, water fraction, % recovery, PV injected, 
and PV oil produced for secondary flooding with 5,000 PPM NaCl brine. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) 

PV 
Inj. 

cum 
oil 
prod. 
(cm3) 

% 
Recovery 
(OOIP) 

PV 
oil 
prod. 

0.509 2.900 2.900 0.000 0.000 7.060 0.088 2.900 4.017 0.036 
0.446 3.400 3.400 0.000 0.000 10.110 0.126 6.300 8.726 0.079 
0.447 3.100 3.100 0.000 0.000 13.230 0.165 9.400 13.019 0.118 
0.442 3.000 3.000 0.000 0.000 16.200 0.203 12.400 17.175 0.155 
0.442 3.400 3.400 0.000 0.000 19.530 0.244 15.800 21.884 0.198 
0.433 3.800 3.800 0.000 0.000 23.410 0.293 19.600 27.147 0.245 
0.428 3.100 3.100 0.000 0.000 26.530 0.332 22.700 31.440 0.284 
0.421 3.750 3.750 0.000 0.000 30.360 0.380 26.450 36.634 0.331 
0.420 4.650 4.650 0.000 0.000 35.210 0.440 31.100 43.075 0.389 
0.419 3.500 0.400 3.100 88.571 38.690 0.484 31.500 43.629 0.394 
0.436 3.050 0.550 2.500 81.967 41.820 0.523 32.050 44.391 0.401 
0.462 3.600 0.200 3.400 94.444 46.760 0.585 32.250 44.668 0.403 
0.477 4.400 1.000 3.400 77.273 51.190 0.640 33.250 46.053 0.416 
0.471 3.700 0.800 2.900 78.378 54.800 0.685 34.050 47.161 0.426 
0.475 4.400 0.700 3.700 84.091 59.030 0.738 34.750 48.130 0.434 
0.474 4.350 0.750 3.600 82.759 63.340 0.792 35.500 49.169 0.444 
0.468 4.500 0.700 3.800 84.444 67.740 0.847 36.200 50.139 0.453 
0.467 4.400 0.550 3.850 87.500 72.130 0.902 36.750 50.900 0.459 
0.474 5.100 0.700 4.400 86.275 77.180 0.965 37.450 51.870 0.468 
0.467 5.500 0.600 4.900 89.091 82.610 1.033 38.050 52.701 0.476 
0.469 5.900 0.500 5.400 91.525 88.380 1.105 38.550 53.393 0.482 
0.458 5.400 0.500 4.900 90.741 94.010 1.175 39.050 54.086 0.488 
0.465 8.700 0.400 8.300 95.402 98.760 1.235 39.450 54.640 0.493 
0.468 11.200 0.450 10.750 95.982 104.170 1.302 39.900 55.263 0.499 
0.467 9.400 0.450 8.950 95.213 110.630 1.383 40.350 55.886 0.504 
0.463 8.550 0.450 8.100 94.737 119.030 1.488 40.800 56.510 0.510 
0.464 7.700 0.450 7.250 94.156 126.920 1.587 41.250 57.133 0.516 
0.462 8.100 0.450 7.650 94.444 135.130 1.689 41.700 57.756 0.521 
0.463 7.900 0.500 7.400 93.671 142.660 1.783 42.200 58.449 0.528 
0.454 8.400 0.500 7.900 94.048 152.570 1.907 42.700 59.141 0.534 
0.455 6.500 0.500 6.000 92.308 161.600 2.020 43.200 59.834 0.540 
0.459 5.500 0.500 5.000 90.909 172.640 2.158 43.700 60.526 0.546 
0.454 4.850 0.450 4.400 90.722 181.180 2.265 44.150 61.150 0.552 
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0.448 7.600 0.400 7.200 94.737 188.530 2.357 44.550 61.704 0.557 
0.448 9.200 0.400 8.800 95.652 197.260 2.466 44.950 62.258 0.562 
0.455 9.200 0.400 8.800 95.652 206.080 2.576 45.350 62.812 0.567 
0.446 11.200 0.400 10.800 96.429 216.680 2.709 45.750 63.366 0.572 
0.444 8.800 0.400 8.400 95.455 225.060 2.813 46.150 63.920 0.577 
0.445 7.900 0.300 7.600 96.203 232.430 2.905 46.450 64.335 0.581 
0.444 11.100 0.250 10.850 97.748 243.060 3.038 46.700 64.681 0.584 
0.443 9.600 0.400 9.200 95.833 252.020 3.150 47.100 65.235 0.589 

 
 
 
 

Table A.7: Tabulated values of pressure drop, water fraction, % recovery, PV injected, and 
PV oil produced for secondary flooding with 50,000 PPM NaCl brine. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) PV Inj. 

cum oil 
prod.(cm3) 

% 
Recovery 
(OOIP) 

PV 
oil 
prod. 

0.451 4.300 4.300 0.000 0.000 8.460 0.105 4.300 6.305 0.053 
0.459 3.400 3.400 0.000 0.000 11.660 0.145 7.700 11.290 0.096 
0.448 3.800 3.800 0.000 0.000 15.220 0.189 11.500 16.862 0.143 
0.449 3.900 3.900 0.000 0.000 18.920 0.235 15.400 22.581 0.191 
0.443 4.300 4.300 0.000 0.000 22.990 0.286 19.700 28.886 0.245 
0.421 4.000 4.000 0.000 0.000 26.910 0.334 23.700 34.751 0.294 
0.417 3.980 3.980 0.000 0.000 30.680 0.381 27.680 40.587 0.344 
0.409 3.870 3.870 0.000 0.000 34.440 0.428 31.550 46.261 0.392 
0.454 2.400 2.400 0.000 0.000 36.700 0.456 33.950 49.780 0.422 
0.495 3.980 0.880 3.100 77.889 40.410 0.502 34.830 51.070 0.433 
0.496 3.000 0.500 2.500 83.333 43.220 0.537 35.330 51.804 0.439 
0.492 3.900 0.500 3.400 87.179 46.940 0.583 35.830 52.537 0.445 
0.494 3.800 0.600 3.200 84.211 50.460 0.627 36.430 53.416 0.453 
0.493 4.300 0.600 3.700 86.047 54.450 0.676 37.030 54.296 0.460 
0.491 4.600 0.600 4.000 86.957 58.810 0.731 37.630 55.176 0.467 
0.490 5.000 0.550 4.450 89.000 63.740 0.792 38.180 55.982 0.474 
0.487 6.000 0.600 5.400 90.000 69.480 0.863 38.780 56.862 0.482 
0.482 5.900 0.600 5.300 89.831 75.180 0.934 39.380 57.742 0.489 
0.477 6.500 0.550 5.950 91.538 81.570 1.013 39.930 58.548 0.496 
0.471 6.600 0.600 6.000 90.909 88.130 1.095 40.530 59.428 0.503 
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0.474 6.880 0.480 6.400 93.023 94.950 1.180 41.010 60.132 0.509 
0.477 5.700 0.500 5.200 91.228 100.640 1.250 41.510 60.865 0.516 
0.474 6.300 0.500 5.800 92.063 106.940 1.328 42.010 61.598 0.522 
0.466 7.100 0.500 6.600 92.958 114.120 1.418 42.510 62.331 0.528 
0.465 8.300 0.500 7.800 93.976 122.610 1.523 43.010 63.065 0.534 
0.468 9.550 0.450 9.100 95.288 132.290 1.643 43.460 63.724 0.540 
0.462 7.400 0.500 6.900 93.243 139.740 1.736 43.960 64.457 0.546 
0.464 9.400 0.500 8.900 94.681 149.110 1.852 44.460 65.191 0.552 
0.459 10.000 0.450 9.550 95.500 159.310 1.979 44.910 65.850 0.558 
0.457 8.100 0.420 7.680 94.815 167.460 2.080 45.330 66.466 0.563 
0.458 9.000 0.400 8.600 95.556 176.540 2.193 45.730 67.053 0.568 
0.455 9.100 0.500 8.600 94.505 185.520 2.305 46.230 67.786 0.574 
0.456 8.900 0.400 8.500 95.506 194.490 2.416 46.630 68.372 0.579 
0.451 10.000 0.500 9.500 95.000 204.570 2.541 47.130 69.106 0.585 
0.447 10.000 0.350 9.650 96.500 214.530 2.665 47.480 69.619 0.590 
0.450 9.100 0.300 8.800 96.703 223.600 2.778 47.780 70.059 0.594 
0.450 5.600 0.300 5.300 94.643 228.910 2.844 48.080 70.499 0.597 

 
 
 

Table A.8: Tabulated values of pressure drop, water fraction, % recovery, PV injected, and 
PV oil produced for secondary flooding with FW brine. 

∆P 
(Psi) 

Total 
Vol.  
(cm3) 

Oil 
(cm3) 

Water 
(cm3) 

Water 
cut % 

cum. 
vol Inj. 
(cm3) 

PV 
Inj. 

cum oil 
prod.(cm3) 

% 
Recovery 
(OOIP) 

PV 
oil 
prod. 

0.486 3.600 3.600 0.000 0.000 5.420 0.068 3.600 4.959 0.045 
0.392 3.600 3.600 0.000 0.000 8.660 0.108 7.200 9.917 0.090 
0.323 3.400 3.400 0.000 0.000 11.780 0.147 10.600 14.601 0.133 
0.303 3.485 3.485 0.000 0.000 14.890 0.186 14.085 19.401 0.176 
0.276 3.800 3.800 0.000 0.000 18.430 0.230 17.885 24.635 0.224 
0.273 3.500 3.500 0.000 0.000 21.170 0.265 21.385 29.456 0.267 
0.223 3.300 3.300 0.000 0.000 24.150 0.302 24.685 34.001 0.309 
0.202 4.050 4.050 0.000 0.000 27.990 0.350 28.735 39.580 0.359 
0.183 3.600 3.600 0.000 0.000 31.400 0.393 32.335 44.539 0.404 
0.170 3.700 3.700 0.000 0.000 34.820 0.435 36.035 49.635 0.450 
0.172 3.100 3.100 0.000 0.000 37.670 0.471 39.135 53.905 0.489 
0.174 4.100 1.000 3.100 75.610 41.470 0.518 40.135 55.282 0.502 
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0.169 4.100 1.000 3.100 75.610 45.320 0.567 41.135 56.660 0.514 
0.160 5.150 1.120 4.030 78.252 50.380 0.630 42.255 58.202 0.528 
0.151 5.200 0.950 4.250 81.731 55.230 0.690 43.205 59.511 0.540 
0.134 6.100 0.850 5.250 86.066 61.070 0.763 44.055 60.682 0.551 
0.126 5.950 0.750 5.200 87.395 66.730 0.834 44.805 61.715 0.560 
0.132 8.550 1.000 7.550 88.304 74.700 0.934 45.805 63.092 0.573 
0.114 9.900 0.850 9.050 91.414 84.430 1.055 46.655 64.263 0.583 
0.107 9.800 0.750 9.050 92.347 94.070 1.176 47.405 65.296 0.593 
0.107 11.000 0.650 10.350 94.091 104.570 1.307 48.055 66.191 0.601 
0.094 9.880 0.630 9.250 93.623 114.840 1.436 48.685 67.059 0.609 
0.095 9.200 0.500 8.700 94.565 124.280 1.554 49.185 67.748 0.615 
0.099 9.700 0.450 9.250 95.361 133.860 1.673 49.635 68.368 0.620 
0.080 9.480 0.460 9.020 95.148 143.360 1.792 50.095 69.001 0.626 
0.088 9.400 0.400 9.000 95.745 152.580 1.907 50.495 69.552 0.631 
0.086 9.850 0.400 9.450 95.939 162.200 2.028 50.895 70.103 0.636 
0.080 10.000 0.400 9.600 96.000 172.400 2.155 51.295 70.654 0.641 
0.074 9.500 0.340 9.160 96.421 181.500 2.269 51.635 71.123 0.645 
0.075 10.170 0.370 9.800 96.362 191.530 2.394 52.005 71.632 0.650 
0.083 11.200 0.350 10.850 96.875 202.630 2.533 52.355 72.114 0.654 
0.078 10.800 0.350 10.450 96.759 213.360 2.667 52.705 72.596 0.659 
0.078 9.850 0.350 9.500 96.447 222.980 2.787 53.055 73.079 0.663 
0.080 8.700 0.300 8.400 96.552 231.440 2.893 53.355 73.492 0.667 
0.081 11.800 0.250 11.550 97.881 243.490 3.044 53.605 73.836 0.670 
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