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ABSTRACT 

 

      Abundant heavy oil reserves and increasing demands for energy have encouraged 

more and more interest in the exploitation of heavy oil. The recovery of heavy oil is 

challenging due to its high viscosity. The thermal recovery process has been widely used 

to reduce the viscosity and increase the mobility of heavy oil, namely cyclic steam 

stimulation (CSS), in situ combustion (ISC) and steam-assisted gravity drainage (SAGD). 

Among them, SAGD is the most popular method for recovering heavy oil. However, 

SAGD usually causes large heat loss and requires a huge amount of water and extensive 

surface facilities. Also it becomes inefficient in many reservoirs particularly those with 

thin pay zone, low porosity, gas cap and bottom water. In the past four decades, great 

efforts have been made to develop efficient and effective technologies for heavy oil 

exploitation. Vapour extraction (VAPEX) has gained considerable attention because it is 

energy efficient and environmentally friendly. Alkane-Surfactant-Polymer (ASP) 

flooding has been investigated to improve oil recovery. Hybrid SAGD and warm VAPEX 

are studied to combine the effects of heat conduction and solvent dissolution.  

      In this thesis, the potential of using hot water and solvent to displace and extract 

heavy oil is investigated, and the operation schemes are evaluated. A series of 

experiments, including hot water flooding, solvent injection and hot water combined with 

solvent (HWCS) injection process, were conducted to displace heavy oil through the core 

flooding tests. Their performance and oil recovery factors were recorded and compared to 

find the best operation strategy. More specific, the heavy oil was characterized and its 

thermal effects were investigated by analyzing its components, density and viscosity. The 
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experimental PVT study of the mixture of heavy oil and the solvent was conducted to 

better understand the mechanism of the solvent injection process. In terms of hot water at 

different temperatures (15
o
C, 24

o
C, 50

o
C, 65

o
C) and solvent components (C1, C3, 

C1/C3), the core flooding tests with a 1-D sand pack were performed to examine the 

displacement behavior of hot water flooding, solvent injection and HWCS processes.  

Finally, the core flooding tests are history matched based on the established numerical 

simulation model. The effects of temperature and solvent components on multi-phase 

fluid flow are examined. HWCS performance in more scenarios can be predicted through 

numerical simulation, so that the HWCS injection parameters could be optimized and 

screened out from aforementioned studies. 

      The study shows that the oil recovery factor was enhanced by a percentage of 19.1% 

as the temperature of injection water increases from 24 to 65°C. Pure propane gave better 

performance in the solvent injection process compared to methane and methane-propane 

mixtures. Generally speaking, the oil recoveries of HWCS were higher than that of pure 

hot water flooding or the solvent injection process, and the highest oil recovery of 53.5% 

was found with a smaller slug size of injection fluid. These results indicate that the 

HWCS is a promising technology for the heavy oil recovery due to its lower facility 

investment and acceptable oil recovery factor.    
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NOMENCLATURE 
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A0 Cross-sectional area of sand pack, cm
2
 

k Permeability, mD 

kro Oil relative permeability 

krw Water relative permeability 

kw/k Water effective permeability, mD 

l Length of composite reservoir core plugs, cm 

Moil Molecular weight of heavy oil, g/mol 

P Pressure, MPa 

qinj
 Water or solvent  injection rate, cc/min  

r                                Inside diameter of the sand pack, cm 

R
2
  Correlation coefficient 

Swc Connate water saturation, % 

Soi Residual oil saturation, %  

t Time, min 

T Temperature, C/K 

wasp Asphaltene content, wt.% 

Greek letters 

      Viscosity, cP 

oil            Viscosity of the crude oil, cP

oil       Density of the crude oil, g/cm
3
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Abbreviations 
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CMG   Computer Modeling Group 

CSS            Cyclic Steam Stimulation  
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CHAPTER 1 INTRODUCTION 

 

1.1 Definition of Heavy Oil  

      Heavy crude oil is a kind of formation oil which does not flow easily in the reservoir 

due to its higher density and viscosity compared with light oil, also the heavy oil is 

characterized as its heavier composition and molecular weight. Heavy crude oil is defined 

as any kind of liquid petroleum with a gravity less than 20°API (Dusseault, 2001), and a 

reservoir viscosity range of 50–5,000 centipoises. Bitumen is defined with a gravity of 

less than 10°API, and a reservoir viscosity of no more than 10,000 centipoises (Attanasi 

et al., 2010). Occasionally, in the oil and gas industry some petroleum geologists classify 

bitumen from oil sands as extra heavy crude oil although due to the API gravity less than 

10°API. Others, however, categorize this heavy oil as bitumen, differing it from extra-

heavy oil. Often, the sticky bitumen looks more like a solid as it cannot flow at ambient 

pressure and room temperature. Heavy oil and bitumen differ in the degree by which they 

have been degraded from the original crude oil by bacteria and erosion in the long 

geologic time. Heavy oil has been subjected to less bacteria and erosion degradation 

compared to bitumen. 

      The largest heavy oil reserves in the world are located north of the Orinoco river in 

Venezuela (Burkill and Giusti, 1983), with a heavy oil amount equal to Saudi Arabia’s 

conventional oil reserves (Talwani, 2002). Figure 1.1 shows the worldwide conventional 

and heavy oil distribution. It can be seen from the figure that Canada has a large portion 

of world’s heavy hydrocarbon reservoir. And production of this reservoir has already 

amounted to half of Canadian current oil production. 

http://en.wikipedia.org/wiki/Crude_oil
http://en.wikipedia.org/wiki/Density
http://en.wikipedia.org/wiki/API_gravity
http://en.wikipedia.org/wiki/Centipoise
http://en.wikipedia.org/wiki/Petroleum_geology
http://en.wikipedia.org/wiki/Standard_conditions_for_temperature_and_pressure
http://en.wikipedia.org/wiki/Orinoco_river
http://en.wikipedia.org/wiki/Venezuela
http://en.wikipedia.org/wiki/Saudi_Arabia
http://en.wikipedia.org/wiki/Conventional_oil
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(a) Conventional crude oil 

 

(b) Heavy crude oil 

 

Figure 1.1 Worldwide distributions of conventional crude oil and heavy hydrocarbons 

(Meyer et al., 1988–1990) 
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      Excluding the heavy oil reservoir with a bed thickness less than one meter and 

isolated blocks, it is estimated that Canada has a total in place heavy oil 200–400 × 10
9
 

m
3
 (1.2–2.5 × 10

12
 bbl). Based on the API classification, 70% of the heavy oil is in the 

category of < 20ºAPI and reservoir depth of 1,000 m, approximately 15% of heavy oil is 

in the range 10–20ºAPI, and 55% of heavy oil is <10ºAPI known as bitumen. Together, 

Venezuela’s and Canada’s heavy oil reservoir occupy between 55–65% of the world’s 

heavy oil resources (Dusseault, 2001). 

1.2 The Properties of Heavy Oil 

1.2.1 Temperature and pressure of heavy oil reservoir  

      The temperature of Canadian heavy oil ranges from 4°C on the near-surface 

Athabasca oil sands to 38°C at 850 m deep in Southern Saskatchewan. And the pressures 

for Canadian heavy oil formations vary much depending on different sedimentary 

conditions. The majority of the formations have a pressure equal to 85% of hydrostatic 

pressure of 10 MPa/km (Dusseault, 2001). The lower pore pressures means there is less 

gas in the heavy oil, which limits the gas swelling in heavy oil displacement effects in the 

depletion production stage.   

 1.2.2 Geological and lithological properties 

      Gigantic heavy oil reservoirs have been found in Northern Alberta and Saskatchewan. 

The geological and lithological investigation indicated that the resources are mainly 

deposited in the unconsolidated sand stone formation with similar petrophysical 

properties. The cementation strength in the unconsolidated sandstone approaches zero 

because there is no significant cementation material and generated cohesion force in the 

grain-to-grain space. The sanding is a popular phenomenon for heavy oil production.  
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1.2.3 Composition analysis 

      As shown in Figure 1.2, light oils are typically characterized with a higher proportion 

of saturated and aromatic hydrocarbons, with a smaller fraction of resins and asphaltenes. 

Compared with light oils, most of the heavy oils have a lower content of saturated and 

aromatic hydrocarbons, and a higher proportion of more polar chemicals, resins and  

asphalenes (Nemose, 2008). This is mainly caused by serial of biochemical changes of 

light crude oil under anoxic environment in situ.  

1.2.4 Reservoir fluid properties 

      In Canada, in many areas the heavy oil is often substantially undersaturated, whereas 

the gas bubble point pressure is only 70–80% of the original formation pressure. 

Therefore, the general undersaturated conditions and bubble point depression mean that 

there is less solution gas drive energy available from gas dissolution in the reservoir
 

(Dusseault, 2001). The general reservoir condition is shown in Table 1.1.   

1.3 Heavy Oil Recovery Methods 

      The major new technologies developed to produce the heavy oils in last decade are 

listed in Table 1.2. 

      (1) Horizontal well technology for shallow heavy oil reservoirs (depth < 1000 m). 

This technology can be combined with the CHOP and SAGD approaches; 

      Since introducing the coiled tubing drilling in last decade, drilling costs for horizontal 

wells has greatly reduced. The horizontal well technology was widely used in Northern 

Alberta. Also, the advanced 3-D seismic control and cutting analysis allow the precise 

drilling steering in thin bed, and long horizontal drainage distance increases the oil 

production in several orders.   
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Table 1.1  Formation and reservoir fluid properties for heavy oil (Dusseault, 2001) 

Item Range  Note 

Porosity (%) 30 average 

Permeability (Darcy) 0.5–5 Average 3 Darcy 

Oil saturation (%) 85–90 28% Sw in Luseland 

Density (°API) 8.5–15 9.5°API oil sand 

Viscosity (cP) <1,000–>1,000,000 Pelican Lake <1,000 cP 

Asphaltene content (wt.%) Around 15 Average 

Salinity (ppm) 20,000–60,000 NaCl type 

Solution gas 
95 mol.% CH4+5 mol.% 

CO2 
Small gas cap 

CH4 solubility coefficient 

(vol/vol/atmosphere) 
0.2 

Henry constant for CH4 

in heavy oil 0.2 atm
-1

 

Clay content  high 

Formation compressibility 

(kPa
-1

) 
0.4–3.0 × 10

-6
 

0.4–0.6 × 10
-6

 for oil 

sands 

Rock/sand composition Variety  
Quartz, clayey and 

Arkosic sands 
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(a) Light oil 

 

 

 

(b) Heavy oil 

 

Figure 1.2 Light oil vs. heavy oil in terms of composition 

(http://www.geochembio.com/ecology/petroleum/about-petroleum.html)  
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Table 1.2 Newly developed technologies to produce the heavy oil in Canada 

Technology Current usage Comment 

Horizontal well 

Used in Venezuela and 

North Sea 

Low recovery factor, may use water 

drive (North Sea) 

CHOPS 

Used in western Canada to 

exploit thin layers 

Low recovery factor, needs good gas 

oil ratio (GOR), unconsolidated sands  

SAGD Used in Canada 

Allows production for shallow sands 

with weaker cap rock 

PPT 

EnCana, Penn West Energy 

Trust Laboratory and field scale 

VAPEX 
Use solvent rather than 

steam in SAGD-type wells  

Lower energy consumption, low 

production rate. In situ upgrading. 

THAI 

Use heavy oil in the 

reservoir and injection air 

Eliminated need for natural gas for 

steam generation. In situ upgrading 

Hybrid 

Solvent plus solvent in 

SAGD, CSS and steam 

flooding wells 

Lower energy consumption, increased 

production rate. In situ upgrading 
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      (2) CHOPS (Cold oil production with sand) technology. When sand production is 

allowed and can be managed in a controlled range to maximize the oil production without 

potential sanding risk to the equipment, CHOPS can promote the production rate for the 

following mechanism: 

  The sand moving in the porous media helps to form big channels or wormholes in 

the formation, which in turn increases the permeability greatly; 

 The continuous sand production significantly enhances the near well bore 

permeability and improves the flow condition; 

 The gas exsolution process in heavy oil provides the gas drive energy; 

 To a certain extent, the asphaltene precipitation is alleviated by sand production.  

      (3) SAGD can be used to produce high viscosity oils in sandstone. This technology 

has been developed for more than thirty years. The horizontal wells are used in SAGD 

process. The upper one is for steam injection and the lower one is for oil production. 

SAGD process is very stable because the steam assisted formed chamber growth depends 

on gravity segregation without pressure-drive instabilities (channelling, fingering, coning 

and fracturing). In SAGD process, the vertical fracture can be generated due to the 

tension difference caused by temperature variation spatially in formation rock. The 

formed fractures serve as a conduit for steam up and liquid down, which make SAGD a 

very efficient technology to recovery the heavy oil with a ratio of 50－75%. 

      (4) PPT (Pressure pulse flow enhancement technology) is used to promote the heavy 

oil flows in porous media by releasing low-frequency wave to cause pressure pulses.  In 

reality this technology is rarely been used to produce the heavy oil in oilfields because of 

the availability of large power wave producer. 
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By using PPT technology, the oil flow velocity can be increased and the throat block may 

be removed, and the viscous fingering effect will be avoided as well. 

      (5) VAPEX (Vapor assisted petroleum extraction) technology is used to decrease the 

heavy oil viscosity and improve heavy oil flow by injecting the condensable and non-

condensable gas mixture into the formation; VAPEX can be combined with other thermal 

methods such as electric heating. 

      (6) THAI (Toe-to- heel air injection) is a promising technology as it may help solve 

the instability problem in situ combustion. The shorter flow path in well geometry allows 

THAI to avoid or reduce the instability issue in conventional combustion methods. 

1.4 Objective and Scope of This Thesis Study 

      The aforementioned heavy oil recovery technologies can be combined together to 

achieve the optimal viscosity decrease effect cause by solution gas and/or increased 

temperature, and improve the oil sweep efficiency and final recovery. The hot water 

combined with solvent injection is proposed for the heavy oil production, trying to take 

advantage of the hot water and solution gas in the heavy oil. The following points further 

support and specify the proposal:  

(1) Injection of hot water combined with solvent (HWCS) promises to be an effective 

method to enhance the heavy oil recovery; 

(2) The HWCS lab test results are to be examined with high expectations, and HWCS 

method has huge potential in heavy oil production with simplified injection 

equipment compared with complicated SAGD facilities, especially low cost of 

solvent slug compared with pure gas flooding;  
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(3) It is crucial to determine the recovery benefits of heavy oil viscosity decrease 

caused by the temperature of hot water and the solubility of gas;  

(4) PVT and the interfacial interaction study of heavy oil-solvent system at reservoir 

conditions are necessary to improve HWCS performance; 

(5) Numerical simulations are needed to simulate the heat conduction and gas 

dissolution process to better understand HWCS mechanism;  

(6) Determine and quantify the key factor used to enhance oil recovery by HWCS 

method.  

1.5 Outline of the Thesis 

      There are six chapters in this thesis. Chapter 1 provides an introduction to the heavy 

oil production technologies, research objective and methodology. Chapters 2 is a 

comprehensive review of the development of thermal and solvent methods to recover 

heavy oil. Also, the problem statement is provided in this chapter. In Chapter 3, a 

systematic heavy oil characterization study is conducted. Then, three EOR process, water 

flooding, solvent injection and HWCS are investigated to extract heavy oil based on the 

coreflooding tests, and their effects are compared as well. Chapter 4 discusses the test 

results and examines the HWCS mechanism. In Chapter 5, the history match of core 

flooding tests is conducted to tune the uncertain parameters and different scenarios of the 

HWCS performance are predicted. Chapter 6 gives conclusions of the research study and 

recommendations for future work.   

1.6 Work Flow of the Study 

      The work flow is in Figure 1.3. The laboratory test and theoretical simulation were 

employed together to find the optimized HWCS operation parameters. 
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Figure 1.3 Working flow chart for study 
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CHAPTER 2 LITERATURE REVIEW 

 

2.1 WAG Application for Heavy Oil Reservoir 

2.1.1 Gas injection  

      In recent years, the gas flooding technology has become one of the most promising 

EOR technologies to recover the residual oil after reservoir depletion development stage 

(Moritis, G., 2002). A successful field experience was achieved in Eastern Venezuela, 

immediately north of the Orinoco Oil Belt (Garcia, 1983). Based on the field production 

results, it was concluded that the high viscosity of the reservoir fluids was not a necessary 

factor determining the final OOIP recovery for heavy oil. And this seemingly unorthodox 

point has been demonstrated to be really profitable even for a relatively high oil-gas 

viscosity ratio heavy oil reservoir, where cumulative recovery was up to 32% of OOIP, 

and final recovery was equal to 45% of OOIP approximately. Another successful cyclic 

flue gas injection pilot test conducted in Chinese Liaohe Oil Field is successful gas 

injection illustration. For this case in Liaohe oillield, previously the average amount of 

steam injected to major pay zone was as high as 8.9 huff-and-puff cycles, and an obvious 

formation pressure decrease was equal to 4 MPa at the depth of 1,000 meters. The 

oil/steam factor was dropped to 0.49 due to the non-uniform production, and natural 

reduction rate was as high as 46% with a yearly decreasing profit. (Zhang, et al., 2000). 

In contrast, valuable experimental results were achieved nearly a year after the field pilot 

test. By the end of year 1999, 599,448 cubic meters of fuel gas had been injected into six 

wells in Block Jin-7 and Jin-45. In total, 3,350 cubic meters of steam was saved and 

1,964 tons of incremental oil was obtained.  
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       In Western Canada, a field test was conducted to recover the heavy oil during 1997 

and 1998 (Miller et al., 2003). The test site is located at Frog Lake, Alberta. The test site 

includes a 4 hectare (10 acre) space and an 8.1 hectare (20 acre) space. The heavy oil in 

Cummings Formation had been produced by CHOPS method and PC pump. Before the 

solvent injection, the average recovery for heavy oil in the test area was equal to 9.5%. 

The low recovery was mainly caused by the existence of wormholes in the porous media. 

A gas mixture containing 33 vol.% propane plus 67 vol.% methane was injected into two 

converted producers. Totally, a cumulative volume of 2 million and 4 million cubic 

meters of oil was produced respectively from the reservoir. Many factors should be 

considered as contributing to the poor solvent injection performance, but the operational 

and technical parameters used in the process could be helpful to the solvent application 

on heavy oil recovery with similar formation and operation conditions. 

      In some scenarios, the recovery enhancement by gas injection is not as high as 

expected for its low volumetric sweep efficiency in the porous media. A key reason of 

this is the high mobility ratio of gas to oil in the reservoir, which is always a major 

concern in the gas injection process. Practically, the lower mobility ratio of gas and oil is 

favoured in a successful WAG project (Hinderaker, et al., 1996). There are several 

methods that can be used to decrease the mobility ratio of gas and oil to enhance the 

sweep efficiency:  

 Increase gas injection sweep efficiency technologies: 

 Gas thickening chemicals 

      Lots of research has been conducted to improve the sweep efficiency in the gas 

injection process. The research, mainly focuses on increasing the gas viscosity by using 
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the gas thickening chemicals. The most promising CO2 thickener candidate was found to 

be a styrene-heptadecafluorodecyl acrylate bulk-polymerized random copolymer. The 

optimal composition of the copolymer was about 30 mol.% styrene + 70% fluoroacrylate. 

(Enick et al., 2000). These gas thickening polymers can enhance the solvent viscosity 

significantly compared with its original one, For example, the CO2 viscosity can be 

increased to 2–100 times after mixed with the thicken polymer only at a very low 

concentration level of 0.1–1.0 wt.%.  

 Natural gas liquids (NGL) for heavy oil in high permeability formation 

      Injection of liquid natural gas to recover the heavy oil in high permeability reservoir 

has been investigated in the laboratory by the researchers (Sharma, et al., 1989). In the 

West Sak North Slope of Alaska, one of the practical and promising methods used to 

recover the heavy oil was solvent based miscible flooding. The source for natural gas and 

natural gas liquids (NGL) on the North Slope made it feasible to perform the solvent 

miscible or immiscible flooding for heavy oil. The study investigated and evaluated 

various solvents such as CO2 n-butane, various mixtures of Prudhoe Bay natural gas 

(PBG) and NGL, to determine their ability to miscibly displace heavy oil. Another 

experiment was conducted on CO2 enriched with NGL to recover Alaska North Slope 

viscous oils (Ning, S., et al., 2011). The CO2 was enriched by adding 15% of NGL. The 

multiple-contact experiments (MCE) showed that the oil viscosity was reduced from 122 

to 17 cP by mixing pure CO2 into heavy oil. For NGL-enriched CO2 the oil viscosity was 

reduced from 122 to 6 cP. Also, the simulation results indicated that the Viscosity 

Reduction Water-Alternating-Gas (VRWAG) method could enhance the heavy oil 

recovery factor (RF) by 10% for pure CO2 and 11% for NGL-enriched CO2, which 
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illustrated an obvious RF improvement of 44% and 50% respectively over the water 

flooding process. The third experiment was performed to investigate the miscible gas 

injection at Milne Point Unit, Alaska (Khataniar, et al., 1999). Prudhoe Bay gas (PBG) 

was enriched with at least 50% NGL. From slim tube experiments, CO2 was found to be 

immiscible with Schrader Bluff oil, but PBG achieved dynamic miscibility with the crude 

oil at reservoir condition.   

       For the bigger viscosity of natural gas liquid compared to the gas forming light ends, 

the flow profile can be shaped to more like a slug drive due to the gas fingering effects is 

alleviated to certain extent. Therefore, the sweep efficiency could be improved greatly 

and higher oil recovery could be achieved. In reality, the lab results have not been scaled 

up to a field operation as its feasibility and cost still needed to be testified by oil fields 

pilot test. Also the environmental impact is another important issue to be concerned in the 

real fields’ practice (Moritis, 1995). Most of the technologies are still in the conceptual 

and experimental stage. Therefore, further work needs to be done for the large scale 

commercial application. 

 Warm VAPEX experiment 

      The mobility ratio of gas and oil also can be changed by reducing the oil viscosity at 

higher temperatures. The experience of injection of a warm gas mixture in VAPEX 

process has achieved encouraging results through laboratory tests (Rezaei and 

Mohammadzadeh, 2010). The model was packed with permeability 220 and 830 Darcy. 

Cold Lake bitumen and Lloydminster heavy oil was used to saturate the sand pack. The 

solvent was injected at three temperature levels (36, 43 and 50°C). Superheated pentane 

vapour was injected into the sand pack, and the recovery was found to be promising. It 
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was also found that the produced live oil contained as much as 62% of solvent by weight, 

(e.g., most of the injected solvent was recovered at the same time). 

2.1.2 Current situation of WAG application 

      The water-alternating-gas (WAG) process is proposed to improve the flooding profile 

in the reservoir. The higher microscopic displacement efficiency of gas combined with 

the better macroscopic sweep efficiency can increase the oil production significantly in a 

plain flooding process (Madhav M. et al., 2005). Although the WAG is widely used in 

the conventional oil recovery, the industrial practice of WAG is not as financially feasible 

and efficient as engineers expected with its 5–10% OOIP recovery. This might be 

contributed to the fact that the mechanism of WAG and complication of field conditions 

have not been fully understood before the WAG using, such as optimized WAG injection 

ratio and poor injectivity limitation (Christensen, J.R., 1998).   

 Injection gas in WAG process 

      The ideal physical properties of CO2 (high density, low viscosity and high solubility 

at reservoir temperature and pressure) plus its abundant sources make it an ideal injectant 

in gas flooding. Other gases have also been employed in the fields trial test, such as NGL, 

flue gas, nitrogen and solvent mixture of methane and propane. Practically the CO2 and 

light hydrocarbon composition mixture constitute almost 90% of gas injection. 

 Design factors in WAG process 

      The major operation parameters to improve WAG efficiency for oil recovery are as 

following (Christensen, J.R., 1998), 

 Reservoir heterogeneity. 

 Rock type. 
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 Fluid characteristic. 

 Injection gas. 

 WAG ratio. 

 Gravity consideration. 

Other phase- relative parameters that are critical in WAG process (Kulkarni, 2003): 

 Miscibility development. 

 Oil and brine composition. 

 Brine effects on WAG process. 

      Also, the brine salinity, composition and pH value had important effects on the 

microscopic displacement efficiency of oil recovery by water flooding and imbibition 

(Eng, J.H., 1993). It is found that the brine composition has a strong relationship with the 

permeability reduction and fine particles migration. Subsequently, the oil recovery by 

water flooding depends on the injected brine composition.  

2.2 HWCS Application for Heavy Oil  

2.2.1 Hot water flooding 

      As an important EOR technology to recovery heavy oil, the thermal method has 

achieved significant development in the last century. There are mainly two types of the 

thermal method: including in-situ heat generating and heat carrying from the surface. In-

situ heat generating uses an electronic heater and in-situ combustion, while heat carrying 

uses hot water and steam injection (Prats, 1982).  

      There are several reports (Martin, 1968; Bursell, 1966; Dietz, 1967; and Holke, 1971) 

studying the use of hot water flooding to recover heavy oil. Willman studied hot water 

flooding and found that the hot water injection could improve the mobility ratio from a 
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decrease in viscosity, and a reduction in residual oil saturation from thermal expansion 

(Willman, 1961). As a matter of fact, there were few field trials using the hot water 

injection to recover the heavy oil because the heat capacity of water is not as great as 

steam, which causes a shorter heat transfer distance in porous media and decreases the 

heavy oil viscosity in a limited range. Also, the lower viscosity of hot water leads to 

channelling and fingering, and subsequently a lower sweep efficiency. However, there is 

huge potential existing in the oil field that the injection of hot water can be feasible 

instead of steam injection, which can reduce the equipment investment and maintenance 

cost significantly, especially for some wells whose casing condition and completion 

method may not proper for steam injection in the oil fields. And for some thin formations 

with a depth less than 500 meters, where the SAGD is no longer feasible to be used to 

recovery the heavy oil.  

      The advantage of hot water flooding over cold water flooding still makes hot water 

injection a promising EOR technology. In the year 1968, by using a theoretical 

calculation, Spillette and Nielsen found that the hot water injection could improve the 

displacement efficiency greatly compared with that of cold water injection, and the hot 

water drive process was more like a piston displacement (Spillette, and Nielsen, 1968). A 

newly developed hot water flooding project was on going in the Russkoe heavy-oil field, 

which is located in the Yamalo-Nenets Autonomous District of Russia. The hot water 

flooding through horizontal injectors was used to increase heavy oil recovery (Rodionov, 

2012). Heterogeneity of the formation caused a non-uniform water profile in this area.  

Conventional production logging tools (PLT) and fiber-optic distributed temperature 
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sensing (DTS) were used to monitor the injection profile for achieving better 

performance in the hot water flooding process.  

2.2.2 Hot solvent injection for heavy Oil  

      In the year 1980, Reford and McKay conducted a number of heavy oil recovery tests 

by injecting the light hydrocarbons (HC), methane, propane, butane, pentane and other 

commercial HC mixtures. It was the first time Reford and McKay demonstrated that the 

light HC could be used as a solvent to enhance heavy oil recovery without causing the 

reservoir permeability deduction (Reford and McKay, 1980; Shu and Hartman 1988). The 

technology of using superheated solvent pentane to recover the very viscous oil was 

proposed by Allen et al. (Allen et al., 1984). The test results indicated that super heavy 

oil in tar sand can be extracted and displaced by heated solvent. Some researchers 

(Palmgren and Edmunds, 1995) conducted high temperature naptha injection and 

investigated the final recovery effects without steam injection. They found that recovery 

was improved by using heated naptha. However, this method had not yet been examined 

in a field pilot test because the mass and heat transfer mechanism involved in the process 

is too complicated to understand and it is not financially feasible. 

2.2.3 Hot water combined with solvent 

      Plenty of efforts have been spent on improving the WAG efficiency, such as by using 

hot water injection and miscibility development between injection gas and in situ oil. The 

consideration of solvent injection followed by heat-carrying agent was proposed earlier 

by the researcher Pirela and Farouq Ali (Pirela. and Farouq Ali, 1968). The experiment 

was designed to recover oil by injecting of alcohol at higher temperatures, under which 

the improved ternary phase equilibrium behaviour can be utilized to achieve enhanced oil 
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recovery. In 1968, Avendano
 
conducted a light oil injection experiment to recover the 

heavy oil before steam injection, and improved the oil recovery greatly (Avendano, 1968).  

 Different HC injection 

      Numerous researches have been done experimentally to investigate the water-driven 

HC to recover oil. Fitzgerald used gasoline as an injectant slug to drive the heavy oil in 

water flooded porous media and found that the process was more effective (Fitzgerald, 

1963; Ditz, 1967; Farouq Ali, 1968). Wiesenthal conducted a similar experiment by 

injecting gasoline as an intermediate slug to dive the oil with a viscosity of 1.28‒324 cP, 

and the results showed an improved efficiency when the solvent slug was applied to the 

viscous oil (Wiesenthal, 1964). Later on, Csaszar and Holm used a propane slug to 

displace the oil in core, and found that the produced oil volume was 2–3 times of injected 

propane (Caaszar and Helm, 1963). The total oil recovered by propane depended on the 

volume of mobile oil in the core near the injection point and the original oil viscosity. In 

1971, Abbas A. et al conducted a systematic experiment to study the WAG effects on oil 

recovery involving a combination of hot water and miscible gas displacement (Abbas A. 

et al., 1971). In Abbas A.’s experiment, several important conclusions were made: 

 The total oil recovery was found to increase with the increase of light HC slug 

size until it reached the plateau level; 

 The total oil recovery were determined by three key factors, the original oil 

viscosity, injected light HC viscosity and the injection rate; 

 The increase of injection light HC viscosity could increase the net recovery of the 

OOIP, while the total oil recovery was reduced as a result; 
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 The injection of hot water followed by the injection of cold water led to recovery 

of a considerable proportion of the heat conducted to the adjacent formation; 

 When there was no light HC slug injection preceded, the straight injection of hot 

water could accelerate the temperature peak decay more rapidly; 

 The careful selection of slug type and size could improve the efficiency of the hot 

water slug driven by the cold water. 

2.2.4 SAGD combined with solvent injection 

      The SAGD method combined with solvent injection was tested by some researchers 

(Shu and Hartman 1988; Goite, Mamora and Ferguson 2001 etc.). In the experiment, a 

small faction solvent was added to the steam to improve the SAGD performance. To 

further acknowledge the hot solvent mechanism and find the optimal operation 

parameters, a heat-solvent hybrid processes (Frauenfeld, and et al., 2007) was conducted 

in a sand pack model. The effects of several factors on the final heavy oil recovery were 

investigated, including the solvent type, well configurations, and ways of heating the 

system. It was found that the amount of solvent injection required in a thermal VAPEX 

process was much less than that in a normal VAPEX process for the same oil recovery 

factor. A Steam Alternating Solvent (SAS) process was tested in the laboratory, and it 

was found that the energy requirement in the process was decreased by 47% when a 

solvent was injected alternatively with steam. More importantly, the oil recovery was 

increased (Zhao et al., 2005) to a certain extent. 

2.3 Simulation Research on HWCS Process  

      Lots of research has been done to simulate the hot water flooding process for heavy 

oil (Diaz-Munoz and Farouq Ali, 1975; Pasarai, et al., 2005; Alajmi, et al., 2009). 
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According to Diaz-Munoz and Farouq Ali’s simulation results, it was indicated that the 

improvement in both production rate and recovery factor obtained from hot-water 

stimulation were considerably lower than one would expect compared with some other 

reported field data. It was strongly recommended that the wellbore cleanup played a key 

role in successful hot-water stimulation, and the oil viscosity reduction played a 

secondary role in the simulation. Diaz-Munoz and Farouq Ali concluded that the hot-

water stimulation should be only used for viscous oil formations, and the final simulated 

production rate and formation pressure should be carefully examined prior to the field 

application. Recently, Pasarai and other researchers conducted a hot water flooding 

simulation by using the streamline method. A pressure, mass and energy equations were 

derived with compressibility and depletion considered. A thermodynamic calculation was 

performed to quantify the changes in oil and solvent thermal properties with temperature 

and pressure. Simulation results showed the reliability and sturdy of the streamline 

method to simulate the hot water-flooding process with a faster calculation speed. The 

heterogonous properties of the heavy oil formation were taken into account in Alajmi’s 

hot water flooding simulation. Simulation results illustrated that several parameters 

played important roles in the heavy oil recovery process by using multilateral wells, 

including degree of heterogeneity, well configurations and viscosity ratio, especially the 

reservoir heterogeneity was the first important one reason affecting the oil recovery. Also, 

the study indicated that there were critical values for these three parameters, under which 

hot water flooding could be more effective than conventional water flooding. 

      By using the fully implicit thermal simulator, a comprehensive 3D numerical 

simulation model was built and employed to investigate the efficiency of each 
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hydrocarbon additive with different heavy-oil viscosities (Mohebati, et al., 2012). The 

solvent included hexane, butane and methane, which were co-injected with steam to 

different viscous heavy oils. For each case, an optimal amount of hydrocarbon injection 

was found. In the North Sea Oilfield, the flue gas injection was proposed to recover the 

oil and a simulation of hot water combined with flue-gas was conducted (Fossum, 1992). 

The simulation was performed to evaluate the separated contribution of hot water and 

solvent to the cumulative oil recovery.   

2.4 Problem Statement 

      Although the laboratory tests of the thermal method combined with solvents (TS) 

showed encouraging results, there are many reasons which limit the injection application 

in oil fields. The following are the main concerns for its improvement: 

 The PVT characteristics should be fully understood and better used in the TS 

tests prior to the field pilot application; 

 The mass transfer between the heavy oil and solvent should be further studied to 

improve the solvent efficiency; 

 The heat conduction among the reservoir fluids, rock/sand and injected water 

plays an important role in sweep efficiency; 

 Heterogeneity cannot be ignored when the TS method is employed in the fields; 

 The operation parameters can affect the cumulative oil recovery significantly. 

2.5 Methodology of Study  

      Aiming at the current concerns, a serial PVT test, IFT measurement and sand pack 

flooding will be conducted to find the optimal HWCS operation parameters. More 

specifically, this study focuses on the investigation of hot water + solvent (HWCS) 
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effects on heavy oil recovery. By conducting serial of laboratory tests and analyzing the 

results, it is important to acknowledge the mechanism of HWCS technology in this work. 

The parameters that affect heavy oil recovery are evaluated in the tests, including the oil 

viscosity, injection rate, hot water temperature, solvent mixture and WAG pattern. And 

the optimized HWCS injection design is proposed and tested through experiments. 

Additionally, different heat usage efficiencies for different injection patterns are 

compared to find out the most effective heat transfer pattern. 

       The simulation and test results are compared and analyzed to better understand how 

the relative parameters affect the HWCS process. 
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CHAPTER 3 EXPERIMENTAL 

 

3.1 Materials 

3.1.1 Crude oil samples 

In this study, two dead crude oil samples were collected from the heavy Oil Field A 

oilfields, Alberta, Canada. The water and fine sand in oil samples were separated by 

using a centrifuge (Fisher Scientific, USA). The main physicochemical properties of the 

cleaned crude oil are listed in Table 3.1. The density and viscosity measurement were 

conducted for heavy oil samples #1 and #2 at the atmosphere pressure of 14.7 Psia and 

controlled temperature of 24°C. It is found that the oil sample #2 is slightly heavier than 

sample #1 with a density of ρoil = 0.978 g/cm
3
 and ρoil = 0.972 g/cm

3
 respectively. 

Although there is little density difference between these two heavy oil samples, the 

viscosity measured for sample #2 was µoil = 5592 cP, which is much higher than that of 

sample #1 with a value of µoil = 1287 cP. The asphaltene content of sample #2 was 

measured as wasp = 11.7 wt.%, for sample #1 it was equal to 10.4wt.%. The compositional 

analysis of oil sample #2 was conducted by using the standard ASTM D86 [2009]. The 

results were plotted in Table 3.2 and 3.3. 

3.1.2 Brine sample 

      The brine from the Field A heavy oil formation was analyzed and the results are 

shown in Table 3.4. The synthetic brine was made in the laboratory with the chamical 

NaCl (purity: assay > 99.0%, insoluble max = 0.005%) and deionized water (DI), the 

concentration was set at 1.0 wt.%, which equals to 10,000 ppm unit in terms of the 
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formation salinity. This level of NaCl concentration can meet the requirements of the 

simulatation of the actual interaction between crude oil and brine in porous media.  

3.1.3 Ottawa sand  

      The Otawwa sand was used to pack the model for water and gas flooding. Compared 

with the real unconsolidated foramtion porous media, there is no clay content in the sand 

pack and no produced fine solid particles from the model outlet. The wettability of the 

Ottawa sand tends to be more water wet, this propety is very similar to the field formation 

sand. The specific characteristics of the Ottawa sand used are listed in Table 3.5. 

3.1.4 Hydrocarbon solvent 

      Light hydrocarbon methane and propane were used as solvents in the HWCS process. 

The purities of methane and propane (Praxair, Canada) used in this study are equal to 

99.99%. The PVT properties of the methane and propane mixture at experimental 

conditions were determined by using the CMG WinProp module (Version 2010.12, 

Computer Modelling Group Limited, Canada) with Peng–Robinson Equation of state 

(EOS) [Peng and Robinson, 1976].  

3.1.5 Others 

      For the preparation purpose pf sand pack, the purity of carbon dioxide (Praxair, 

Canada ) used to displace the air in the sand pack has a purity of 99.99%. The asphaltene 

content wasp (n-pentane insoluble) of heavy oil sample #2 was determined by using the 

standard ASTM D2007–03 method [2007]. The purity of n-pentane (Fisher Scientific, 

USA) used as a precipitant is equal to 99.9%. A freezing-point osmometer (Model 5009, 

Precision Systems Inc., USA) was used to measure the apparent molecular weight (MW) 

of oil sample #2. 
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Table 3.1 Physical and chemical properties of two cleaned crude oil samples. 

 

Oilfield Oil Field A #1 Oil Field A #2 

Seismic survey In 1989 
Production method CHOPS by Nexen Inc  

Colour Black Black 

Solution gas CH4, CO2 CH4, CO2 

GOR (m
3
/m

3
) @ 3.5 MPa 7.0 4.0 

Density @ 24.0 C  (g/cc) 0.972 0.978 

Specific gravity ( °API) 

41.7 37.5 

14.08 12.74 

Viscosity @ 24.0  (mPa·s) 

3.2 5.5 
1287 5592 

Molecular weight (g/mol)  447 

Asphaltene content* (wt.%) 10.4 11.7 

 

Note:  *Asphaltene content is defined as the amount of heavy hydrocarbon components 

and possible solids that are n-pentane insoluble. 
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Table 3.2 Compositional analysis results for Oil Field A heavy oil sample #2 in terms of 

weight percent (C1–C30+’s) 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Note: *Total weight percent is equal to 100.00% balanced by C30+’s composition. 

 

 

 

 

 

 

 Carbon number Weight percent  

(wt.%) 

Carbon number Weight percent  

(wt.%) 

Ethane 0.00 C13’s 1.81 

Ethene 0.00 C14’s 2.15 

Propane 0.00 C15’s 2.29 

Propene 0.00 C16’s 2.23 

2-Butane 0.00 C17’s 2.68 

1-Butane 0.00 C18’s 2.65 

Other C4’ 0.00 C19’s 2.84 

2-Pentane 0.00 C20’s 2.51 

1-Pentane 0.00 C21’s 2.47 

Other C5’s 0.00 C22’s 1.84 

2-Hexane 0.00 C23’s 2.76 

1-Hexane 0.00 C24’s 2.59 

Other C6’s 0.00 C25’s 2.16 

C7’s 0.00 C26’s 2.28 

C8’s 0.00 C27’s 1.97 

C9’s 0.00 C28’s 2.25 

C10’s 0.92 C29’s 2.26 

C11’s 1.15 C30’s 2.73 

C12’s 1.17 C30+’s* 54.29 

  Total 100.00 
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Table 3.3 Compositional analysis results for Oil Field A heavy oil sample #2 

In terms of mole percent (C1–C30+’s) 

 

 

 

 

 

 

 

 

 

 

  

 

 

 

Note: *Total mole percent is equal to 100.00% balanced by C30+’s composition. 

 

 

 

 

 

 

 

 

 Carbon number Mole percent 

(mol.%) 

Carbon 

number 

Mole percent 

(mol.%) 

Ethane 0.00 C13’s 3.35 

Ethene 0.00 C14’s 3.70 

Propane 0.00 C15’s 3.68 

Propene 0.00 C16’s 3.36 

2-Butane 0.00 C17’s 3.81 

1-Butane 0.00 C18’s 3.56 

Other C4’ 0.00 C19’s 3.61 

2-Pentane 0.00 C20’s 3.03 

1-Pentane 0.00 C21’s 2.84 

Other C5’s 0.00 C22’s 2.02 

2-Hexane 0.00 C23’s 2.90 

1-Hexane 0.00 C24’s 2.61 

Other C6’s 0.00 C25’s 2.09 

C7’s 0.00 C26’s 2.12 

C8’s 0.00 C27’s 1.77 

C9’s 0.00 C28’s 1.95 

C10’s 2.21 C29’s 1.89 

C11’s 2.51 C30’s 2.20 

C12’s 2.35 C30+’s 42.43 

 Total  100.00 
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Table 3.4
*
 Physical and chemical properties of the cleaned produced water sample 

collected from Oil Field A oilfield at atmosphere pressure 

 

Item Value 

Temperature (C) 24.0 

Density (kg/m
3
) @ 20°C 1011.5 

Viscosity (mPas) @ 20°C 1.05 

pH @ 20C 7.85 

Specific conductivity (mS/cm)@ 25°C 25.6 

Refractive index @ 25C 1.3374 

Chloride (mg/L) 10520 

Major Components in Brine, mg/L 

Chloride (Cl
-
) 6062 

Sulphate (SO4
2-

) 24 

Sodium (Na+) 4204 

Calcium (Ca
2+

) 119 

Magnesium (Mg
2+

) 68 

Iron (Fe
2+

) 0.23 

Manganese (Mn
2+

) 0.06 

Barium (Ba
2+

) 4.56 

Potassium (K
+
) 39.77 

 

Note:  *Major data are from the South Saskatchewan oil field 
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Table 3.5 Ottawa silica sand properties 

Producer US Silica 

Sand source St. Peter sandstone, Ontario 

Colour White 

Cubic close packing (CCP) Solids fill at 74% sample volume  

Sieve portion (wt.%) 
< 100 mesh (10%) + 100–200 mesh (25%) + 200–400 

(40%) mesh > 400 mesh (25%) 

Wettability More water wet 

Composition (wt.%) 
99.8% SiO2 + 0.03% Fe2O3 + 0.05% Al2O3 + 0.12 % 

others 

Oilfield Used as fracturing proppants at high pressure 

Melting point (°C) 1700 
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Table 3.6 Measuring equipment and main components of the HWCS injection system 

No.  Item Description 

1 Syringe pump  ISCO Series D, Model 500, USA 

2 Vacuum pump Fisher Scientific, Model M4C 

3 Sand pack Stainless, two fluids distributors fitting two ends 

4 Insulation  Aluminum foil 

5 Vibrator Air source, help to pack the sand more tightly 

6 Centrifuge Fisher Scientific, Canada 

7 Cylinder 200–500 cm3, pressure upper limitation 3,000 Psia  

8 Viscometer Brookfield, DV-II 

9 Water bath #1 Brookfield, TC-501, Connected with the viscometer to control  

the test temperature 

10 Densitometer DMA 512P, Anton Paar, USA 

11 Pressure transducer Validyne, Northridge, USA 

12 Pressure gauge Ashcroft,  Model 2086, USA 

13 Gas flow meter Cole Parmer, CP-32505-00,Canada 

14 Temperature controller Cole–Parmer, Standard-89000-00, Canada 

15 Water bath #2  Glass type, homemade, preheat the injection water and gas 

line to increase the temperature 

16 Thermocouples #1 Omega JMQSS-020, Type J, Sheath  

17 Heating tape Kurt J. Lesker, Canada 

18 Balance Cole Pamer, ED2000, Canada 

19 Stirrer Thermolyne & Cimarec2, USA 

20 DI water maker Watts Premier, USA 

21 Back pressure Temco, Model BPR-2, USA 

22 Tubing Swagelok,  1/8″ plastic and stainless type 

23 Control valves Swagelok, needle valve 

24 Connection Swagelok,  union and cross type 

25 Air bath Insulation with foam materials, home made 

26 Data logger  UPC Software 

27 Camera Canon, EOS Rebel T3 

28 Thermocouple#2 Connector-on STD, Hoskin Scientific, Canada 

29 Thermometer Fisher Scientific, USA 

30 Temperature sensor Temperature 300 Dualogor Thermocouple logging 

Thermometer, Scientific Instrument Services, USA 

31 Regulator #1 Pro-Star,  Model 4324301-75-000 for nitrogen 

32 Regulator #2 Pro-Star,  Model 4924861-01-695 for methane 

33 Regulator #3 SwageLok, input pressure: 0–1,500 Psia, output pressure: 

100–400 Psia, for propane 

34 Gas Cylinder Praxair, Model K, Canada 

35 Others Tools, Waste and glass ware treatment, Vice,   
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3.2 Experimental Set-up 

      The major equipment used in the experiment are listed in Table 3.6. The utilization of 

equipment is described in the following parts. 

3.3 Experimental Measurement 

3.3.1 Oil composition 

      The specific composition of heavy oil sample #2 was analyzed by using simulated 

distillation method (Green, et.al, 1964). First, a gas chromatograph (GC) Yokogawa 

GC1000 Mark II was calibrated by a group of n-Alkanes, and the calibration factor was 

used to calculate and quantify the hydrocarbon with different carbon numbers based on 

the peak value on GC graph. Then, the oil was diluted and the HC components were 

separated in the GC column, and detected by a flame-ionization detector (FID). Third, the 

final oil composition were determined and assured through the reproducible calibration 

and test results in terms of weight percent. All the materials in the test process will be 

demonstrated free from interference caused by trace contaminants or glassware.   

      For the carbon number distribution, the hydrocarbon components whose carbon 

numbers are larger than C30’s were lumped together as C30+’s. From Table 3.2 and 3.3, 

it can be seen that there is no light HC components detected in oil sample #2. The 

absence of light ends from Ethane to 1-Hexane indicates that the crude oil can be 

considered as dead oil without any solution gas in it (GOR m
3
/m

3
 = 0). This is not helpful 

for the gas swelling displacement in the porous media. The weight percent of C10’s–

C30’s is equal to 45.71 wt.%, which is less than that of C30+’s in oil sample 2. To some 

extent, this trend of carbon number distribution may be a contributing factor to the high 

density and viscosity of the heavy oil. Also, with more heavy components in the oil, it is 
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more likely the oil will have a high concentration of asphaltene. This was proved by the 

asphaltene measurement with a value of wasp = 11.7% in terms of n-pentane insoluble. 

The determined oil composition will be used as a reference in the follow-up simulation 

by using the CMG WinProp Module. 

3.3.2 Density measurement  

      The heavy oil density was measured by using a digital high-pressure densitometer 

(DMA 512P, Anton Paar, USA) with an accuracy of 0.1 kg/m
3
. This densitometer’s 

measuring capacity for the fluid density is from to 0 to 3,000 kg/m
3
. The densitometer is 

placed on a table surface with solid foundation to erase the vibration interference in the 

test process. A water bath (Brookfield, Model TC-501, Engineering Laboratories, USA) 

was connected to the densitometer sampler to control the surrounding environment 

temperature around the vibrating tube.  

      Before starting the density measurement, the inner surface of the vibrating tube and 

fitting tubes were cleaned with toluene and ethanol, and then dried by air flush. Then the 

densitometer was calibrated by using distilled water and air respectively. The specific 

density of distilled water is 1,000 kg/m
3
 at standard conditions (@15°C and 101.325 kPa), 

for air the value is equal to 1.293 kg/m
3
. A standard liquid was then used to measure its 

density and assure the calibration results. The last preparation of measurement was to 

pre-fill the vibrating tube with heavy oil, and circulate it for 5 minutes by using a syringe 

pump (ISCO Series D, Model 500) after the oil comes out from the bypass of the sampler 

inlet, making sure that the air inside is displaced out of the tube. Only a small amount of 

heavy oil with a volume of 1.0 cm
3
 was kept in the vibrating tube.  
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      The density of each oil sample is measured three times and an average value of the 

measured density data was obtained at the atmospheric pressure and temperature = 15, 

24.0, 50, 65°C. The final density for oil sample #1 is equal to 0.972 g/cm
3
@ temperature 

= 24°C, and the value for the sample is 0.978 g/cm
3
. Sample #2 is heavier than sample #1. 

The density value will be used as an input parameter in the next PVT simulation process.  

3.3.3 Viscosity measurement 

(1) Dead oil  

      The viscosity of measurements for the two heavy oil samples were conducted at 

atmospheric pressure and in the temperature range of 15.0–90.0°C by using a cone-plate 

viscometer (DV-II+ Brookfield Engineering Laboratories, USA). The viscosity 

measurement mechanism is that the torque required to rotate the spindle by viscous fluids 

is proportional to the shear stress theoretically. After the torque is measured and recorded 

by the viscometer inner chip, the fluid viscosity will be calculated automatically based on 

pre-calibrated viscosity versus torque chart and displayed on the LCD panel equipped 

with the viscometer. 

      The cone of the viscometer was cleaned with ethanol spray and dried by air flow prior 

to the measurement. The first step to start the measurement is to autozero the viscometer 

before taking the reading. Then a spindle of model CPE 51 was chosen for the viscosity 

measurement, which can be used for the viscosity measurement range of 2,000–48,000 cP. 

A crude oil sample of 0.5 cm
3
 was then placed and sheared between a stationary flat 

sample cup and the slightly coned spindle CPE 51, which was rotated at a pre-set low 

shear rate of 0.1 RPM. The viscosity reading was taken when the measured torque was in 

50–100% of the full scale range. A water bath (Brookfield, model TC-501 Engineering 
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Laboratories, USA) with the accuracy of 0.1°C was used to maintain a constant 

temperature during the viscosity measurement. The viscosity was measured at different 

temperatures for each oil sample. This was conducted three times, and the average values 

were taken to remove any measurement error. 

(2) Live oil   

      After the live oil (oil saturated with propane) was prepared, it was introduced into a 

homemade viscometer to measure its viscosity. The homemade viscometer was made of a 

20 foot long stainless tube coil (Swagelok Company, Model SS-T1-S-014-6ME, USA) 

with a 1/16 inch outer diameter (OD). Two pressure gauges (Ashcroft, Model 2086, USA) 

were equipped on the inlet and outlet of the coil to record the fluids pressure. Also two 

needle valves (Swagelok Company, Model SS-OVS2, USA) were connected from both 

ends of the tubing coil to control the inflow and outflow. A syringe pump was used to 

pressurize the piston of a cylinder full of heavy oil saturated with propane on one side. A 

back pressure regulator was needed to assure the outlet pressure was higher than the live 

oil saturation pressure. The live oil was injected at a constant flow rate, and the pressure 

difference was calculated. The measurement temperature was controlled by putting the 

coil into the homemade water bath.  

      The live oil viscosity is determined according to the following Equation 3.1, 

   
                   

   
                                                  (3.1) 

where r is the radius of the tubing, (Poutlet – Pinlet) is the pressure difference between the 

coil inlet and outlet,  µ is the viscosity of the inside fluids, and l is the length of the tubing. 

Normally, a correction coefficient k is needed for the viscosity calculation, and related 

with the tubing intrinsic characteristics, and which can be calibrated with standard fluids  
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Figure 3.1 The schematic of measuring the live oil viscosity at different pressures and 

temperature = 24°C 
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Syringe pump 

Viscometer 
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with known viscosity at certain temperature. The final viscosity was determined by a 

linear regression of the injection flow rate qinj versus k×(Poutlet – Pinlet) to eliminate the 

test error. The specific test schematic for viscosity measurement is depicted in Figure 3.1. 

3.3.4 Asphaltene content measurement 

      The asphaltene content in heavy oil was determined by using the standard ASTM 

D2007–03 method [2007]. According the measurement standard, the heavy oil is diluted 

by liquid n-pentane with a ratio of one volume of the heavy crude oil to forty volumes of 

added solvent, the insoluble contents will precipitate in n-propane, the major parts of the 

precipitated solids are consider asphaltene. More details of quick oil composition analysis 

technology (SARA) are documented by Fan and Buckley (Fan and Buckley, 2002). 

Figure 3.2 shows the workflow of SARA method. The final asphaltene content 

determined by laboratory testing may vary to a certain extent because of different 

operation conditions and operators. 

      Specifically, the heavy oil–precipitant mixture was agitated using a magnetic stirrer 

(Thermolyne & Cimarec2, USA) in the capped flask for 12 hours at atmosphere pressure 

and temperature = 24°C. Then, a pre-wetted filter paper with 2 µm pore size (Whatman 

Filter Paper) was placed on the inner surface of a porcelain filter. The liquid mixture was 

then slowly introduced into the filter through a glass rod. The liquid permeated the 

filtration paper in 2 h by gravity. The leftover solid particles were collected, and rinsed by 

n-pentane until the solvent colour approached colourless. The precipitated particles on the 

filter paper was then dried in an oven at temperature = 100°C until the total weight of 

asphaltene plus the filter paper changed by 0.1% (Cole Pamer, ED2000, Canada). The final 

asphaltene content was determined by the weight difference of filter paper  
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Figure 3.2 The schematic illustration of SARA analysis process 
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between with and without asphaltene. The asphaltene hold by resins may be released by 

supporting structure and precipitates in the HWCS process. For the original dead oil and 

produced heavy oil samples from gas flooding, the asphaltene content of every sample 

was determined and compared.  

 3.3.5 Interfacial tension measurement 

The interfacial tension between heavy oil and propane was determined by using the 

pendant drop method. Drop shape analysis is a quick method to measure interfacial 

tension. Two basic assumptions are made about the technique: (1) the pendant drop 

surrounded by solvent can form a symmetric shape and achieve the mass transfer 

equilibrium state after some time at high pressure and temperature; (2) the pendant drop 

is in a static state, which means the viscous or inertia force is not the major reason to 

determine its shape, and the interfacial tension and gravity force are the only forces 

shaping the pendant drop. The Yang-Laplace Equation is the theoretical foundation for 

the interfacial tension calculation. 

      Figure 3.3 shows the IFT set-up for measuring the equilibrium interfacial tension. 

The main part of the set-up is the high pressure cell with view window (Homemade, 

Pressure certified to be 3,000 Psia). The flat tip syringe needle with an outside diameter 

of 0.65 mm was mounted vertically in the middle part of the pressure cell, the upper part 

of the needle was connected with a syringe pump (Syringe pump ISCO Series D, Model 

500, USA). The oil can be introduced into the cell to form a pendant drop at an extremely 

low rate of 0.001 cc/min with an accuracy of 0.5%. A backlight was used to enhance the 

light intensity in the pressure cell, and the image of the pendant drop was taken by a 

digital camera, which was equipped with a magnification lens. All the captured  
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Figure 3.3 Schematic diagram of the equilibrium interfacial tension measurement 
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images of the pendant drop were sent to the computer for IFT analysis and calculation. 

Before starting the IFT measurement, the pressure cell was cleaned with ethanol and 

flushed with air and solvent (propane or methane) for 5 minutes. Then the pressure cell 

was pressurized to the designed pressure by using the solvent at the temperature = 24°C. 

The heavy oil was then injected to the pressure cell through the syringe pump, and the 

image was taken until it reached the equilibrium state with a small percent of volume 

swell of 5.0%. The required solvent density in IFT calculation was determined by using 

the software of CMG WinProp Module (CMG, 2011.12 Version). 

3.3.6 Solubility and swelling factor measurement  

      Figure 3.4 shows the schematic diagram of the experimental set-up for the 

measurement of solvent (methane and propane) solubility in the heavy oil. The main part 

of the set-up consisted of a transparent high-pressure cell, which was connected with 

stainless cylinder (Homemade, Pressure certify to 3,000 Psia) and a syringe pump 

(Syringe pump ISCO Series D, Model 500, USA). The system temperature was set at T = 

24.0°C in the air-bath (Homemade, Foam insulation) during the solubility measurement, 

and the temperature was controlled by a temperature controller (Cole–Parmer, Standard-

89000-00, Canada). The pressure inside the pressure cell was measured by using a digital 

pressure gauge (Ashcroft, Model 2086, USA). 

      More specifically, the following steps were used when measuring the solubility and 

swelling of heavy oil: 

(1) The transparent pressure cell was cleaned with ethanol and flushed with air, then 

vacuumed for 2 hours until the pressure maintained at a stable level at -95 kPa.  

(2) The cell was flushed by methane or propane again. 
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(3) A heavy oil sample with a volume of 20 cm
3
 was injected into the transparent 

pressure cell at an injection rate of 0.5/min, and then the cell was pressurized by 

methane or propane at a designed pressure. The initial solvent pressure P0, 

temperature T0, and volume V0 were recorded. 

(4) A steel ball was pre-put on the bottom of the cell to allow the fluid mixture to be 

more easily stirred. The high pressure cell was rotated to allow methane or 

propane to mix with heavy oil uniformly, and the pressure inside the pressure cell 

was allowed to stabilize for 12 hours after each rotation.  

(5) When the pressure inside the pressure cell reached its stable value, as indicated by 

constant cell pressure within a pressure measurement accuracy of ± 0.025 MPa for 

over 24 hours.  

(6) After fully mixing the solvent and heavy oil, the equilibrium solvent pressure Pe, 

temperature Te (Te ≈T0), and volume Ve were recorded.  

      The solvent solubility was defined as the ratio of the dissolved solvent mass to that of 

the original heavy oil sample used (i.e., g of solvent/100 g of oil). According to the mass 

balance equation and the equation of state (EOS) for the solvent, the solvent solubility in 

the heavy oil sample can be calculated by using the following Equation (3.2): 

  
    

        
 

    

     
 

    

     
                                               (3.2) 

 

where     
 is the molecular weight of CH4, ρoil is the density of the original heavy oil 

sample, Z0 and Ze are the compressibility Z-factors of methane at the initial state (P0, T0) 

and at the equilibrium state (Pe, Te), respectively, and R is the universal gas constant. The 

molecular weight and Z-factor valued were provided by CMG WinProp Module. 
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      In the test process, after mass transfer from solvent to heavy oil reached the 

equilibrium state, the volume of the saturated heavy oil in the pressure cell was recorded 

by reading a pre-set scale, named Vs. The swelling factor (SF) of the heavy oil in this 

research was defined by the following Equation (3.3):       

    
  

  
                                                                       (3.3) 

      For measuring the live oil viscosity, 50–100 cc dead oil was injected into the 

transparent cell. The solvent (methane or propane) was then pressurized into the cell at a 

certain pressure and T = 24.0°C. A gas cap was kept on the top of the cell to assure there 

was enough solvent for saturation in heavy oil. After fully mixed period for one week, the 

live oil was introduced to the homemade viscometer for viscosity measurement. 

3.3.7 Sand pack flooding  

      1) Set-up of the sand pack system 

      A schematic diagram of the sand pack flooding set-up used in the test is illustrated in 

Figure 3.5 and Figure A1–A3 in Appendix. Before starting the test, the sand (Ottawa 

Silica Sand, US Silica) used to pack was put into DI brine for achieving a more water 

wettability. An automatic displacement pump (ISCO Series D, Model 500, USA) was used 

to displace the heavy oil, reservoir brine or solvent through the sand pack. The sand pack 

used in the flooding tests was 30.6 cm long with an outside diameter of 2.54. Two fluid 

distributors with fine stainless sieve were mounted on the both end of the sand pack, 

which allowed the inlet and outlet fluids be homogenously distributed in the model after 

the fluids entered into porous media, and reduced the “end effects” for the linear core 

flooding process.  
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Figure 3.4 The schematic diagram of measuring the solvent solubility in heavy oil   
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Figure 3.5 The schematic of Hot Water Combined with Solvent (HWCS) injection 

system for heavy oil  
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      Due to the viscous instabilities and discontinuities from the inlet and outlet, the 

generated “end effect” in the core will affect the sand pack displacement results to some 

extent. However, the “end effects” can be minimized by increasing core length and inside 

pore volume. In the year 1953, Rappaport and Leas (Rapport and Leas, 1953.) proposed 

their scaling criterion to remove the dependence of oil recovery on injection rate and core 

length to ensure a stable core flooding test. Also under the condition of this scaling 

criterion, most likely the capillary pressure gradient ≤ imposed pressure gradient in the 

flow direction. The scaling criterion is given by the following Equation (3.4), 

                                                                      L·V·μ ≥ 1                                                  (3.4)                                                              

where, L is the core length (cm), μ is the viscosity of displacing phase (cP) , and V is the 

fluid velocity (cm/min). 

      In this experiment, the calculated scaling criterion value equals to larger than 957.7, 

which was much larger than 1. Therefore, in this study the linear sand pack used in all the 

performed flooding tests could be considered as “end effects” eliminated. Actually, this 

criterion is generally satisfied in the real reservoir scale floods because with the great 

increase of L (distances between injector and producer) the condition of equation (3.4) 

tends to be easily met.  

      The sand pack flooding system mainly consisted of three parts:  

(1) The injection subsystem included a positive pressure syringe pump (ISCO Series 

D, Model 500, USA) and four high-pressure cylinders (Homemade, certified to 3,000 Psia) 

were used to store and deliver the heavy oil, reservoir brine, methane, and propane, 

respectively. These four injection cylinders were positioned vertically in the comer of the 

air bath (Homemade, Foam insulation), and the sand pack was placed horizontally in the 
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middle of the air bath. An electric heater (Honeywell Ceramic Space Heater, Canada) 

and a temperature controller (Cole–Parmer, Standard-89000-00, Canada) were used to heat 

the air bath and maintain a constant temperature of T = 24.0
o
C. 

 (2) The sand pack was mounted on a wood support. An electric heating tape was 

used (Kurt J. Lesker, Canada) to wrap around the tubing before the sand pack to control 

the injection fluids temperature and to reduce heat loss. Also an insulation belt 

(Aluminum foil, Canadian Tire) was used to tightly cover the heating tape. Before the 

injection brine or solvent arriving the inlet of the sand pack, a water bath was used 

(Homemade, temperature certified to be 85°C) to pre-heat the outside tubing at a certain 

temperature. Two thermocouples (Connector-on Thermocouple, STD, Hoskin Scientific, 

Canada) were connected on the inlet and outlet of the sand pack, and a digital temperature 

data logger (Temperature 300 Dualogor Thermocouple logging Thermometer, Scientific 

Instrument Services, USA) was used to record the temperature of injection and production 

fluids. The pressure drop between the inlet and outlet of the sand pack was measured by 

using a differential pressure transducer (Validyne, Northridge, USA). All the pressure 

logging data was processed by UPC software. A linear extrapolation of the pressure 

versus logging value was performed to achieve a standard line with a logging x-axial and 

pressure y-axial. This was used to calculate the pressure drop in the flooding process.  

(3)Production subsystem is consisted of a back-pressure regulator (BPR) (Temco, 

Model BPR-2, USA) used to maintain the pre-designed injection pressure inside the sand 

pack during each water or solvent  flooding test. A high pressure nitrogen cylinder 

(Praxair, 20.0 MPa, Canada) was used to provide the specific pressure for BPR. Also, a 

gas flow meter (Cole Parmer, CP-32505-00, Canada) was used between the BPR and 
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nitrogen cylinder, and the observation of nitrogen bubbles in the water assures that the gas 

comes out of the cylinder under certain pressure.  

2) Sand pack flooding methodology 

The conventional method to prepare the sand pack for flooding test is briefly 

described in the following steps: 

(1) First the Ottawa sand was emersed into the brine for 2 weeks to let the sand fully 

wetted by brine. Then the sand pack was verically positionded on a stable level surface. A 

amount of sand was introduced into the model through a glass funnel in case in case the 

connection screw had sand particles stuck to it. A certain volume of brine was then used 

to soak the sand in the model. The process was repeated until the model was completely 

filled with the sand. The model was then fluhed with air for 8 hours to dry the sand. A 

air-blow vibrator was mounted around the sand pack to vibrate the sand pack for 2 hours. 

After the vibration, the leftover space on the top of the model was filled with sand again. 

Last, the open end of the sand pack was capped with a fluid distrbitor.  

(2) After the sand pack was prepared, it was assembled with thermal sensor and 

temperature logger for data recording. The sand pack was then vacuumed for 12 hours 

after the minimum pressure of -97 kPa was reached. The cleaned reservoir brine was 

imbibed into the sand pack under negative pressure. The weight of imbibed brine was 

measured to calculate the porosity of the sand pack. For the permeability measurement, 

the cleaned reservoir brine was injected at different flow rates (0.1–0.5 cc/min) to 

determine the absolute permeability of the sand pack. More specifically, when the 

pressure drop reached the equilibrium state, which was indicated by a stable voltage level 

by using the UPC software, and it was recorded by the software at 5-minute intervals. 

The pre-set pump injection rate and volume were recorded as well. Based on Darcy Law, 
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the brine permeability for sand pack was linearly extrapolated from the injection rate q 

versus pressure drop ΔP plot.  

(3) The total dead volume for the sand pack before inlet and after the outlet included 

the 1/8 inch tubing, valve and pressure gauge connection volume. The dead volume was 

determined by the weight difference between the volume containing parts with brine and 

that without brine.  

(4) The measured porosity of the sand pack was in the range of  29.8–31.5% and 

the measured absolute brine permeability was in the range of k = 9.5–9.7 Darcy. The 

connate water saturation was mesured to be 2.1–2.8%. Three different flooding mediums 

were used to displace the heavy oil in the model, the brines at different temperatures, the 

solvents (methane, propane and gas mixture) and the hot water combined with solvents 

(HWCS).  For each flooding test, the heavy oil was injected into the sand pack to displace 

the water at the injection rate of 0.05 cc/min until no more water came out of the sand 

pack, and the pressure drop ΔP between the inlet and outlet of sandpack reached an 

equilibrium state. The back pressure was then set to 100 Psia and the heavy oil was used 

to pressurize the sand pack. The flooding mediums were then injected into the sandpack 

at a rate of 0.1–0.5 cc/min, which was equal to a linear rate of 0.03–0.13 cm/min. The 

injection was terminated until a pore volume (PV) of 4.5 PV was attained and almost no 

more heavy oil was produced. Excepet for the investigation of the effects of injection PV 

on oil racovery factor, a total PV extened to 20 was injected into the sand pack, which 

was much higher the normal injection volume of 4.5 PV.  

(5) The produced oil and water was collected after BPR and separated by using a 

centrifuge (Fisher Scientific, Canada) at a time interval of 0.125 PV/sample. For each 
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produced oil sample, the asphaltene content measurement was conducted at ambient 

conditions. After the flooding process, three sand samples along the sand pack were taken 

from the inlet, mid-point and outlet for the water saturation measurement. More 

specifically, the sand samples were dried in the oven for 8 hours at a temperature of 40°C. 

The final water content was determined by the weight difference of the sand samples 

between before and after drying. The water saturation was calculated by the mass of 

water and volume of the sand samples. This was performed under the assumption that no 

heavy oil components evaporated from the sample when it was heated.  

(6) In the HWCS process, the water bath and heating tape were used to achieve the 

pre-designed temperature for injecting medium. And the temperature distribution along 

the sand pack was recorded automatically by using a temperature sensor and data logger 

(Temperature 300 Dualogor, thermocouple logging thermometer, Scientific Instrument 

Services, USA). The aluminum insulation was used to abate the heat loss from the steel 

sand pack. The heat conductivity for steel is about 80 W/m·°C @ 25°C, which is the 

main reason that temperature along the sand pack decreased sharply from inlet to outlet 

even with the employing of insulation material.  

3.3.8 Viscous fingering observation  

      The viscous fingering effect is the main cause for lower heavy oil recovery by water 

and/or gas flooding. A homemade transparent model (see Figure A7 in appendix) was 

used to determine the hot water sweep efficiency with viscous fingering existing. The 

measured dimension of the sand pack part is equal to 0.9 × 40 × 200 mm. Figure 3.6 

shows the schematic structure of the model. The detailed procedure of the viscous 

fingering test is described below: 
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Figure 3.6 The schematic illustration of the micro-cell model 

Inlet 

Dimension 0.9×20×40 mm 

Outlet 
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(1)The transparent model was cleaned with ethanol and flushed with air for 

preparation. The micro-cell was then packed with Ottawa glass beads (an average 

diameter of grain size 0.3 mm) in a vertical direction. To make sure the micro-cell was 

fully packed with glass beads, a plastic hammer was used to shake it softly around the 

model. The model was then horizontally positioned in an air bath with a controlled 

temperature of 65.0°C. 

(2)The back pressure of the micro-cell was set to 50 Psia by using high pressure 

nitrogen (Praxair Air, Model K, Canada). A colorless mineral oil (white heavy mineral oil, 

HC mixture USP, EM science) with a viscosity of 157 cP @ 65.0°C was then  

pressurized and injected into the packed cell at an extremely low rate of 0.001 cc/min, 

until the packed glass changed its color from white to shallow grey. In this case, the 

micro-cell was 100% saturated with mineral oil with zero brine saturation.  

(3)Then the dyed brine (nutrition green) was injected into the micro-cell to displace 

the mineral oil at rate of 0.001cc/min. The green color of the brine was easily observed 

through the transparent cell. The flow path of the mineral oil in the packed cell was 

captured by a Canon EOS Rebel T3 in the test process. 

(4)After the test, the final flooding picture was processed with professional software 

to calculate the sweep area and efficiency. 

3.3.9 Others  

In this study, the live oil (heavy oil sample #2 + propane) was prepared at the 

temperature of 24°C for the propane solubility and viscosity test. More specifically, the 

following steps were followed: 
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(1)A steal ball was pre-put on the bottom of the cylinder for homogeneous mixing of 

the solvent and heavy oil in a rotating process. The dead heavy oil with a mass of 100 g 

was injected into a vacuumed homemade cylinder. The leftover space of the cylinder was 

then flushed with propane for 2 minutes. The cylinder was then pressurized with propane 

to a pre-set pressure. 

(2)The cylinder was fixed and rotated in a rotating holder in the temperature 

controlled air bath for one week until the pressure of the cylinders reached an equilibrium 

state with an accuracy of 0.5% change. Then the cylinder was pressurized again to the 

pre-set pressure and the process was repeated until the final pressure approached the pre-

designed value. 

(3)The pressurized cylinder was vertically positioned. The gas cap was removed 

through an inside long tubing by controlling the back pressure of the cylinder until the 

foam oil came out of the cylinder. Then the live oil was transferred to the homemade 

viscometer for viscosity measurement. 
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CHAPTER 4 RESULTS AND DISCUSSION 

 

4.1 Oil Composition  

      The oil composition of sample #2 was analyzed by using GC technology. The carbon 

number distributions are as shown in Figure 4.1 (a) and (b). 

      From the Figure 4.1(a) and (b), it is obvious that there is no light hydrocarbons for 

carbon number C1–C9, and this is a typical characteristic of heavy oil. Also, no great 

difference exists among the HC C10–C30, but the C30+ weight percent in the heavy oil is 

much larger than that of other HCs, which is the dominant composition and the reason for 

the higher asphaltene content of wasp = 11.7 wt.% in heavy oil. 

4.2 Oil Density  

      The dead oil density was measured at the temperature of 15, 24, 50, and 65°C 

respectively by using the densitometer, and the temperature were controlled by cycling 

the water from the bath. The density of live oil under the different pressure and at the 

temperature of 24°C was measured by circulating the fluid into the vibration tube.  

      Figure 4.2(a) shows the dead oil viscosity at different temperatures. It is clear that the 

dead oil density decreases with the temperature, and the oil volume is enlarged 

accordingly. This oil swelling effect contributes to the improved heavy oil recovery at 

higher temperatures. The linear regression of density and temperature shows an error of 

R
2
 = 0.971. Figure 4.2(b) shows the density of live oil at different pressures and T = 

24°C. When the pressure is increased from 300 to 800 kPa, the density is decreased 

slightly from 0.975 to 0.829 g/cm
3
 due to the propane dissolving in heavy oil. This means 

that dissolving propane in heavy oil will not substantially reduce the oil density.  
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(a) Mole percentage 

 

(b) Weight percentage 

 

       

 

 

 

Figure 4.1 Oil (sample #2) carbon number distributions from GC analysis 
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4.3 Oil Viscosity 

4.3.1 Dead oil  

      The dead oil densities were measured at the temperature of 15, 24, 50 and 65°C by 

using the viscometer (Brookfield, DV-II). The torque range for viscosity measurement 

was satisfied with a value higher than 50%. The results are shown in Figure 4.3(a). 

Although these two dead oils have a tiny density difference of 0.006 g/cm
3
, the 

viscosities behave in entirely different ways. It is obviously that the viscosity of oil 

sample #2 is more sensitive to temperature change than that of sample #1 when the 

temperature is higher than 60°C. The viscosity as a function of temperature for both 

heavy oils was regressed respectively by using the exponential formula, as shown by 

Equation (4.1) and (4.2), 

Y1= 4146.7e
-0.054x

, R
2 
= 0.9808                                      (4.1) 

Y2= 31354e
-0.071x

, R
2 
= 0.9909                                      (4.1) 

      The regressions could be used to predict the viscosity in the temperature range of 15–

80°C reliably based on the ignorable error of the equations. The derivative function of 

these two equations are derived as following Equation (4.3) and (4.4), 

dY1/dx = -233.92e
-0.054x 

                                               (4.3) 

      dY2/dx = -2226.13e
-0.054x 

                                              (4.4) 

      Figure 4.3(b) shows the viscosity change rates at different temperatures. For oil 

sample #1, the value of derivative dµ/dT is less than 10 when the temperature is equal to 

46.2°C. This means a further increase of temperature will not significantly reduce the 

heavy oil viscosity. In contrast for oil sample #2, this value of 64.4 cP/°C still can be 

achieved at the temperature of 65.0°C, after that the heating will not help to decrease the  
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(a) Dead oil (sample #2) densities at different temperatures 

 

 

 

(b) Live oil (sample #2 saturated with propane) densities at different pressures 

 

 

Figure 4.2 Density measurement results for oil sample #2 
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(a) Dead heavy oil (Sample #1 + #2) viscosities at different temperatures 

 

(b) Dead heavy oil (Sample #1+#2) viscosity change rates at different temperatures 

 

 

Figure 4.3 Viscosity behavior of dead heavy oil at different temperatures 
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Figure 4.4 Live oil (sample #2) viscosity change rates at different saturation pressures 

and temperature = 24°C 
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heavy oil viscosity greatly. In this study, the heating temperature for HWCS was set as 24, 

40 and 65°C. The temperature with a dµ/dT value of less than 50 cP/°C could be defined 

as an inflection point based on the heavy oil viscosity decrease. From this point of view, 

the economic mobility ratio could be obtained at this temperature in HWCS process.  

      For dead oil at the temperature of 24°C, the measured viscosity is almost a constant 

value of 5592 cP when it was pressurized from 300 to 800 kPa. This could be explained 

by the reason that there was no solution gas or gas cap existing in the dead oil, and the 

heavy oil is nearly an incompressible fluid with a small compressibility coefficient. The 

physicochemical property changes of dead oil caused by the narrow range of pressure 

enhancement could be ignored. Therefore, the viscosity of dead oil can be considered a 

constant parameter in the afterward simulation part.    

4.3.2 Live Oil 

      The live oil viscosity was measured by using the homemade viscometer based on the 

Hagen–Poiseuille equation. The pre-set pressure for the viscosity measurement was 

maintained by a back pressure regulator connected with a syringe pump. The viscosity 

was greatly reduced by adding a solvent to the heavy oil. A small amount of propane can 

decree the heavy oil viscosity significantly. From Figure 4.4, at the equilibrium pressure 

of 300 kPa, 100 grams of heavy oil is saturated by only 2.75 grams of propane, but the 

viscosity for the live oil is reduced to 22.3% of its original viscosity at an ambient 

pressure and the temperature of 24.0°C. At the equilibrium pressure of 800 kPa, the live 

oil viscosity was reduced to as low as 17 cP, which is just 0.3% of the original value. The 

viscosity reduction caused by dissolved propane in the heavy oil can be directly 

understood based on the phenomenon that propane could reduce the resisting friction 
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between fluid laminations due to the large quantity of mole mass. The embedded propane 

molecules dilute and “lubricate” the thick oil to certain extent. In this study, propane was 

employed to recover the heavy oil because it reduces the viscosity of heavy oil.  

4.4 Aspaltene Content  

      The asphaltene content was analyzed for each produced oil sample based on the n-

penane insoluble method. In the sand pack flooding process the precipitated asphaltene 

may plug the fluids distributor and increase the injection pressure, in such cases, the 

toluene was used to clean the asphaltene along the tubing and inside wall. The appearance 

of produced asphaltene sample at the temperature of 65°C is similar to that of heavy oil, 

see Figure A6 (a) in Appendix, and the condensed asphaltene is in a consolidated form, 

see Figure A6 (b). The produced asphaltene content for each of the total twenty-three 

sand pack flooding tests is listed in Table A1–A23. Generally, the asphaltene content in 

produced oil is less than that of the original heavy oil, with a distribution range of 8.7–

11.7 wt.%  in overall oil composition. The reason for this is the light components are 

preferred to be “extracted” by solvent and displaced by hot water in HWCS process, and 

the heavier components are left in the porous media. This will cause more resin and 

lighter oil to be produced. Thus, the asphaltene induced by losing surrounding resin will 

precipitate in the sand pack and heavy oil with less alphaltene being produced. Also, it is 

found that for test #12 and #18, the measured asphaltene content is equal to 8.2 wt.% and 

8.5 wt.% respectively. The value of wasp = 8.2 wt.% is the lowest value compared with 

other tests, because in total 4.5 PVs of propane was injected into the sand pack, and more 

light components were extracted and displaced in flooding. The injected water 

temperature may affect the asphaltene precipitation indirectly. This is illustrated by the 
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higher asphaltene content which occurs at the lower water injection temperature. At 

higher temperatures more heat is introduced into the sand pack, causing more oil with 

less viscous and light components to flow easily out the sand pack.  

4.5 Interfacial Tension 

      The equilibrium interfacial tensions (IFT) between solvents (methane, propane and 

gas mixture of methane and propane) were measured at different pressures lower than 

900 kPa, and at the temperature of 24, 50 and 65°C. The IFT is an essential factor which 

dominantly affects the mass transfer efficiency from the propane phase to the oil surface. 

Figure 4.5–4.7 shows the equilibrium IFTs between heavy oil and solvents under 

different pressures and temperatures. It can be seen, for  propane, methane and gas 

mixture of methane and propane, the IFT results indicate an linear relationship with 

pressure, and all the regression coefficient R
2
 are larger than 0.93. IFTs increase at higher 

temperature. It can be explained by the indirect reason that solvent solubility decreases 

with increased temperature.  

      From Figure 4.5, the IFT is equal to 29.74 mN/m at the lower pressure of 0.1 MPa 

and temperature of 24°C, the higher IFT hurdles the propane dissolving into heavy oil 

further. Also, at this point the interface thickness is much larger than that at pressure = 

0.8 MPa, which is another reflection of slow mass transfer on the interface.  The lowest 

IFT for oil-propane of 15.36 mN/m at the pressure = 800 kPa and temperature = 24°C is 

almost half of that at pressure = 100 kPa. This demonstrates that the injection of propane 

into a sand pack at high pressure can greatly promote the solvent solubility and decrease 

the live oil viscosity.  
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Figure 4.5 The equilibrium IFTs between heavy oil and propane at T = 24, 50 and 65°C 
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Figure 4.6 The equilibrium IFTs between heavy oil and methane at T = 24, 50 and 65°C 
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Figure 4.7 The equilibrium IFTs between heavy oil and 80 mol.% methane + 20 mol.% 

propane  at T = 24, 50 and 65°C 
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     From Figure 4.6, it can be seen that the IFT decrease effects caused by methane 

injection is relatively smaller compared to propane injection. The IFT is only reduced to 

26.2 mN/m at the pressure = 800 kPa and temperature = 24°C, which is decreased by 

10.4% of its original IFT of 29.6 mN/m.  

      From Figure 4.7, it can be concluded that the adding of propane into methane can 

decrease the IFT to a certain extent. The decrease amplitude depends on the propane 

composition in the gas mixture. The solvent density at different pressures is determined 

by using the CMG WinProp Module for the IFT calculation.   

4.6 Propane Solubility and Swelling Factor 

      The propane solubility at different pressures was determined based on Equation 3.2 

(EOS). An objective observance and determination of distinct gas cap from oil phase in 

pressure cell is not need in this process. Therefore, the manmade error can be eliminated 

considering the operation procedure. The accuracy of calculated propane solubility 

depends on a precise compressibility factor for solvent at different pressures, which is 

provided by the gas data from CMG WinProp Module.  

      Figure 4.8(a) shows the propane solubility in heavy oil at temperature = 24°C. It is 

found that the propane solubility increases almost exponentially with pressure less than 

800 kPa. This is a good agreement with the live oil viscosity results in the same pressure 

range, i.e., the increased propane solubility significantly dilutes the heavy oil at higher 

pressures.  For instance, at the pressure = 300 kPa, the propane solubility is equal to 2.75 

g solvent/100 g oil; at the pressure = 800 kPa, this value is dramatically increased to 

39.39 g solvent/100. The huge increase of solubility near the pressure = 800 kPa can be 

explained by the reason that its vapor pressure at temperature = 24°C is about 900 kPa,  
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(a) Heavy oil-propane solubility 

 

(b) Oil swelling factor 

 

 

 

 

Figure 4.8 The solubility of propane in heavy oil (sample #2) at temperature = 24°C 
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the sharp increase of solvent density helps to dissolving it into heavy oil. If further 

pressurization is applied, propane will change into a liquid phase. Theoretically, the 

liquid propane is considered part of the crude oil. 

    Figure 4.8(b) shows the measured swelling factor and the calculated swelling factor 

based on the propane solubility in heavy oil. The calculation Equation (4.5) is:  

   
          

         
 

                    

                    
 

                    

                           
                     (4.5) 

where       represent per unit live oil (100g), and      is the dead oil solubility with the 

same unit as M . The dead oil density was supposed to be 0.978 g/cc and independent to 

the pressure. The calculated SF is higher than the experimental value when the pressure 

exceeds 700 kPa.  

4.7 Sand Pack Flooding 

      In total, twenty-three sand pack flooding tests were conducted in this research. All of 

the flooding tests can be categorized into the following seven types according to the 

different affecting factors for HWCS process:  

1) Temperature effects: hot water flooding at the temperature = 15, 24, 50 and 65°C; 

2) Oil viscosity effects: two heavy oils were used in the test. Oil sample #1 has a 

viscosity of 1287 cP.  Oil sample #2 has a viscosity of 5297 cP; 

3) Injection rate effects: different injection rates from 0.1–0.5 cc/min were designed 

and tested for test in HWCS process; 

4) Injection PV effects : except test #11 with an injection volume of  20 PVs, all the 

other injections were finished at the 4.5 PVs; 

5) Solvent effects: methane, propane and gas mixture of methane and propane were 

used in the tests to compare oil recovery results; 



70 

 

6) Slug pattern effects: different slug patterns were used for propane combined with 

hot water injection to optimize the slug size; 

7) Temperature effects for WAG: at the temperature = 15, 24 and 50°C, the effects 

of propane combined with water inaction were investigated. 

      For the purpose of analysis, the following definitions were created: 

(1) *0.25 PV BT oil recovery (%) is defined as a breakthrough value in this study. 

The cumulative oil recovery around this PV has an obvious “inflection point” 

characteristic. The oil RF increases sharply prior to 0.25 PV, and then turns into a 

gradually growth stage. However, even after the water breakthrough (BT) the 

heavy oil still can be displaced by hot water in the porous media to a certain oil 

recovery. This phenomenon of slow growth of oil recovery after BT is different 

for the water flooding application in light oil. 

(2) Heat efficiency is defined as the final water OOIP recovery multiplied by one 

hundred and divided by the temperature and injection PVs. The heat flux density 

is defined as the amount of energy that flows through a unit area per unit time. 

According to Fourier's Law of thermal conduction, the local heat flux density is 

equal to the product of thermal conductivity, and the negative local temperature 

gradient. In this study, the total heat conduction from sand pack to the 

surroundings is proportional to the temperature difference between hot water and 

ambient temperature. The temperature unit used in the calculation is Kelvin (K), 

and the heat efficiency unit is in a form of %·K
-1

·PV
-1

. This parameter is used to 

compare the heavy oil recovery under different temperatures.  

http://en.wikipedia.org/wiki/Heat_flux
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(3) Solvent efficiency is defined as the total OOIP recovered by solvent divided by 

the overall solvent slug number. The calculated solvent efficiency unit is in a form 

of %·PV
-1

, and its value is used to evaluate the solvent’s (methane, propane and 

gas mixture of C1 + C3) usage efficiency on heavy oil recovery. 

      All the sand pack parameters and flooding recovery results were summarized. (See 

the appendix from Table A1–A23). The produced sample analysis, such as the water 

saturation and asphaltene content, is also summarized in these tables. Also, for each test 

the heat usage efficiency and solvent efficiency in HWCS were determined and the 

results were listed in Table A1–A23. 

4.7.1 The effect of temperature on water flood 

      At temperature = 15, 24, 50 and 65°C, the water flooding tests were conducted to 

displace the heavy oil. As shown in Figure 4.9, the highest oil recovery of 44.8% is 

achieved at the temperature of 65°C, which is almost double that at the temperature = 

15°C. Oil RFs at temperature of 15 and 24°C are almost the same. The main reason is 

that at low temperatures, the viscosity of heavy oil is still high, and the mobility ratio 

between heavy oil and water has not been greatly improved. The water breakthrough 

recovery (RF bt) for these four flooding tests are in the narrow range of 14.6–15.6%. For 

test #4, after water breakthrough the heavy oil is still displaced gradually by water until 

the final oil RF 44.8% is reached. This phenomenon is different from the light oil 

recovery performance in water flooding, where less oil is produced after water 

breakthrough. Also, it is found that the heat efficiency is enhanced from 1.9 to 2.9 %·K
-

1
·PV

-1+
 when the temperature is increased from 15°C to 65°C. This means at higher 

temperatures the heat usage is more efficient in the hot water flooding process. 
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Figure 4.9 The hot water flooding RFs for oil (sample # 2) at different temperatures, test 

#1 (15°C), #2 (24°C), #3 (50°C), and #4 (65°C) 
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Figure 4.10 The hot water flooding RFs for oil # 1 and 2 at different temperatures, test #3 

(µ = 5592 cP, temperature = 50°C), #4(µ = 5592 cP, temperature = 65°C), #5 (µ = 1287 

cP, temperature = 50°C) and #6 (µ = 1287 cP, temperature = 65°C) 
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Figure 4.11 The hot water flooding RFs for oil # 2 at different injection rates and at 

temperatures = 65°C, test #4 (qinj = 0.1 cc/min), #7 (qinj = 0.2 cc/min), #8 (qinj = 0.3 

cc/min), #9 (qinj = 0.4 cc/min), #10 (qinj = 0.5 cc/min) 
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4.7.2 The effect of oil viscosity 

      Two oil samples were used in the tests. Oil sample #1 has a viscosity of 1287 cP, for 

the oil sample #2 the viscosity is equal to 5592 cP. The viscosity effects on heavy oil RF 

were studied at the temperature = 50 and 65°C. It can be seen from Figure 4.10 that at 

higher temperature = 65°C the viscosity has a greater effects on heavy oil RF than that at 

lower temperature = 50°C, i.e., the RF for less viscous heavy oil can be more easily 

improved if hot water with a higher temperature is applied to displace it. The heavy oil 

recovery of 54.3 % for test #6 is the peak value in all flooding tests.  

4.7.3 The effect of injection rates  

      The injection rates affect the heavy oil RF in a manner of heat conduction and sweep 

efficiency. From Figure 4.11 it is found that the heavy oil recovery is decreased from 

44.8% to 37.6% when the injection rate is increased from 0.1 to 0.5 cc/min. The higher 

injection rate decreases the heat efficiency and sweep efficiency. The heat efficiency for 

test #10 is reduced by 17.2% compared with that for test #4.  However, for the heavy oil 

RFbt there are little differences existing even at different injection rates.  

4.7.4 The effect of injection PV  

      For the light medium oil recovery, practically the injection PVs are usually set at an 

economic level (injection/ production ratio = 2–4) considering the water injection cost the 

environmental issues. However, this ratio may change significantly as aforementioned the 

heavy oil recovery can gradually grow to a certain level after water breakthrough. In test 

#11, the injection PV was purposely extended to 20 at the injection rate = 0.4 cc/min to 

investigate the effects of large injection PV on final heavy oil RF. As shown in Figure 

4.12, the heavy oil recovery is increased by 22.3% compared with that at 4.5 PVs  
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Figure 4.12 The hot water flooding RFs for oil # 2 at different injection PVs and at 

temperatures = 65°C, test #9 (PV = 4.5 @ qinj = 0.4 cc/min), test #11 (PV = 20.0 @ qinj= 

0.4 cc/min) 

0

10

20

30

40

50

0 5 10 15 20 25

O
il

 r
ec

o
v

er
y

 f
a

ct
o

r 
(%

) 

Injection PV 

Injection PV=4.0 PV

Injection PV=20.0 PV



77 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 4.13 Different solvents flooding RFs for oil # 2 at temperatures = 65°C, test #12 

(C3 injection), #14 (C1 injection), # 16 (80 mol.% C1 + 20 mol.% C3), #17 (60 mol.% 

C1 + 20 mol.% C3) 
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injection. On the other side, the decreased heat efficiency of 0.7 %·K
-1

·PV
-1

 should be 

negatively considered although it has the ability to recover large amounts of heavy oil. 

4.7.5 The effect of solvent  

      Solvents including methane, propane and gas mixture of methane and propane were 

used in the gas flooding process. Generally speaking, the higher the composition of 

propane in the gas mixture, the higher heavy oil recovery will be obtained (as shown in 

Figure 4.13). This occurs for the following reasons: 

 The higher composition of propane speeds up its dissolving into the heavy oil; 

 The heavy oil is preferred to be extracted and displaced by the heavier solvent; 

 The higher concentration of propane in heavy oil causes a larger swelling factor; 

 The oil viscosity can be greatly decreased by propane dissolving and diluting; 

 The mobility ratio between heavy oil and solvent is improved by propane; 

 The heavy oil sweep efficiency will be increased by propane injection. 

      All the above mechanisms could be involved together and function in a synergy way. 

For the methane flooding, the oil RF is limited because of its low solubility in heavy oil. 

4.7.6 Slug patter effects 

      Different slug patterns were employed in HWCS process to find the optimal slug size 

and injection order. As shown in Figure 4.14, although the slug pattern is the same 

(WAG patter 1 and 1  ́were used for test #13 and #15) except the injection solvent, the 

final heavy oil recovery for propane is 51.2%, which is higher than that of 32.5% for 

methane. It is important to note that the solvent efficiency for test #13 is equal to 

5.6 %·PV
-1

, which is higher than the two folds of that for methane. Also, the heat 

efficiency for propane is equal to 4.7%·K
-1

·PV
-1

. In contrast, the value for methane is  
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Figure 4.14 RFs for oil # 2 by different (solvents + flooding) at temperatures = 65°C, test 

#13 (WAG pattern 1, order 1 PV W + 1 PV C3, total 4.5 PVs), # 15(WAG pattern 1 ,́ 

order 1PV W + 1PV C1, total 4.5 PVs)  
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Figure 4.15 RFs for oil # 2 by (propane + hot water flooding) with different slug patterns 

at temperatures = 65°C, test #13 (WAG pattern 1, order 1 PV W + 1 PV C3, total 4.5 

PVs), test #18 (WAG pattern 2, order 1 PV C3 + 1 PV W, total 4.5 PVs), test #19 (WAG 

pattern 3, order 0.5 PV W + 0.5 PV C3, total 4.5 PVs), test #20 (WAG pattern 4, order 

0.25 PV W + 0.25 PV C3, total 4.5 PVs)     
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Figure 4.16 RFs for oil # 2 by (propane + hot water) flooding at different temperatures, 

test #13 (C3 WAG pattern 1, order 1 PV W + 1 PV C3, total 4.5 PVs, 65°C), #21 (C3 

WAG pattern 1, order 1 PV W + 1 PV C3, total 4.5 PVs, 15°C), #22 (C3 WAG pattern 1, 

order 1 PV W + 1 PV C3, total 4.5 PVs , 24°C), #23 (C3 WAG pattern 1, order 1 PV W + 

1 PV C3, total 4.5 PVs, 50°C) 
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only 1.8%·K
-1

·PV
-1

. In Figure 4.15, from the comparison of test #13 and #18, it can be 

seen that the priority of propane injection to methane injection can improve the WAG 

flooding effects, but this will not affect the heat and solvent efficiency too much.  Also, 

the shrinking of slug size to 0.5 PV for WAG patter 1(test #19) achieves a higher heavy 

oil RF compared with 1 PV slug size (test #13). The further shrinking of slug size to 0.25 

PV decreases the heavy oil RF a little unexpectedly. 

4.7.7 Temperature effects on HWCS process 

      For the same WAG pattern 1, different HWCS tests were conducted at temperature = 

15, 24, 50 and 65°C. As shown in Figure 4.16, it is obvious to see that the HWCS 

process obtains a higher heavy oil RF at a higher temperature. At the lowest temperature 

of 15°C, the heat and solvent efficiency is equal to 3.2%·K
-1

·PV
-1

 and 1.7%·PV
-1

 

respectively. These two parameters are much lower than those of test #13, which are 

equal to 4.7%·K
-1

·PV
-1

 and 5.6%·PV
-1

. This may be the main cause to the lower heavy 

oil RF. Therefore, the higher temperature of HWCS process is recommended for heavy 

oil recovery according to the heat and solvent usage efficiency. 

4.8 Sweep Efficiency and Viscous Fingering 

      The sweep efficiency in HWCS process was investigated by using a transparent 

micro-sand pack model. The process was simulated by a 2-D sand pack flooding test. The 

captured picture in Figure 4.17 (a) shows the viscous fingering effects in the 65°C hot 

water flooding process. This picture was decolorized by filtration function using 

professional software, as shown in Figure 4.17 (b). The picture was further changed to a 

black-white type for the accurate calculation of the black area, as shown in Figure 4.17 

(c). The black area determination is based on a professional boundary recognition system, 
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and the cumulative black area was calculated by an area integrating program. The final 

sweep efficiency is defined as the black area divided by the overall sand fill area after hot 

water flooding. The detailed results are listed in the following Table 4.1. The sweep 

efficiency for this 2-D flooding test is equal to 42.2%. 
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Table 4.1 The calculated areas with black-white boundary recognition 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

White area 

(pixel unit) 

Total length 

(pixel unit) 

Total width 

(pixel unit) 

Total area 

(pixel unit^2) 

Sweep efficiency 

(%) 

499,709 2,108 410 864,280 42.2 
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(a) Real color picture of viscous fingering captured in the laboratory 

 

 

(b) The picture with different darkness and transparency 

 

 

(c) The black-white color picture after decolorization 

 

 

 

 

 

Figure 4.17 Pictures of the sweep effects by using different color systems  
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CHAPTER 5 NUMERICAL SIMULATION OF HWCS 

       

      Light hydrocarbons such as methane and propane are widely used as solvent in steam 

flooding
 
(Zhao, 2004) and VAPEX process (Das, 1998). Also the mechanism of injecting 

methane and propane into heavy oil during the hot water-alternating solvent injection 

process (Das, 2008) has been studied. Solvent is mainly used to improve the mobility of 

heavy oil viscosity by reducing its viscosity as the solvent dissolve into the heavy oil. The 

distribution of multiple components in the porous media depends on the solubility of 

solvent at reservoir pressure and temperature and their concentration in the injected 

mixture. The increased temperature in HWCS process further complicates the fluid PVT 

properties and affects heavy oil recovery. Especially when the synergy effects become a 

major contribution for HWCS process, a better understanding of HWCS mechanism is 

required. The simulation studies can be used to investigate the HWCS mechanism and to 

examine the laboratory results. Also, the simulation studies can be used to predict the 

large scale HWCS performance when the field data becomes available.  

5.1 Two Phase Envelop for Methane and Propane Mixture  

      To assure the injection gas is always in the gas phase, the two-phase envelop methane 

and propane was drawn by using the CMG WinProp Module. As shown in the Figure 5.1 

(a) and (b), when the injection pressure is in the range of 700–1,500 kPa, the gas mixture 

for methane and propane is in the supercritical area at the temperature = 65°C. This 

means the solvent is injected into the sand pack in a gas phase. This is also another basic 

simulation requirement for the gas flooding when using the CMG Stars Module. For 

propane injection, the injection pressure is controlled under its vapor pressure of 853 kPa.  
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(a) P-T phase diagram for 80 mol.% C1 + 20 mol.% C3 

 

(b) P-T phase diagram for 60 mol.% C1 + 40 mol.% C3 

 

Figure 5.1 The two-phase envelop for methane and propane mixture with different 

compositions 
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(a) Saturation pressure regression 

 

(b) Density regression 

 

(c) Viscosity regression 

Figure 5.2 PVT model regressions for simulation 
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Figure 5.3 The constructed simulation model for HWCS process   
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5.2 PVT regression for Propane-Heavy oil System 

      The PVT properties for the live oil saturated with propane were regressed based on 

the laboratory PVT measurement. The regression results are shown in Figure 5.2 (a), (b) 

and (c), and calculation errors were controlled to a certain level. The live oil saturation, 

density and viscosity were determined by using CMG WinProp Module. The results have 

an excellent agreement with experimental data. The examined WinProp model will be 

imported to the CMG Builder to construct a Stars model for history match and prediction. 

5.3 Reservoir Simulation Model 

According to the experimental sand-pack dimension and the test data, a homogeneous 

reservoir simulation model was established in Cartesian coordinate with a grid number of 

50 × 1 × 1 in I, J and K direction respectively, as shown in Figure 5.3. The reservoir and 

fluid properties are set the same as that used in the experiment. The history match and 

prediction were conducted based on this model to simulate HWCS process.   

5.4 History Match of HWCS Process 

5.4.1 History match of hot water flooding 

      The relative permeability curve is used as uncertain parameters to history match the 

hot water flooding Test #1, #2, #3 and #4. Apparently the excellent agreement between 

the simulation and experiment can be achieved in terms of the oil recovery factor, and the 

results are as shown in Figure 5.4 (a), (b), (c) and (d). The corresponding relative 

permeability curves used in the history match are shown in Figure 5.5. The same set of 

oil/water relative permeability was used for the cases with low temperature of 16°C and 

24°C. When the temperature is increased from 24°C to 50°C, higher krw is required in 

order to get the good match. Compared to the case of 50°C, the oil relative permeability  
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             (a) Temperature = 16°C                                (b) Temperature = 24°C                               

 

 

 

            (c) Temperature = 50°C                                (d) Temperature = 65°C         

 

 

 

 

 

 

Figure 5.4 History match of oil RFs for hot water flooding at different temperatures the 

temperature = 16°C (test #1, #2, #3 and #4) 
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(a) T = 16°C and 24°C 

 

(b) T = 24°C and 50°C 

 

(c) T = 50°C and 65°C 

Figure 5.5 The oil and water relative permeability curve from history match at different 

temperatures (test #1, #2, #3 and #4) 
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increased further in the case of 65°C. This change of the relative permeability curve   

reflects the fact that the temperature will affect the fluid flow performance. The oil and 

water relative permeabilities increase as the temperature goes up. Also in the experiment, 

the reduced residual oil saturation was observed. This phenomenon is in conformity with 

the study results of other researchers (Poston et al. 1969), and temperature-sensitive 

water-oil permeability was reported based on their experiments. 

5.4.2 History match of solvent injection 

      The simulation results of methane and propane injection process are shown in Figure 

5.6 (a), (b), (c) and (d) respectively. Similarly, these four tests with different solvent 

compositions are history matched successfully in term of the oil recovery factor by 

adjusting the gas-liquid relative permeability curve. The tuned gas-liquid relative 

permeability curves for different injected solvent components are illustrated in Figure 5.7 

(a), (b) and (c). It is found that the relative permeability curve is component dependent. 

As the increase of the mole fraction of C3 in the solvent, the oil relative permeability 

decreases while gas relative permeability increases.  

5.5 Prediction of HWCS Performance 

      The above tuned oil-water and gas-liquid relative permeability curves are input into 

the simulation model to predict the HWCS performance. 

5.5.1 Predicted performance of HWCS Test 13 and 19 

        The history matched water-oil relative permeability and gas-liquid relative 

permeability are used to predict the HWCS Test 13 and 19. The simulated results will be 

compared with the experimental data to examine the effectiveness of tuned relative 

permeability curves. In these two tests, pure solvent C3 are injected alternatively with hot  
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                (a)Methane                                     (b)60 mol.% C1 + 40 mol.% C3 

 

     

           (c) 80 mol.% C1 + 20 mol.% C3                                  (d)Propane 

 

 

 

 

 

 

 

Figure 5.6 History match of solvent injection (methane, propane and gas mixture of both) 

at the temperature = 65°C (test #12, #14, #16 and #17) 
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(a) Methane-oil relative permeability 

 

(b) Propane-oil relative permeability 

 

(b) C1+C3-oil relative permeability 

Figure 5.7 The oil and gas relative permeability curves generated by simulation (test #12, 

#14, #16 and #17) 
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                                        (a)1 PV slug size 

 

 

(c) 0.5 PV slug size 

 

 

 

Figure 5.8 History Match of Water-Alternating-Propane injection process at the 

temperature = 65°C (test #13 and #19) 
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65°C water at the different slug size. Obviously the HWCS performances of two tests 

were simulated well in comparison with the experimental results, shown in the Figure 5.8 

(a) and (b). The simulation results also illustrated that the slug size 0.5 PV leads to a high 

oil recovery.  

5.5.2 Hot water flooding performance prediction 

      According to the hot water flooding experimental results, obviously the oil recovery 

factor increases with the temperature, as shown in Figure 5.9 (a). A proxy equation can 

be achieved with the R
2
 equal to 1.0 to describe the relationship between the temperature 

and the oil recovery factor. Based on this proxy equation, the oil recovery factor at the 

temperature of 80°C could reach as high as 53.7%. Also, numerical simulation was 

conducted to predict the production performance at 80°C with a predicted oil recovery 

factor equal to 51.8%, as shown in Figure 5.9 (b). These two oil recovery factors are 

very close to each other. 

5.5.3 HWCS performance with mixture of C1 and C3  

      In the previous part, the oil-water relative permeability curves were obtained through 

history matching the hot water flooding process. Also the liquid-gas relative permeability 

curves for 0.6 C1 + 0.4 C3 and 0.8 C1 + 0.2 C3 were generated through history matching 

the solvent injection process. Then the oil-water relative permeability together with the 

gas-liquid relative permeability are used to predict the WAG performance. Two cases are 

predicted. Case #1 uses 65°C hot water and 0.6 C1 + 0.4 C3, case #2 uses 65°C hot water 

and 0.8 C 1+ 0.2 C3. For both cases, the slug size is equal to 1 PV. The results were 

shown in Figure 5.10. It can be seen that the oil recovery factor with a high percentage of 

C3 is 48.2%, which is larger than that with a low percentage of C3.  
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(a) The regressed polynomial relationship between the oil RF and hot water 

temperature (based on test #1, #2, #3 and #4) 

        

(b)Oil RF predicted by simulation 

 

 

Figure 5.9 Predicted oil RF for hot water flooding at the temperature = 80°C  
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Figure 5.10 Predicted oil RF for methane and propane gas mixture with different 

composition at the temperature = 65°C (case #1: 0.6 C1 + 0.4 C3, case #2: 0.8 C 1+ 0.2 

C3, for both cases 4.5 PVs, order: water + solvent, 1 PVslug size) 
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CHAPTER 6 CONCLUSIONS AND RECOMMENDATIONS 

 

6.1 Conclusions 

In this research, a basic PVT study was implemented for HWCS process. The thesis 

also investigated different factors affecting the HWCS oil recovery by conducting a serial 

sand pack flooding test. The simulation was performed to historically match and further 

examine the flooding results as well. The major conclusions that can be drawn from this 

study are listed below: 

 PVT Study 

1. The heavy oil is characterized as that there is no light hydrocarbon (C1–C9) in the 

oil composition. The dominant weight percent of C30+in the heavy oil is a reason 

for the higher asphaltene content of wasp = 11.7 wt.% in heavy oil sample #2.  

2. The dissolving of propane in heavy oil will not reduce the oil density too much at 

the lower pressure. The increased swelling of heavy oil at higher pressure induced 

by solvent dissolving is a major mechanism in the gas displacement process.  

3. When the temperature is higher than 65.0°C, the heating process will not help to 

significantly decrease the heavy oil viscosity. The temperature at which a dµ/dT 

value is less than 50 cP/°C could be a suggestive value as the inflection point 

based on the heavy oil viscosity decrease.  

4. At the equilibrium pressure = 800 kPa, the live oil viscosity was significantly 

reduced to as low as 17 cP, which is just 0.3% of the original viscosity. This 

illustrates that the heavy oil viscosity can be decreased by propane effectively. 

5. The asphaltene content in produced oil is less than that of the original heavy oil. 
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The injected water temperature may affect the asphaltene precipitation indirectly, 

which is demonstrated by the higher asphaltene content occurred at the lower 

water injection temperature. 

6. The IFTs between solvent and heavy oil show an obvious linear relationship with 

increased pressure with the regression coefficient R
2
 > 0.93. And the IFTs 

increase at higher temperature. The IFT decrease effect caused by methane 

injection is relatively smaller compared to propane injection. 

7. The propane solubility in heavy oil increases almost exponentially with the 

increased pressure. 

 HWCS Process 

8. After water breakthrough, the heavy oil still can be produced gradually by water 

displacement. This phenomenon is different from the light oil recovery 

performance by using water flooding, where less oil is produced after water 

breakthrough. At higher temperatures the heat usage is more efficient in the hot 

water flooding process. 

9. For higher temperature hot water flooding, the less viscous heavy oil can be more 

easily recovered compared to the viscous oil. 

10. The heat efficiency and sweep efficiency are decreased at higher injection rates, 

and the final heavy oil RF is decreased as well. 

11. The larger injection PV can improve the final heavy oil RF with decreased heat 

efficiency. However, this application may be limited in oilfields although it has a 

high heavy oil recovery. 

12. A higher heavy oil recovery will be obtained when a higher composition of 
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propane exists in the gas mixture.  

13. The priority of propane injection to methane injection can improve the WAG 

flooding effects, but this will not significantly affect the heat and solvent 

efficiency.  Also, the shrinking of slug size to 0.5 PV achieves a higher heavy oil 

RF compared with 1 PV slug size. And the further shrinking of slug size to 0.25 

PV decreases the heavy oil RF a little unexpectedly. 

14. The heavy oil recovery of HWCS can be enhanced at the higher temperature 

process based on the heat and solvent usage efficiency. 

 Optimization of HWCS  

Test #18 could be considered as an optimized HWCS process that achieves the 

highest oil recovery compared other tests with the same flooding parameters. This 

can be explained by the following supporting reasons: 

 1) Hot water can create a larger flow channel, where the area for gas mass transfer is 

increased, and as a result the amount of dissolved gas is increased as well. 

 2) The preference for water flow in the porous media is entering into the small throat 

with a smaller cross-section diameter based on its wettability and capillary 

pressure. The solvent can enter into the big throat without a capillary pressure 

effect. Both flows complement each other and increase the overall sweep 

efficiency and final oil recovery. 

 3) The gravity gradient for water makes it flow to the lower part of the model, and 

the light solvent flows to the upper part of the model. These effects would 

increase the HWCS sweep efficiency. 

 4)  The alternative injection of hot water and solvent would reduce the solvent flow 
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velocity and extend the solvent retention time to a certain extent, and promote the 

solvent dissolving into the oil. 

 5) The WAG process provides an agitation for gas, which improves the convection 

and diffusion between gas and heavy oil. 

 6) The injection of gas can further reduce the residual oil because the gas can also 

enter into the tiny throat where no water can flow into due to the capillary 

pressure limitation. Therefore, the final heavy oil recovery would be improved by 

HWCS process. 

 Numerical Simulation 

1. The PVT test results and oil production results were successfully history matched 

by using the CMG Stars Module. 

2. Based on the numerical simulation, the regressed kr curves indicate that the 

temperature and HWCS parameters have great effects on the sand pack relative 

permeability. As temperature increases, the relative permeability for oil will 

increase significantly, and the residual oil saturation decreases.   

3. The established CMG model is capable of being used to reliably predict HWCS 

performance in different conditions. 

6.2 Recommendations 

Based on the results of the thesis, the following recommendations for future studies 

are advised to be made: 

1. A systematic PVT study for the solvent-heavy oil could be further investigated.  

Further study is necessary for a better acknowledgement of HWCS mechanism 

and improvement of HWCS performance. Also, an accurate PVT model can 
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provide simulation conditions, which are closer to the actual reservoir information.  

2. Heat loss and heat transfer are two important factors in the thermal production 

process. In this study the allium insulation was used to keep the sand pack 

temperature, even by doing this, the heat loss for hot water is still huge, which is 

indicted by an ambient temperature at the sand pack outlet. For the future study, 

this issue could be solved by using a more efficient heating system or a specular 

sand pack made of insulation materials. 

3. The asphaltene precipitation in the sand pack could be further quantified 

considering the relative permeability change in HWCS process. This could help 

the oilfields where asphaltene precipitation becomes a serious issue in heavy oil 

production process. 

4. The heat transfer model could be built into the HWCS process. The determined 

heat transfer parameters could be used as CMG Stars input data. After that, a large 

scale simulation of HWCS could be performed for the future study. This would be 

applied to predict field scale results and evaluate the economic efficiency of 

HWCS.  

 

 

 

 

 

 



105 

 

REFERENCES 

 

Alikhan, A.A., Kuwait, U. and Farouq Ali, S.M. 1971. Oil Recovery by Hydrocarbon 

Slugs Driven by a Hot Water Bank. Paper SPE 3081 presented at the Eastern 

Regional Meeting, held in Pittsburgh, 4–6 November. 

Alajmi, A.F., Gharbi, R., and Algharaib, M. 2009. Performance of Hot Water Injection in 

Heterogonous Reservoirs using Multilateral Wells. Paper SPE 126100 presented at 

Saudi Arabia Section Technical Symposium, AlKhobar, Saudi Arabia, 9–11 May. 

Allen, J.C., Gillespie, R.E. and Burnett, D.B. 1984. Superheated Solvent Method for 

Recovering Viscous Petroleum. US Patent No. 4,450,913, issued on 29 May. 

ASTM D2007–03, Standard Test Method for Characteristic Groups in Rubber Extender 

and Processing Oils and Other Petroleum–Derived Oils by the Clay-Gel Absorption 

Chromatographic Method, 2003. 

ASTM D5292–99, Standard Test Method for Aromatic Carbon Contents of Hydrocarbon 

Oils by High Resolution Nuclear Magnetic Resonance Spectroscopy, 2004. 

ASTM D86, Standard Test Method for Distillation of Petroleum Products at Atmospheric 

Pressure, 2009. 

Attanasi, Emil D., Meyer, Richard F. 2010. Natural Bitumen and Extra-Heavy Oil. 

Survey of energy resources (22 ed.). World Energy Council. pp. 123–140. 

ISBN 0946121265.  

Avendano, H. Recovery of Crude Oils by Steam-flooding and Mathematical Simulation. 

MS thesis, the Pennsylvania State U., University Park (Dec., 1968). 

http://www.worldenergy.org/documents/ser_2010_report_1.pdf
http://en.wikipedia.org/wiki/World_Energy_Council
http://en.wikipedia.org/wiki/International_Standard_Book_Number
http://en.wikipedia.org/wiki/Special:BookSources/0946121265


106 

 

Burkill, G. C. C. and Giusti, L. E. RTD 3(4). 1983. The Orinoco Heavy Oil Belt. Source 

11
th

 World Petroleum Congress, London, UK, August 28 – September 2.  

Bursell, C.G., Taggert, H.J. and De Mirjian, H.A. Thermal Displacement Tests and 

Results. Kern River Field, California, Prod. Monthly, (September 1966) 30. no. 9,  

pp. 18–21. 

Caaszar, Albert K. and Helm, L.W. Oil Recovery from Watered-Out Stratified Porous 

Systems Using Water-Driven Solvent Slugs, J. Pef. Tech. (June, 1963) pp. 643–650. 

Christensen, J.R., Stenby, E.H., Skauge, A. 1998. Review of the WAG field experience. 

Paper SPE 71203, Presented at the 1998 SPE International Petroleum Conference 

and Exhibition of Mexico, Villahermosa, 3–5 March. 

Das, S.K. Vapex: An Efficient Process for the Recovery of Heavy Oil and Bitumen. SPE 

Journal, Volume 3, Number 3, September,1998, pp. 232–237. 

Das, S.K. 2008. Distribution of Muli-Compoent Solvent in Solvent Vapour Extraction 

Chamber. Paper SPE 117694 presented at International Thermal Operations and 

Heavy Oil Symposium, Calgary, Alberta, Canada, 20–23 October. 

Diaz-Munoz, J. and Farouq Ali, S.M. Effectiveness of Hot-Water Stimulation of Heavy-

Oil Formations. Journal of Canadian Petroleum Technology, Volume 14, Number 3, 

July–September,  1975. 

Ditz, D.N. Hot Water Drive. Presented at 7th World Petroleum Congress, Mexico City 

(1967). 

Dusseault, M.B. 2001. Comparing Venezuelan and Canadian Heavy Oil and Tar Sands. 

Canadian International Petroleum Conference, Calgary, Alberta, Canada, 12–14 June.   

http://www.energy.gov.ab.ca/OilSands/pdfs/RPT_Chops_app3.pdf


107 

 

Eng, J.H., Bennion, D.B., Strong, J.B. 1993. Velocity profiles in perforated completions. 

Journal of Canadian Petroleum Technology 32 (8), pp. 49– 54 (Oct). 

Enick, R.M., Beckman, E.J. Shi, C., Huang, Z., Xu, J., Kilic, S. 2000. Direct Thickeners 

for CO2. Paper SPE 59325 presented at the 2000 SPE/DOE Improved Oil Recovery 

Symposium, held inTulsa, OK, USA, 3–5 April. 

Fan, T. and Buckley, J.S. Rapid and Accurate SARA Analysis of Medium Gravity Crude 

Oils. Energy & Fuels (2002) 16, pp. 1571–1575. 

Farouq Ali, and S, M. Oil Recovery by Hot Water-flooding. Prod. Monthly (Feb., 1968) 

Vol. 20. 

Fitzgerald, G. The Displacement of Oil from Porous Media by a Light Hydrocarbon in 

the Presence of Water. MS thesis, the Pennsylvania State U., University Park (Sept., 

1963). 

Fossum, B., Blaker, T., Brendsdal, E., Johansen, T., Throndsen, T. 1992. Numerical 

Simulation of Hot-Water and Flue-Gas Injection under Typical North Sea Reservoir 

Conditions. Paper SPE 24168 presented at Enhanced Oil Recovery Symposium, 

Tulsa, Oklahoma, 22–24 April. 

Frauenfeld, T., Jossy, C., and Wang, X. 2007. Experimental Studies of Thermal Solvent 

Oil Recovery Process for Live Heavy Oil. Journal of Canadian Petroleum 

Technology 46 (1), pp. 40–46. 

Garcia, F.M. 1983. A Successful Gas-Injection Project in a Heavy Oil Reservoir, Paper 

SPE 11988 presented at Annual Technical Conference and Exhibition, San Francisco, 

California, USA, 5–8 October.  



108 

 

Goite, J.G., Mamora, D. D., and Ferguson, M. A. 2001. Experimental Study of Morichal 

Heavy Oil Recovery Using Combined Steam and Propane Injection. Paper SPE 

69566 presented at the SPE Latin American and Caribbean Petroleum Engineering 

Conference, Buenos Aires, Argentina, 25–28 March.  

Green, L.E., Schmauch, L.J., Worman, J.C. Simulated Distillation by Gas 

Chromatography. Anal. Chem., 36 (8), pp. 1512–1516. 1964. 

Hinderaker, L., Utseth, R.H., Hustad, O.S., Kvanvik, B.A., Paulsen, J.E. 1996. RUTH — 

a comprehensive Norwegian R&D program on IOR. Paper SPE 36844 presented at 

the SPE European Petroleum Conference held in Milan, Italy, 22–24 October. 

Holke, D.C. and Huebner, W. B. 1971. Thermal Stimulation and Mechanical Techniques 

Permit Increased Recovery from Unconsolidated Viscous Oil Reservoirs. Paper SPE 

3671, presented at the 1971 SPE California Regional Meeting, Los Angeles, USA, 

4–5 November.  

Khataniar, S., Kamath, V.A., Patil S.L., Chandra S., Inaganti M.S. 1999. CO2 and 

Miscible Gas Injection for Enhanced Recovery of Schrader Bluff Heavy Oil. 

International Thermal Operations/Heavy Oil Symposium, Bakersfield, California, 

USA, 17–19 March,  

Kulkarni, M.M. 2003. Immiscible and Miscible Gas–Oil Displacements In Porous Media, 

M.S. Thesis, The Craft and Hawkins Department Of Petroleum Engineering, 

Louisiana State University and Agricultural and Mechanical College, Baton Rouge, 

LA, Jul 2003. URL: http://etd.lsu.edu:8085/ docs/available/etd-0709103-175151/. 

 

 

 

http://etd.lsu.edu:8085/


109 

 

Kulkarni,  M.M. and Rao, D.N. Experimental investigation of miscible and immiscible 

water-alternating-gas (WAG) process performance, Journal of Petroleum Science 

and Engineering, 48 (2005) pp. 1–20. 

Martin, W.L., Dew, J.N., Powers, M.L., Steves, H.B. Results of a Tertiary Hot 

Waterflood in a Thin Sand Reservoir. J. Pet. Tech. (July 1968) pp. 739–750.  

Meyer, R.F. and C.J. Schenk. An Estimate of World Resources of Heavy Crude Oil and 

Natural Bitumen. Proceedings of the Third UNITAR/UNDP, International 

Conference of HC&TS, Alberta Oil Sands Technology and Research Authority, July 

1988. 

Meyer, R.F. and W. deWitt Jr. Definition and World Resources of Natural Bitumens. U.S. 

Geological Survey Bulletin, 1990. 

Miller, K. A., Carlson, J. E., Morgan, R.J., Thornton, R.W. and Willis, K. Preliminary 

Results from a Solvent Gas Injection Field Test in a Depleted Heavy Oil Reservoir. 

Journal of Canadian Petroleum Technology, Volume 42, Number 2, February, 2003. 

Mohebati, M.H., Maini, B.B., and Harding, T.G. Numerical-Simulation Investigation of 

the Effect of Heavy-Oil Viscosity on the Performance of Hydrocarbon Additives in 

SAGD, SPE Journal Reservoir Evaluation & Engineering, Volume 15, Number 2, 

April  2012, pp. 165–181. 

Moritis, G., 1995. Impact of production and development RD&Dranked, production 

editor. Oil and Gas Journal 1993 (44) (Oct. 30). 

Nemose, 2008. Petroleum-oil composition. Linked to the waebsite:  

http://www.geochembio.com/ecology/petroleum/about-petroleum.html. 



110 

 

Ning, S., Jhaveri, B., Jia, N., Chambers, B., and Gao, J.L. 2011. Viscosity Reduction 

EOR with CO2 & Enriched CO2 to Improve Recovery of Alaska North Slope 

Viscous Oils. Paper SPE 144358 presented at  Western North American Region 

Meeting, Anchorage, Alaska, USA,7–11 May.  

Palmgren, C. and Edmunds, N. 1995. High Temperature Naptha to Replace Steam in the 

SAGD Process. Paper SPE 30294 presented at the International Heavy Oil 

Symposium, Calgary, Alberta, Canada, 19–21 June.  

Pasarai, U., Arihara, N., and Waseda, U. 2005. Application of Streamline Method to Hot 

Water-Flooding Simulation for Heavy Oil Recovery. Paper SPE 93149 presented at 

Asia Pacific Oil and Gas Conference and Exhibition, Jakarta, Indonesia, 5–7 April.  

Peng, D.Y., Robinson, D.B. A New Two-constant Equation of State, Ind. Eng. Chem. 

Fund., 15 (1), pp. 58–64, 1976. 

Pirela, Leonel V. and Farouq Ali, S.M. Ternary Phase Behavior at High Temperatures. 

Sot. Pet. Eng. J. (Dec., 1968) pp. 381–388. 

Poston, S.W. Ysrel, S., and Hossain, A.K.M. 1967. The Effect of Temperature on 

Irreducible Water Saturation and Relative Permeability of Unconsolidated Sands. 

Paper SPE 1897 presented at 42
nd

 Annual Fall Meeting, Houston, Texas, 1–4 

October. 

Prats, M. Thermal Recovery, Monograph Volume 7, SPE-AIME Series, Dallas, TX, 1982.  

Rapoport, L., and Leas, W. Properties of Linear Waterfloods. Petr.Trans. AIME 

(1953)198. 



111 

 

Reford, D.A. and McKay, A.S. Hydrocarbon-Steam Processes for Recovery of Bitumen 

from Oil Sands. Paper SPE 8823 presented at the 1980 SPE Enhanced Oil Recovery 

Symposium, Tulsa, OK, USA, 20–23 April.  

Rezaei, N., Mohammadzadeh, O., Parsaeiand R., and Chatzis I. 2010. The Effect of 

Reservoir Wettability on the Production Characteristics of the VAPEX Process, 

Paper SPE 130096 presented at Improved Oil Recovery Symposium, Tulsa, 

Oklahoma, USA, 24–28 April.  

Rodionov, A., Lachugin, D., Muslimov, E., Makarov, E., Brown, G.A., Nukhaev, M. and 

Tyutikov, S. 2012. Injectivity profile monitoring and hot water flooding optimization 

for horizontal well 2G on Rospan. Paper SPE 159592 presented at Russian Oil and 

Gas Exploration and Production Technical Conference and Exhibition, Moscow, 

Russia, 16–18 October. 

Rodriguez H.A., Vaca P., Gonzalez O., and De Mirabal M.C. 1997. Integrated study of a 

heavy oil reservoir in the Orinoco Belt : A field case simulation.  Paper SPE 38015 

presented at Reservoir Simulation Symposium, Dallas, Texas, USA, 8–11 June.  

Sharma, A.K., Patil, S.L., Kamath, V.A. and Sharma, G.D. 1989. Miscible Displacement 

of Heavy West Sak Crude by Solvents in Slim Tube. Paper SPE 18761 presented at 

California Regional Meeting,  Bakersfield, California, USA, 5–7 April.  

Shu, W.R., Hartman, K.J. 1988. Effect of Solvent on Steam Recovery of Heavy Oil. SPE 

Reservoir Engineering 3 (2), pp. 457–465. 

Spillette, A.G. and Nielsen, R.L. Two-Dimensional Method for Predicting Hot 

Waterflood Recovery Behaviour. J. Pet Tech., (June 1968), pp. 627–638.  



112 

 

Talwani, M., The Orinoco heavy oil belt in Venezuela (Or heavy oil to the rescue), 

September 2002, http://www.bakerinstitute.org/publications/the-orinoco-heavy-oil-

belt-in-venezuela-or-heavy-oil-to-the-rescue. 

Wiesenthal, Ruediger. The Effect of Light-Gasoline Injection on Oil Recovery by 

Waterflooding. J. Pet. Tech (Nov., 1964) pp. 1307–1315. 

Willman, B.T., Valleroy, V.V., Runberg, G.W., Cornelius, A.J. and Powers, L.W. 

Laboratory Studies of Oil Recovery by Steam Injection.  J. Pet. Tech., (July 1961) pp. 

681–690.  

Zhang, F.S., Fan, X.P., and Ding, J.M. 2000. Field Experiment of Enhancing Heavy Oil 

Recovery by Cyclic Fuel Gas Injection. Paper SPE 64724 presented at International 

Oil and Gas Conference and Exhibition Beijing, China, 7–10 November.  

Zhao, L. Steam alternating solvent process. 2004. Paper SPE 86957 presented at SPE 

international thermal operations and heavy oil symposium and Western Regional 

Meeting in Bakersfield, California, U.S.A, 16–19 March.  

Zhao, L., Nasr, T.N., Huang, H., Beaulieu, G., Heck, G. and Golbeck, H. 2005. Steam 

Alternating Solvent Process: Lab Test and Simulation, Journal of Canadian 

Petroleum Technology 44 (9), pp. 37–43. 

 

 

 

 

 

 



113 

 

APPENDIX  

 

Part I: List of experiment set-up and materials, Figure A1–A7. 

 

 

 

 

 

 

 

Figure A1 Illustration of pressure data logging computer, injection pump and pre-heating 

equipment for HWCS process 
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Figure A2 Illustration of temperature data logging computer, sand pack with insulation and 

injection cylinders  
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Figure A3 Illustration of the back pressure of sand pack flooding 
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 Figure A4 Produced heavy oil and brine sample after gravity separation 
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(a) Clean Ottawa sand 

 

(b) Sand saturated with heavy oil 

 

Figure A5 Illustration of clean Ottawa sand, after oil saturation and oil production 
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(a) Asphaltene before drying 

 

 

 

(b) Asphaltene after drying 

 

Figure A6 Samples of asphaltene precipitation (n-Pentane insoluble) in the heavy oil sample 

#1 and #2 
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(a) Transparent model 

 

(b) Mineral oil and dyeing material 

 

 

Figure A7 Used transparent model, mineral oil (upper part) and dyeing material (lower part) 

for viscous fingering measurement 
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Part II: List of the sand pack flooding test results, Table A1–A23.  

 

 

Item Flooding test #1 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) @ 24°C Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.7 

Sand pack porosity (%) 31.5 

Initial water saturation Swi (%) 2.2 

Initial oil saturation Soi (%) 97.8 

Total PV  (cm
3
) 36.9 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV water flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 15°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 14.6 

Cumulative oil recovery @ 1 PV (%) 17.6 

Cumulative oil recovery @ 2 PV (%) 21.3 

Cumulative oil recovery @ 3PV (%) 23.7 

Cumulative oil recovery @ 4 PV (%) 24.4 

Final oil recovery @ 4.5 PV (%) 24.9 

Recovery analysis 

Water OOIP recovery (%) 24.9 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 1.9 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 11.5 

Residual oil + water saturation @ inlet 52.1% oil + 47.9% water 

Residual oil + water saturation @ mid-point 67.2% oil + 32.8%water 

Residual oil + water saturation @ outlet 85.8% oil + 14.2%  

      Table A1 Summarization of sand pack flooding test #1  
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Table A2 Summarization of sand pack flooding test #2  

 

 

Item Flooding test #2 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.9 

Sand pack porosity (%) 32.7 

Initial water saturation Swi (%) 1.9 

Initial oil saturation Soi (%) 98.1 

Total PV  (cm
3
) 38.4 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV water flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 24°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 14.1 

Cumulative oil recovery @ 1 PV (%) 16.6 

Cumulative oil recovery @ 2 PV (%) 21.2 

Cumulative oil recovery @ 3PV (%) 24.7 

Cumulative oil recovery @ 4 PV (%) 25.4 

Final oil recovery @ 4.5 PV (%) 25.7 

Recovery analysis 

Water OOIP recovery (%) 25.7 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 1.9 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 11.6 

Residual oil + water saturation @ inlet 50.4% oil + 49.6% water 

Residual oil + water saturation @ mid-point 64.7% oil + 35.3% water 

Residual oil + water saturation @ outlet 82.9% oil + 17.1% water 
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Table A3 Summarization of sand pack flooding test #3  

 

 

Item Flooding test #3 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.5 

Sand pack porosity (%) 30.6 

Initial water saturation Swi (%) 3.2 

Initial oil saturation Soi (%) 96.8 

Total PV (cm
3
) 35.9 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV water flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 50°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 15.1 

Cumulative oil recovery @ 1 PV (%) 24.3 

Cumulative oil recovery @ 2 PV (%) 29.6 

Cumulative oil recovery @ 3PV (%) 36.8 

Cumulative oil recovery @ 4 PV (%) 40.2 

Final oil recovery @ 4.5 PV (%) 40.7 

Recovery analysis 

Water OOIP recovery (%) 40.7 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 2.8 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.5 

Residual oil + water saturation @ inlet 41.6% oil + 58.4% water 

Residual oil + water saturation @ mid-point 63.5% oil + 36.5% water 

Residual oil + water saturation @ outlet 81.2% oil + 18.8% water  
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Table A4 Summarization of sand pack flooding test #4 

 

 

Item Flooding test #4 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.2 

Sand pack porosity (%) 29.5 

Initial water saturation Swi (%) 3.5 

Initial oil saturation Soi (%) 96.5 

Total PV  (cm
3
) 34.6 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV Water flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 15.6 

Cumulative oil recovery @ 1 PV (%) 22.5 

Cumulative oil recovery @ 2 PV (%) 34.8 

Cumulative oil recovery @ 3PV (%) 41.7 

Cumulative oil recovery @ 4 PV (%) 44.2 

Final oil recovery @ 4.5 PV (%) 44.8 

Recovery analysis 

Water OOIP recovery (%) 44.8 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 2.9 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.2 

Residual oil + water saturation @ inlet 30.7% oil + 69.3% water 

Residual oil + water saturation @ mid-point 56.1% oil + 43.9% water 

Residual oil + water saturation @ outlet 79.4% oil + 20.6% water 
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Table A5 Summarization of sand pack flooding test #5  

 

Item Flooding test #5 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #1, 1287 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.6 

Sand pack porosity (%) 31.2 

Initial water saturation Swi (%) 2.6 

Initial oil saturation Soi (%) 97.4 

Total PV  (cm
3
) 36.6 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV Water flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 50°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 18.3 

Cumulative oil recovery @ 1 PV (%) 25.7 

Cumulative oil recovery @ 2 PV (%) 34.9 

Cumulative oil recovery @ 3PV (%) 39.6 

Cumulative oil recovery @ 4 PV (%) 44.6 

Final oil recovery @ 4.5 PV (%) 45.2 

Recovery analysis 

Water OOIP recovery (%) 45.2 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 3.2 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 9.5 

Residual oil + water saturation @ inlet 29.8% oil + 70.2% water 

Residual oil + water saturation @ mid-point 55.9% oil + 44.1% water 

Residual oil + water saturation @ outlet 62.5% oil + 37.5% water 
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      Table A6 Summarization of sand pack flooding test #6 

 

 

Item Flooding test #6 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #1, 1287 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 10.1 

Sand pack porosity (%) 32.5 

Initial water saturation Swi (%) 2.4 

Initial oil saturation Soi (%) 97.6 

Total PV  (cm
3
) 38.1 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV Water flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 22.8 

Cumulative oil recovery @ 1 PV (%) 29.6 

Cumulative oil recovery @ 2 PV (%) 39.5 

Cumulative oil recovery @ 3PV (%) 45.5 

Cumulative oil recovery @ 4 PV (%) 52.9 

Final oil recovery @ 4.5 PV (%) 54.3 

Recovery analysis 

Water OOIP recovery (%) 54.3 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 3.6 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 9.4 

Residual oil + water saturation @ inlet 24.6% oil + 75.4% water 

Residual oil + water saturation @ mid-point 59.2% oil + 40.8% water 

Residual oil + water saturation @ outlet 64.4% oil + 35.6% water 
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Table A7 Summarization of sand pack flooding test #7 

 

 

Item Flooding test #7 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 11.4 

Sand pack porosity (%) 33.6 

Initial water saturation Swi (%) 2.1 

Initial oil saturation Soi (%) 97.9 

Total PV  (cm
3
) 39.4 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV Water flooding 

Injection rate (cm
3
/min) 0.2 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 17.1 

Cumulative oil recovery @ 1 PV (%) 23.8 

Cumulative oil recovery @ 2 PV (%) 32.7 

Cumulative oil recovery @ 3PV (%) 38.3 

Cumulative oil recovery @ 4 PV (%) 41.5 

Final oil recovery @ 4.5 PV (%) 41.9 

Recovery analysis 

Water OOIP recovery (%) 41.9 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 2.8 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.3 

Residual oil + water saturation @ inlet 34.6% oil + 65.4% water 

Residual oil + water saturation @ mid-point 51.8% oil + 48.2% water 

Residual oil + water saturation @ outlet 72.5% oil + 27.5% water 
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Table A8 Summarization of sand pack flooding test #8  

 

 

Item Flooding test #8 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 10.3 

Sand pack porosity (%) 29.9 

Initial water saturation Swi (%) 2.2 

Initial oil saturation Soi (%) 97.8 

Total PV  (cm
3
) 35.1 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV Water flooding 

Injection rate (cm
3
/min) 0.3 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 18.2 

Cumulative oil recovery @ 1 PV (%) 26.2 

Cumulative oil recovery @ 2 PV (%) 33.9 

Cumulative oil recovery @ 3PV (%) 37.8 

Cumulative oil recovery @ 4 PV (%) 39.3 

Final oil recovery @ 4.5 PV (%) 40.3 

Recovery analysis 

Water OOIP recovery (%) 40.3 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 2.6 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.5 

Residual oil + water saturation @ inlet 29.9% oil + 70.1% water 

Residual oil + water saturation @ mid-point 59.6% oil + 40.4% water 

Residual oil + water saturation @ outlet 70.1% oil + 19.9% water 
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Table A9 Summarization of sand pack flooding test #9  

 

 

Item Flooding test #9 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 10.8 

Sand pack porosity (%) 30.4 

Initial water saturation Swi (%) 3.5 

Initial oil saturation Soi (%) 96.5 

Total PV  (cm
3
) 35.6 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV Water flooding 

Injection rate (cm
3
/min) 0.4 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 17.4 

Cumulative oil recovery @ 1 PV (%) 25.8 

Cumulative oil recovery @ 2 PV (%) 29.4 

Cumulative oil recovery @ 3PV (%) 34.5 

Cumulative oil recovery @ 4 PV (%) 38.1 

Final oil recovery @ 4.5 PV (%) 38.5 

Recovery analysis 

Water OOIP recovery (%) 38.5 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 2.5 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.7 

Residual oil + water saturation @ inlet 25.3% oil + 74.3% water 

Residual oil + water saturation @ mid-point 49.2% oil + 50.8% water 

Residual oil + water saturation @ outlet 69.6% oil + 30.4% water 
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Table A10 Summarization of sand pack flooding test #10  

 

 

Item Flooding test #10 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 11.4 

Sand pack porosity (%) 32.7 

Initial water saturation Swi (%) 2.6 

Initial oil saturation Soi (%) 97.4 

Total PV (cm
3
) 38.3 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV Water flooding 

Injection rate (cm
3
/min) 0.5 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 18.7 

Cumulative oil recovery @ 1 PV (%) 23.9 

Cumulative oil recovery @ 2 PV (%) 29.1 

Cumulative oil recovery @ 3PV (%) 33.6 

Cumulative oil recovery @ 4 PV (%) 37.1 

Final oil recovery @ 4.5 PV (%) 37.6 

Recovery analysis 

Water OOIP recovery (%) 37.6 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 2.4 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.9 

Residual oil + water saturation @ inlet 19.1% oil + 80.9% water 

Residual oil + water saturation @ mid-point 45.5% oil + 54.5% water 

Residual oil + water saturation @ outlet 65.7% oil + 34.3% water 
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Table A11 Summarization of sand pack flooding test #11  

 

 

Item Flooding test #11 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 11.7 

Sand pack porosity (%) 33.2 

Initial water saturation Swi (%) 2.3 

Initial oil saturation Soi (%) 97.7 

Total PV  (cm
3
) 38.9 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 20 PV Water flooding 

Injection rate (cm
3
/min) 0.4 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) NA 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 17.4 

Cumulative oil recovery @ 1 PV (%) 25.8 

Cumulative oil recovery @ 2 PV (%) 29.4 

Cumulative oil recovery @ 3PV (%) 34.5 

Cumulative oil recovery @ 4 PV (%) 38.1 

Final oil recovery @ 20 PV (%) 47.1 

Recovery analysis 

Water OOIP recovery (%) 47.1 

Solvent OOIP recovery (%) NA 

Heat efficiency (%·K
-1

·PV
-1

) 0.7 

Solvent efficiency (%·PV
-1

) NA 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 11.4 

Residual oil + water saturation @ inlet 8.8% oil + 91.2% water 

Residual oil + water saturation @ mid-point 35.5% oil + 64.5% water 

Residual oil + water saturation @ outlet 64.1% oil + 35.9% water 
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Table A12 Summarization of sand pack flooding test #12  

 

 

Item Flooding test #12 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 12.6 

Sand pack porosity (%) 32.7 

Initial water saturation Swi (%) 3.1 

Initial oil saturation Soi (%) 96.9 

Total PV  (cm
3
) 38.4 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV C3 flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) NA 

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 0.0 

Cumulative oil recovery @ 1 PV (%) 8.6 

Cumulative oil recovery @ 2 PV (%) 14.6 

Cumulative oil recovery @ 3PV (%) 22.4 

Cumulative oil recovery @ 4 PV (%) 33.4 

Final oil recovery @ 4.5 PV (%) 34.7 

Recovery analysis 

Water OOIP recovery (%) NA 

Solvent OOIP recovery (%) 34.7 

Heat efficiency (%·K
-1

·PV
-1

) NA 

Solvent efficiency (%·PV
-1

) 7.7 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 8.2 

Residual oil @ inlet 45.1%  

Residual oil @ mid-point 67.8%  

Residual oil @ outlet 89.4%  
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Table A13 Summarization of sand pack flooding test #13  

 

 

Item Flooding test #13 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.8 

Sand pack porosity (%) 30.2 

Initial water saturation Swi (%) 3.5 

Initial oil saturation Soi (%) 96.5 

Total PV  (cm
3
) 35.4 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV, W + C3, 1 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 16.9 W 

Cumulative oil recovery @ 1 PV (%) 21.8 W 

Cumulative oil recovery @ 2 PV (%) 27.9 C3 

Cumulative oil recovery @ 3PV (%) 43.9 W 

Cumulative oil recovery @ 4 PV (%) 49.7 C3 

Final oil recovery @ 4.5 PV (%) 51.2 W 

Recovery analysis 

Water OOIP recovery (%) 39.3 

Solvent OOIP recovery (%) 11.9 

Heat efficiency (%·K
-1

·PV
-1

) 4.7 

Solvent efficiency (%·PV
-1

) 5.6 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 9.5 

Residual oil @ inlet 25.2%  

Residual oil @ mid-point 48.9%  

Residual oil @ outlet 78.5%  
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Table A14 Summarization of sand pack flooding test #14  

 

 

Item Flooding test #14 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.6 

Sand pack porosity (%) 29.7 

Initial water saturation Swi (%) 3.6 

Initial oil saturation Soi (%) 96.4 

Total PV  (cm
3
) 34.8 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV C1 flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) NA  

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 2.8 

Cumulative oil recovery @ 1 PV (%) 9.8 

Cumulative oil recovery @ 2 PV (%) 15.6 

Cumulative oil recovery @ 3PV (%) 18.8 

Cumulative oil recovery @ 4 PV (%) 21.1 

Final oil recovery @ 4.5 PV (%) 21.9 

Recovery analysis 

Water OOIP recovery (%) NA 

Solvent OOIP recovery (%) 21.9 

Heat efficiency (%·K
-1

·PV
-1

) NA 

Solvent efficiency (%·PV
-1

) 4.9 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 11.4 

Residual oil @ inlet 70.9%  

Residual oil @ mid-point 86.4%  

Residual oil @ outlet 94.3%  
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Table 15 Summarization of sand pack flooding test #15  

 

 

Item Flooding test #15 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.5 

Sand pack porosity (%) 30.3 

Initial water saturation Swi (%) 3.2 

Initial oil saturation Soi (%) 96.8 

Total PV  (cm
3
) 35.5 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV, W + C1, 1 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 17.2  

Cumulative oil recovery @ 1 PV (%) 22.3 

Cumulative oil recovery @ 2 PV (%) 24.4 

Cumulative oil recovery @ 3PV (%) 28.4 

Cumulative oil recovery @ 4 PV (%) 30.6 

Final oil recovery @ 4.5 PV (%) 32.5 

Recovery analysis 

Water OOIP recovery (%) 28.2 

Solvent OOIP recovery (%) 4.3 

Heat efficiency (%·K
-1

·PV
-1

) 1.8 

Solvent efficiency (%·PV
-1

) 2.15 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.8 

Residual oil @ inlet 43.7%  

Residual oil @ mid-point 64.5%  

Residual oil @ outlet 85.4%  
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Table 16 Summarization of sand pack flooding test #16  

 

Item Flooding test #16 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 10.5 

Sand pack porosity (%) 31.6 

Initial water saturation Swi (%) 3.0 

Initial oil saturation Soi (%) 97.0 

Total PV  (cm
3
) 37.1 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV 80 mol. C1+ 20 

mol.% C3 flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) NA  

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 0.0 

Cumulative oil recovery @ 1 PV (%) 6.76 

Cumulative oil recovery @ 2 PV (%) 15.4 

Cumulative oil recovery @ 3PV (%) 19.5 

Cumulative oil recovery @ 4 PV (%) 26.6 

Final oil recovery @ 4.5 PV (%) 28.9 

Recovery analysis 

Water OOIP recovery (%) NA 

Solvent OOIP recovery (%) 28.9 

Heat efficiency (%·K
-1

·PV
-1

) NA 

Solvent efficiency (%·PV
-1

) 6.4 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.5 

Residual oil @ inlet 59.8%  

Residual oil @ mid-point 72.2%  

Residual oil @ outlet 92.4%  
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Table 17 Summarization of sand pack flooding test #17  

 

Item Flooding test #17 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 12.1 

Sand pack porosity (%) 33.4 

Initial water saturation Swi (%) 1.7 

Initial oil saturation Soi (%) 98.3 

Total PV  (cm
3
) 39.2 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV 60 mol. C1+ 40 

mol.% C3 flooding 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) NA  

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 0.0 

Cumulative oil recovery @ 1 PV (%) 8.72 

Cumulative oil recovery @ 2 PV (%) 15.2 

Cumulative oil recovery @ 3PV (%) 20.2 

Cumulative oil recovery @ 4 PV (%) 27.6 

Final oil recovery @ 4.5 PV (%) 30.4 

Recovery analysis 

Water OOIP recovery (%) NA 

Solvent OOIP recovery (%) 30.4 

Heat efficiency (%·K
-1

·PV
-1

) NA 

Solvent efficiency (%·PV
-1

) 6.8 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 9.8 

Residual oil @ inlet 50.6%  

Residual oil @ mid-point 70.5%  

Residual oil @ outlet 90.3%  
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Table 18 Summarization of sand pack flooding test #18  

 

 

Item Flooding test #18 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 11.6 

Sand pack porosity (%) 30.4 

Initial water saturation Swi (%) 2.8 

Initial oil saturation Soi (%) 97.2 

Total PV  (cm
3
) 35.7 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV, C3 + W, 1 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 0.0 

Cumulative oil recovery @ 1 PV (%) 22.4 

Cumulative oil recovery @ 2 PV (%) 28.4 

Cumulative oil recovery @ 3PV (%) 37.7 

Cumulative oil recovery @ 4 PV (%) 45.3 

Final oil recovery @ 4.5 PV (%) 46.1 

Recovery analysis 

Water OOIP recovery (%) 32.5 

Solvent OOIP recovery (%) 13.6 

Heat efficiency (%·K
-1

·PV
-1

) 4.8 

Solvent efficiency (%·PV
-1

) 5.4 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 8.7 

Residual oil @ inlet 37.3%  

Residual oil @ mid-point 52.8%  

Residual oil @ outlet 85.4%  
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Table 19 Summarization of sand pack flooding test #19  

 

 

Item Flooding test #19 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 12.5 

Sand pack porosity (%) 30.7 

Initial water saturation Swi (%) 3.6 

Initial oil saturation Soi (%) 96.4 

Total PV  (cm
3
) 36.0 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV, W + C3, 0.5 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 15.7  

Cumulative oil recovery @ 1 PV (%) 18.4 

Cumulative oil recovery @ 2 PV (%) 30.9 

Cumulative oil recovery @ 3PV (%) 44.6 

Cumulative oil recovery @ 4 PV (%) 52.0 

Final oil recovery @ 4.5 PV (%) 53.5 

Recovery analysis 

Water OOIP recovery (%) 33.5 

Solvent OOIP recovery (%) 20 

Heat efficiency (%·K
-1

·PV
-1

) 3.7 

Solvent efficiency (%·PV
-1

) 10 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 9.6 

Residual oil @ inlet 20.1%  

Residual oil @ mid-point 46.6%  

Residual oil @ outlet 72.4%  
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Table 20 Summarization of sand pack flooding test #20  

 

 

Item Flooding test #20 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.9 

Sand pack porosity (%) 32.4 

Initial water saturation Swi (%) 1.7 

Initial oil saturation Soi (%) 98.3 

Total PV  (cm
3
) 38.0 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV,  W + C3, 0.25 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 65°C 

Solvent injection temperature (°C) 65°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 17.3 

Cumulative oil recovery @ 1 PV (%) 25.0 

Cumulative oil recovery @ 2 PV (%) 29.7 

Cumulative oil recovery @ 3PV (%) 41.8 

Cumulative oil recovery @ 4 PV (%) 46.3 

Final oil recovery @ 4.5 PV (%) 47.2 

Recovery analysis 

Water OOIP recovery (%) 38.0 

Solvent OOIP recovery (%) 9.2 

Heat efficiency (%·K
-1

·PV
-1

) 4.5 

Solvent efficiency (%·PV
-1

) 4.6 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 8.9 

Residual oil @ inlet 25.5%  

Residual oil @ mid-point 48.7%  

Residual oil @ outlet 84.9%  
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Table 21 Summarization of sand pack flooding test #21  

 

 

Item Flooding test #21 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.6 

Sand pack porosity (%) 31.6 

Initial water saturation Swi (%) 1.8 

Initial oil saturation Soi (%) 98.2 

Total PV  (cm
3
) 37.1 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV, W + C3, 1 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 15°C 

Solvent injection temperature (°C) 15°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 14.7 

Cumulative oil recovery @ 1 PV (%) 18.1 

Cumulative oil recovery @ 2 PV (%) 19.7 

Cumulative oil recovery @ 3PV (%) 24.7 

Cumulative oil recovery @ 4 PV (%) 26.5 

Final oil recovery @ 4.5 PV (%) 26.7 

Recovery analysis 

Water OOIP recovery (%) 23.3 

Solvent OOIP recovery (%) 3.4 

Heat efficiency (%·K
-1

·PV
-1

) 3.2 

Solvent efficiency (%·PV
-1

) 1.7 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 11.2 

Residual oil @ inlet 38.8%  

Residual oil @ mid-point 67.2%  

Residual oil @ outlet 90.4%  
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Table 22 Summarization of sand pack flooding test #22  

 

 

Item Flooding test #22 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.5 

Sand pack porosity (%) 30.9 

Initial water saturation Swi (%) 2.2 

Initial oil saturation Soi (%) 97.2 

Total PV  (cm
3
) 36.3 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV,  W + C3, 1 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 24°C 

Solvent injection temperature (°C) 24°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 17.6 

Cumulative oil recovery @ 1 PV (%) 23.1 

Cumulative oil recovery @ 2 PV (%) 24.4 

Cumulative oil recovery @ 3PV (%) 27.2 

Cumulative oil recovery @ 4 PV (%) 29.6 

Final oil recovery @ 4.5 PV (%) 29.8 

Recovery analysis 

Water OOIP recovery (%) 26.1 

Solvent OOIP recovery (%) 3.7 

Heat efficiency (%·K
-1

·PV
-1

) 3.5 

Solvent efficiency (%·PV
-1

) 1.9 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.6 

Residual oil @ inlet 36.7%  

Residual oil @ mid-point 64.1%  

Residual oil @ outlet 88.4%  
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Table 23 Summarization of sand pack flooding test #23  

 

Item Flooding test #23 

Sand pack properties 

Sand pack length (cm) 30.6 

Tubing outside diameter (cm) 2.54 

Tubing thickness (cm) 0.165 

Sand pack cross- section area (cm
2
) 3.83 

Sand type Ottawa sand 

Sorting (mesh) 40–400 

Oil and brine in sand pack 

Oil viscosity (cP) Oil sample #2, 5592 cP 

Injection brine  1.0 wt.% NaCl 

Sand pack permeability (Darcy) 9.7 

Sand pack porosity (%) 32.8 

Initial water saturation Swi (%) 2.6 

Initial oil saturation Soi (%) 97.4 

Total PV  (cm
3
) 38.5 

Flooding parameters 

Back pressure (Psia) 100 

Injection type 4.5 PV,  W + C3, 1 PV slug 

Injection rate (cm
3
/min) 0.1 

Water injection temperature (°C) 50°C 

Solvent injection temperature (°C) 50°C 

Recovery Factor (%) 

Cumulative oil recovery @ 0.25 PV BT (%)* 17.2 

Cumulative oil recovery @ 1 PV (%) 23.3 

Cumulative oil recovery @ 2 PV (%) 25.5 

Cumulative oil recovery @ 3PV (%) 35.0 

Cumulative oil recovery @ 4 PV (%) 42.1 

Final oil recovery @ 4.5 PV (%) 42.4 

Recovery analysis 

Water OOIP recovery (%) 33.1 

Solvent OOIP recovery (%) 9.3 

Heat efficiency (%·K
-1

·PV
-1

) 4.1 

Solvent efficiency (%·PV
-1

) 4.7 

Produced sample analysis 

Produced oil asphaltene content (wt.%) 10.4 

Residual oil @ inlet 28.9%  

Residual oil @ mid-point 52.6%  

Residual oil @ outlet 86.7%  


