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ABSTRACT 

Tremendous resources of tight oil are located in North America and widely 

distributed in 24 oil reservoirs, which are characterized by both low permeability 

and low porosity. Although long horizontal wells together with massively fracturing 

techniques have been utilized to promote fluid injectivity and productivity, primary 

recovery factor of a tight oil reservoir still remains as low as only 5-10 % of original 

oil in place (OOIP). Due to low permeability, waterflooding results in low 

injectivity. Although CO2 injection may be the most suitable enhanced oil recovery 

(EOR) option under immiscible or miscible conditions, its flooding mechanisms and 

performance have not been well understood. The traditional injection strategy 

including continuous CO2 injection, water-alternating-CO2 injection (CO2-WAG), 

simultaneous water and CO2 injection, and CO2 huff-n-puff injection may perform 

rather differently in tight formations compared to the conventional reservoirs. 

Therefore, it is of practical and fundamental importance to evaluate the suitability of 

CO2 EOR techniques for unlocking resources from tight oil formations. 

In this study, techniques have been developed to experimentally and 

numerically evaluate performance of CO2 injection in tight oil reservoirs for the 

purpose of enhancing oil recovery. Experimentally, coreflooding experiments have 

been performed to evaluate performance of waterflooding, continuous CO2 flooding, 

CO2-WAG flooding, and CO2 huff-n-puff processes in tight oil formations, 
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respectively, while effects of various operational parameters on recovery 

performance are examined. Subsequently, numerical simulation is performed to 

match the experimental measurements and optimize the operational parameters. 

Finally, field-scale simulation is further conducted to evaluate the performance of 

various CO2 EOR schemes in a tight oil formation. 

As for experimental measurements and simulation, the CO2-WAG flooding is 

found to result in higher sweep efficiency, leading to better recovery performance 

compared to waterflooding and continuous CO2 flooding. As for CO2 huff-n-puff 

process, oil recovery is experimentally found to be lower than that of CO2 flooding. 

There exists a good agreement between the experimentally measured and 

numerically simulated oil recovery and pressure, indicating that the overall 

mechanisms of CO2 injection in tight oil reservoirs have been captured by numerical 

simulation, while the operational parameters can be optimized to maximize oil 

recovery form tight oil formations. 

As for field-scale simulation, miscible CO2-WAG flooding is found to result 

in higher oil recovery efficiency compared to other CO2 flooding schemes, while 

CO2 huff-n-puff processes show favourable recovery performance, provided that 

enough wells in the field are put into production. Oil recovery is found to be 

improved by optimizing the operational parameters during CO2 injection processes, 

while production and injection pressures play dominant roles on oil recovery in tight 

formations. 
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NOMENCLATURE 

Notations 

= Formation volume factor for gas, ft3/scf 

= Formation volume factor for oil, bbl/STB 

= Formation volume factor for water, bbl/STB 

= Gas compressibility, psi-1 

= Oil compressibility, psi-1 

= Pore compressibility, psi-1 

= Water compressibility, psi-1 

, = Rock and water compression/expansion term defined in Eq. [4.1] 

= gas cap expansion term defined in Eq. [4.1] 

= Oil and solution gas expansion term defined in Eq. [4.1] 

= Cumulative gas injected, Sm3 

krg= Relative permeability to gas for the liquid-gas system 

krog= Relative permeability to liquid for the liquid-gas system 

krow= Relative permeability to oil for the water-oil system 

krw= Relative permeability to water for the water-oil system 

= Initial gas cap size defined in Eq. [4.1] 
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= Original oil in place, m3 

= Cumulative oil production, m3  

= Gas-oil ratio, scf/STB 

= Solution gas-oil ratio, scf/STB 

Sg= Gas saturation, % 

So= Oil saturation, % 

Sw= Water saturation, % 

= Cumulative aquifer influx, m3 

 = Cumulative water injected, Sm3 

= Cumulative water production, Sm3 
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CHAPTER 1 INTRODUCTION 

1.1 Tight Oil Resources 

As world oil consumption is escalating and conventional oil reserves are 

depleting, the vast tight oil resources discovered in North America have recently 

drawn much more attention. Such an unconventional resource has been emerged as 

one of the crucial alternatives to the depleting conventional oil resources. The tight 

oil reservoirs are characterized by extremely low permeability and low porosity 

compared to the conventional oil reservoirs (Miller et al., 2008). It is, therefore, a 

great challenge to produce oil from such a tight formation economically and 

effectively. 

The global tight oil resources exceed 100 billion barrels which are extensively 

distributed around the world, while most of the reserves are difficult to be efficiently 

recovered under the currently available technology (Ashraf and Satapathy, 2013). In 

North America, the tight oil reserves are estimated to be over 30 billion barrels, 

stored in 24 oil reservoirs of Canada and the United States. Some important tight oil 

formations including the Bakken formation, Cardium formation, Niobrara 

formation, Antelope formation, and Tuscaloosa formation present great recovery 

potential (Forrest et al., 2011). Although the volumes of original-oil-in-place (OOIP) 

are huge, daily production of tight oil is only 400,000 barrels in North America with 

a large amount of tight oil untouched (Elsevier, 2012). 
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1.2 Development of Tight Oil Resources 

As for a tight oil formation with permeability lower than 1 mD, the primary 

recovery factor remains as low as only 5-10% of OOIP, even if long horizontal wells 

have been drilled and massively fractured (Manrique et al., 2010). Waterflooding is 

subsequently initiated to improve oil recovery after primary recovery stage. In this 

way, oil production is improved and reservoir pressure is maintained. Although the 

waterflooding presents high recovery efficiency at the beginning, oil production 

decreases sharply and water production increases quickly once water starts to break 

through. Due to low fluid injectivity resulting from low permeability of tight oil 

formations, it is difficult for waterflooding to be widely applied to improve oil 

recovery (Iwere et al., 2012). 

CO2 has both lower viscosity and density compared to water, resulting in a 

superior fluid injectivity (Jarrell et al., 2002), which is the key to displace oil in tight 

formations (Yu et al., 2011). CO2 injection is found to achieve good recovery 

performance in some reservoirs with low permeability of 1-2 mD by the underlying 

mechanisms of oil viscosity reduction, oil swelling, interfacial tension reduction, 

solution gas drive, gravity drainage, reservoir permeability improvement, and light-

components extraction (Ghedan, 2009). The applied CO2 injection strategies include 

continuous CO2 flooding, water-alternating-CO2 (CO2-WAG) flooding, and CO2 

huff-n-puff, among which the latter two processes appear to be more efficient and 

more economical for recovering oil from such tight formations (Kane, 1979; Monger 

and Coma, 1988).  
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Although CO2 injection is found to achieve good recovery performance, the 

mechanisms governing CO2 injection of tight oil formations lower than 1 mD have 

not been well understood (Shoaib and Hoffman, 2009). The traditional CO2 injection 

strategies may result in rather different EOR performance in such tight formations 

compared to the conventional reservoirs. Therefore, it is of practical and 

fundamental importance to explore the major mechanisms of CO2 injection in tight 

oil formations, and subsequently optimize the CO2 injection processes for more 

effectively and efficiently unlocking resources from tight oil formations.  

 

1.3 Purpose of the Thesis Study 

The purpose of this thesis is to comprehensively investigate the suitability of 

CO2 EOR techniques for unlocking resources from tight oil formations. The primary 

objectives of this study include: 

1) To perform coreflooding experiments to examine effects of various CO2 

injection-production strategies on oil recovery; 

2) To conduct numerical simulation for history matching the experimental 

measurements in order to identify the underlying mechanisms associated 

with CO2 injection processes in tight oil reservoirs; 

3) To perform sensitivity analysis on the operational parameters during CO2 

injection processes in order to maximize oil recovery from tight oil 

formations; and 
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4) To conduct comprehensive field-scale simulations to evaluate the 

recovery performance and optimize the injection-production strategies. 

 

1.4 Outline of the Thesis 

This thesis is comprised of five chapters. Chapter 1 is an introduction to the 

research including research topic and objectives. Chapter 2 provides a literature 

review on the recovery techniques applied in tight oil formations together with the 

mechanisms associated with CO2 EOR techniques. Chapter 3 presents the 

experimental and numerical evaluation of oil recovery under various CO2 injection-

production strategies with tight core samples. Chapter 4 evaluates reservoir 

performance of various CO2 injection schemes for a tight oil formation by 

conducting comprehensive field-scale simulation. Finally, Chapter 5 summarizes the 

major scientific findings of the study and provides some recommendations for future 

research. 
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CHAPTER 2 LITERATURE REVIEW 

2.1 Introduction 

In North America, unconventional oil resources, including oil shale, shale gas, 

heavy oil, oilsands, and tight oil, are estimated to be over 200 billion barrels (Forrest 

et al., 2011). Such resources are nearly two times larger than the currently 

recoverable conventional oil resources. The tight oil resources account for 30 billion 

barrels, widely distributed in 24 oil reservoirs of Canada and the United States, 

among which only 14 reservoirs are under development (See Figure 2.1) (Forrest et 

al., 2011).  

 Although various development schemes have been attempted to exploit the 

tight oil resources in North America for the past decades, a primary recovery factor 

can only achieve 5-10% of the original oil in place (OOIP) (Manrique et al., 2010). 

In order to promote both productivity and injectivity from tight oil formations, 

horizontal wells have been extensively applied with massively hydraulic fracturing 

techniques, leading to a significant increase of oil production from the Bakken 

formation (Lolon et al., 2010).  

During the secondary oil recovery stage, waterflooding is implemented to 

maintain the reservoir pressure and provide the driven force (Park, 1966). However, 

the oil recovery performance is not enhanced obviously. This is attributed to the 

following two facts: (1) the poor physical properties of tight oil formations (i.e., low 

permeability, strong water sensitivity and low porosity) lead to a low injectivity, poor  
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Figure 2.1 Producing and prospective tight oil plays in North America (Forrest et 

al., 2011) 
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pressure conductivity and unfavourable productivity (Iwere et al., 2012), and (2) the 

early water breakthrough leads to a rapid depletion of reservoir energy (Joshi, 2003). 

By 2009, the daily production of tight oil approached only 400,000 barrels in North 

America (Elsevier, 2012), while a large amount of tight oil is still untouched.  

Although CO2 injection may be the most suitable option for enhanced oil 

recovery (EOR) or tertiary recovery under immiscible or miscible conditions, its 

flooding mechanisms and performance have not been well understood. The 

traditional injection strategy including continuous CO2 injection, water-alternating-

CO2 injection (CO2-WAG), simultaneous water and CO2 injection, and CO2 huff-n-

puff injection may perform rather differently in tight formations compared to the 

conventional reservoirs. Therefore, it is of fundamental and practical importance to 

understand the flow behaviour and develop viable CO2 techniques for significantly 

enhancing oil recovery in tight oil formations. 

 

2.2 CO2 EOR Mechanisms 

CO2 injection is a promising EOR method both on technical and economic 

grounds for tight oil formations together with positive environmental impacts 

(Arshad et al., 2009; Faltinson and Gunter, 2011). Although the flooding schemes 

and the application conditions are varied, the main mechanisms of CO2 EOR in tight 

oil formations are very similar, including oil viscosity reduction, oil swelling effect, 

interfacial tension reduction, permeability improvement, solution gas drive, gravity 
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drainage, and components extraction (Ghedan, 2009).  

Viscosity reduction: When contacting with oil, CO2 is able to easily dissolve 

into crude oil. Such dissolution leads to a significant reduction of oil density and 

viscosity. The decrease in oil viscosity will largely contribute to mobilizing the crude 

oil, and thus improving the ultimate oil recovery (Ghedan, 2009). 

Oil swelling: Once CO2 is dissolved into the crude oil, which is swollen and 

tends to expand. Such expansion results in an increase of oil saturation and decrease 

of residual oil in the reservoir (Rahman et al., 2010). Also, some reservoir water is 

displaced out by the swollen oil (Jha, 1986), which in turn contributes to improving 

the oil phase relative permeability. As such, a favourable condition has been 

developed for mobilizing the crude oil, and thus contributing to the enhancement of 

oil recovery. 

Reduction of interfacial tension (IFT): In miscible flooding, the IFT between 

crude oil and CO2 theoretically tends to be zero. However, in most cases, the near-

miscible or immiscible flooding is implemented instead of miscible flooding due to 

economic reasons and technique limitations (Zekri et al., 2006). Under these 

conditions, dissolution of CO2 into crude oil is able to significantly decrease both 

oil/gas and oil/water IFT (Ghedan, 2009), which directly leads to a reduced capillary 

force. Since capillary force usually functions as a resistance to oil flowing especially 

in tight reservoir, IFT reduction increases the capillary number by reducing the 

capillary force, and thus enhances oil recovery. 
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Improvement of formation permeability: In addition to oil, CO2 is able to 

dissolve into other formation fluids so that the CO2-dissolved fluids will appear as 

somewhat slightly acidic. Such acidic fluids will react with the rock matrix with 

component of carbonate to dissolve some minerals (Rahman et al., 2010). Formation 

permeability is then improved as some blockages for fluid flowing in porous media 

will be effectively removed. 

Solution gas drive: Due to change of pressure and temperature in a reservoir, 

the solution gas in oil may be released from crude oil, and forms a free gas. Such 

released free gas will greatly drive the oil into wellbore or fractures, which is one of 

the most important mechanisms for CO2 EOR (Bank et al., 2007). 

Gravity drainage: If a matrix block is surrounded by CO2 or there exists some 

fractures in a reservoir wherever filled with CO2, there must be a density difference 

between CO2 in the fracture and fluid in the matrix. When the displacing forces 

resulting from density difference exceeds the capillary force that resists fluid flowing 

in the matrix, there will undergo a gravity drainage process, i.e., oil will flow into 

fractures and be produced out until the gravitational forces are equalized by the 

capillary forces (Kazemi and Jamialahmadi, 2009). Gravity drainage is generally 

dominated in naturally fractured reservoirs, especially for the medium or high 

permeability fractured reservoirs (Karimaie and Torsaeter, 2010).  

In naturally fractured reservoirs, there usually exists a large amount of micro-

fractures which are likely to boost the free-fall gravity drainage. Also, the natural 

fractures are usually longer and more complex, contributing to the efficiency of 
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gravity drainage. In addition, a larger permeability results in a lower capillary force. 

This will weaken the resistance of fluid flowing in porous media so that liquid 

transferring from matrix to fractures is facilitated. Thus, gravity drainage plays a 

dominant role in the fractured reservoirs with medium or high permeability. As for a 

tight oil reservoir, due to the dominant capillary force, effect of gravity drainage on oil 

recovery may not be so significant. Compared with the naturally fractured reservoirs, 

the hydraulic fractures formed in tight formations are not able to reach such a large 

scale either in length or complexity, thus the gravity drainage in tight formations is 

further weakened (Li et al., 2000).  

Light-components extraction: In fractured tight reservoirs, the injected CO2 is 

more likely to flow into the fractures with higher permeability, and molecular 

diffusion process takes place between CO2 in the high permeability fractures and 

crude oil in the low permeability matrix. CO2 tends to dissolve into the oil in the 

matrix, while light and intermediate fractions of the oil are extracted to the injected 

CO2 and tend to be miscible via multiple contacts with CO2. Though gravity drainage 

may still improve oil recovery, its impact is significantly decreased due to the 

presence of huge capillary force and absence of large-scale natural fractures, while 

light-components extraction plays a dominant role in the recovery of tight oil 

reservoir (Morel et al., 1993). 
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2.3 CO2 EOR Techniques 

On the basis of CO2 EOR mechanisms, the recovery performance, however, 

would be various with the different development schemes for tight oil formations 

(Ghaderi et al., 2012).  According to laboratory investigations and field applications, 

CO2 injection is able to result in favourable oil production, though there exists some 

limitations for various flooding schemes (Arshad et al., 2009). Hence, an appropriate 

development scheme is crucial for recovering the tight oil reservoirs. 

 

2.3.1 Continuous CO2 flooding 

Immiscible CO2 flooding: During the immiscible CO2 flooding process, CO2 is 

continuously injected in to a reservoir with a pressure lower than the minimum 

miscibility pressure (MMP) between crude oil and CO2 (Zhou et al., 2012). Partial of 

the injected CO2 is dissolved into reservoir fluids, while the remaining CO2 forms a 

free gas phase in the reservoir (Bagci, 2007). The main mechanisms for enhancing oil 

recovery by continuous CO2 flooding are found to be viscosity reduction, oil 

expansion, interfacial tension reduction, light and medium components exaction and 

blowdown recovery (Kamal, 1985; Martin and Taber, 1992). The first three factors 

lead to an improvement of oil mobility and then an increase of recovery. The light and 

medium components extraction usually works in light or medium oil reservoirs. Some 

light components in crude oil are extracted out and become miscible with the injected 

CO2 gas, and be produced out later (Uwabe et al., 2009). As for blowdown recovery, 
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it is associated with the residual CO2 in the reservoir that is liberated as reservoir 

pressure decreases, leading to the residual oil movement in the reservoir so that more 

oil is produced (Bagci, 2007). 

Compared to waterflooding, continuous CO2 injection maintains higher 

injectivity together with better recovery performance in tight oil reservoirs (Zhou et 

al., 2012). The pressure drop of immiscible CO2 flooding is able to be significantly 

decreased compared to waterflooding, resulting in an obviously lower injection 

pressure, and thus a higher injectivity (Yang and Wang, 2010). It is also observed 

from various laboratory experiments that a nearly 20-30% of ultimate oil recovery is 

able to be enhanced by continuous immiscible CO2 flooding compared to 

waterflooding, proving to achieve a superior recovery performance in tight oil 

reservoirs (Kuo et al., 1990; Dennis et al., 1993) .  

In general, early gas breakthrough hinders a further improvement of oil 

recovery during immiscible CO2 flooding process (Bagci, 2007). It is found from 

coreflooding experiments that CO2 breakthrough of continuous CO2 flooding usually 

comes earlier than waterflooding (Zhang et al., 2010). The oil production tends to be 

significantly decreased when the gas production is higher than a certain value (Wang 

and Gu, 2011). In addition, the CO2 flooding will also result in obvious asphaltene 

deposition in the reservoir, leading to a decrease of oil effective permeability, and thus 

a lower oil recovery (Cao and Gu, 2013). 

During the development of tight oil formations, continuous CO2 flooding is 

considered to be applicable for either the reservoirs suitable for gravity stable 
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displacement or the reservoirs where waterflooding could have significantly adverse 

impact on reservoir performance (Zhou et al., 2012). Immiscible CO2 flooding has 

shown better recovery performance compared to waterflooding. In 1978, CO2 is 

continuously injected into its pilot zones with low permeability of 3 mD in the 

Maljamar field under immiscible conditions and achieved a higher oil production 

compared to waterflooding, while its injection pressure was significantly lower 

(Moore and Clark, 1988).  

Immiscible CO2 flooding is also regarded as a favourable choice for some 

special low permeability reservoirs bearing medium or even heavy oil because of the 

inefficiency of waterflooding, i.e., Bati Raman field with medium oil and heavy oil 

produced in Turkey (Sahin et al., 2008). Such field-scale immiscible CO2 flooding has 

been initiated for nearly 30 years and makes the Bari Raman field stands as the 

second largest oilfield in Turkey. However, the unstable displacement of immiscible 

CO2 flooding always leads to considerable variation of oil production in the field, 

which not only deters an accurate production estimation, but also increases the 

operating difficulties on the field (Pittaway et al., 1985; Bagci, 2007). 

Miscible CO2 flooding: In order to further improve oil recovery from tight oil 

reservoirs, miscible CO2 flooding technique was proposed and implemented (Brannan 

and Whitington, 1977). The CO2 flooding under miscible conditions leads to a zero 

capillary entry pressure for CO2 into the oil-filled pore space, making oil and CO2 be 

one phase, resulting in a high local displacement efficiency (Kovscek and Cakici, 

2005). Theoretically, an ultimate recovery factor of 100% is able to be obtained by 
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miscible CO2 flooding (Craig and Owens, 1960). It is also found that the MMP 

between carbon dioxide and crude oil is significantly lower than that of other gases, 

e.g., nitrogen, flue gas or natural gas (Stalkup, 1983). Thus, CO2 miscible injection is 

considered attainable under a broad spectrum of reservoir pressure. Compared to 

previous immiscible flooding, miscible CO2 flooding usually yields better recovery 

results. According to the laboratory investigations with tight core samples, the 

continuous miscible CO2 flooding is able to obtain an incremental recovery factor of 

at least 15% of OOIP compared to immiscible CO2 flooding, presenting a superior 

recovery performance for development of tight oil reservoirs (Kovscek et al., 2008). 

Field tests of the continuous miscible CO2 flooding have been conducted in 

six oilfields in North America for unlocking tight oil resources, including Slaughter 

field, Levelland field, Goldsmith field, Crossett Devonian field, Midale field and 

Coulee field (Forrest et al., 2011). Oil recovery is significantly enhanced compared 

to previous waterflooding or immiscible CO2 flooding, which is consistent with the 

experimental results (Folger and Guillot, 1996).  

Despite of the favourable oil recovery performance obtained by applying 

continuous CO2 injection, the limitations of this technique cannot be ignored. The 

continuous miscible CO2 flooding is very sensitive to reservoir heterogeneity. The 

existence of fractures or high permeability regions provides a sudden permeability 

change in tight oil reservoirs, which usually leads to non-uniform oil displacement. 

As such, chance of early breakthrough will be increased, leading to a decrease of 

ultimate recovery factor (Arshad et al., 2009). On the other hand, a large amount of 
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CO2 gas would be consumed during the continuous CO2 flooding process. The 

shortage of CO2 resources around the oilfields as well as the high cost of CO2 

flooding imposes negative effects on the extensive implementation of continuous 

CO2 injection method (Ghedan, 2009).  

 

2.3.2 CO2-WAG flooding 

In a CO2-WAG process, CO2 and water are injected alternatively with certain 

slug size into a reservoir, while production wells produce continuously (Manrique et 

al., 2007). When CO2 is injected into the reservoir, CO2 dissolves into crude oil, 

leading to oil viscosity reduction, oil swelling, interfacial tension reduction, and 

mass transfer between oil and CO2 phase. Water slugs injected contributes to 

controlling CO2 displacement front (Fatemi and Sohrabi, 2013). In this way, CO2-

WAG flooding has been considered as an improvement for its continuous version.  

In the presence of alternatively injecting water slugs, the chance of early 

breakthrough is decreased, sweeping efficiency is improved and fingering of CO2 

gas is minimized (Jiang et al., 2012). According to laboratory investigations, even 

after CO2 breakthrough, the gas production rate of CO2-WAG flooding is still found 

to be lower than that of continuous CO2 flooding (Arshad et al., 2009). The CO2-

WAG injection is consequently found with obvious superiority on recovery 

performance. According to the coreflooding research, CO2-WAG flooding is found 

with an increased recovery factor by 10-20% compared to both waterflooding and 
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continuous CO2 flooding, while miscible CO2-WAG flooding shows better recovery 

performance than immiscible CO2-WAG flooding (Kudal et al., 2010).  

Recovery performance of CO2-WAG flooding is found to be significantly 

influenced by reservoir heterogeneity, rock wettability, WAG ratio, slug size, cycle 

time, production rate, and production pressure (Surguchev et al., 1992). Numerical 

efforts have been made to optimize CO2-WAG flooding schemes in order to 

maximize oil recovery from tight oil formations. Guo et al. (2006) presents a 

comprehensive reservoir simulation of CO2-WAG processes with a tight oil reservoir 

model. Sensitivity analysis is conducted on various operational parameters including 

WAG ratio, CO2 slug size, cycle time, cycle number, injection rate, and production 

pressure. It is found that oil recovery tends to increase with the increase of injection 

pressure until it becomes higher than the MMP. Under the same cycle time, 

parameters including slug size, WAG ratio and injection rate are able to be 

optimized to maximize the final recovery factor. However, there are no common 

rules to estimate the optimal condition, which are usually associated with specific 

characteristics of formations and properties of crude oil (Rogers and Grigg, 2001; 

Zekri et al., 2011). 

Compared to continuous CO2 flooding, the CO2-WAG process has seen 

extensive applications in the oilfields due to its less CO2 consumption and better oil 

recovery performance (Christensen et al., 2001). At present, CO2-WAG flooding is 

used to enhance oil recovery in five tight oilfields of North America, including the 

Kelly-Snyder field, Hanford San Andres field, South Wasson Clearfork field, 
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Levelland field, and Wasson Denver field (Forrest et al., 2011). According to field 

production results, the ultimate oil recovery of CO2-WAG flooding can be improved 

by at least 10% of OOIP compared to that of either waterflooding or pure CO2 

flooding (Heeremans et al., 2006).  

The following limitations hinder a further implementation of CO2-WAG 

flooding for unlocking tight oil resources. Firstly, the nature of both low 

permeability and low porosity of tight oil formations makes the fluid injectivity of 

CO2-WAG flooding still low, even though long horizontal wells have been drilled 

and massively fractured (Christensen et al., 2001). Secondly, the injected water 

leads to expansion of water-sensitive clay and minerals, plugging the flowing throat, 

resulting in a further decrease of reservoir permeability, and hence a low oil 

recovery (Merritt and Groce, 1992). Thirdly, the shortage of affordable and 

sufficient CO2 sources around some oilfields makes CO2-WAG flooding is difficult 

to be widely applied in those reservoirs (Ghedan, 2009).  

 

2.3.3 CO2 huff-n-puff 

Both continuous CO2 flooding and CO2-WAG flooding are generally suitable 

for large-scale reservoir development. The production response is long, while 

investment is huge (MacAllister, 1989). As for small fault-block reservoirs with low 

flowability between wells, CO2 huff-n-puff processes are more applicable (Halnes 

and Monger, 1990). During the CO2 huff-n-puff process, CO2 is usually injected into 
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reservoir at a certain pressure. Then the injection wells are shut in to make CO2 and 

crude oil soak for a period of time. When contacting with CO2, oil viscosity is 

decreased, oil starts to swell, light-components of crude oil are extracted to the CO2 

phase, and thus oil phase effective permeability is improved (Monger and Coma, 

1988). After soaking for a certain period, the wells are switched on for production. 

Although few theoretical investigations have been made about the CO2 huff-n-

puff process in tight oil formations, its general advantages and limitations can be 

summarized as follows (Haskin and Alston, 1989; Asghari and Torabi, 2007): 

1) The recovery response of CO2 huff-n- puff process is very fast; 

2) Compared to CO2-WAG flooding and continuous CO2 flooding processes, 

CO2 consumption of the huff-n-puff processes is significantly lower, 

while recovery efficiency is still higher; 

3) The area affected by CO2 huff-n-puff process, however, is so limited that 

only works around the injection wells even if long horizontal wells have 

been drilled with massive hydraulic fractures. Small development-scale 

leads to an unfavorable recovery results, and thus poor economic 

performance. 

CO2 huff-n-puff processes have been put into field practice for developing 

tight oil reservoirs in North America for decades. In 1976, a regional test of CO2 

huff-n-puff project was initially launched to enhance oil recovery in a tight oil field 

of Hill Upland in Texas, and the oil recovery was enhanced significantly in the pilot 
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region. However, the CO2 huff-n-puff process only benefits the limited region 

around wells instead of a larger scale like CO2-WAG flooding or continuous CO2 

flooding (Watts et al., 1982). Finally, the Hill Upland field failed to extensively 

apply this technique into the whole field, and the project came to an end in 1977. 

 

2.4 Performance Optimization 

According to simulation efforts made by Li et al. (2010), a modified CO2 

flooding scheme is proposed to minimize chance of early gas breakthrough in tight 

oil formations. At first, CO2 is injected into the reservoir continuously, while 

production wells are shut in. After a certain period of time, injection wells are shut 

in and production wells are switched on for production. The production wells and 

injection wells work in a repeated way until such a recovery process is terminated. 

In this way, the gas breakthrough is better controlled compared to that of continuous 

CO2 flooding, while formation damage from water injection is avoided compared to 

that of CO2-WAG flooding and the controlling region of wells becomes larger 

compared to that of CO2 huff-n-puff process (Li et al., 2010). 

In order to better control the production process of continuous CO2 flooding 

and improve sweep efficiency, a strategy of continuous CO2 injection and cyclic 

production is also proposed (Li et al., 2010). In this strategy, CO2 is injected 

continuously, while the production wells produce in a cyclic way. At first, both 

injection wells and production wells are switched on for a period of time until gas 
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production rate increases to a certain value. Then, production wells are shut in until 

the static pressure of production wells increases to an expected value. During this 

period, gas, oil and water will be re-distributed in the reservoir. After production 

wells are switched on again, oil will flow out from the production wells with a much 

lower gas-oil ratio, and then oil recovery is significantly enhanced. 

 

2.5 Summary 

Due to low injectivity and productivity, oil recovery cannot be favourably 

enhanced by waterflooding in tight oil formations. CO2 flooding has attracted an 

increasing interest for unlocking the resources in oil reservoirs with low 

permeability. In addition to pressure maintenance, CO2 flooding contributes to oil 

recovery in tight formations through viscosity reduction, oil swelling, interfacial 

tension reduction, permeability improvement, solution gas drive, gravity drainage 

and components extraction.  

Obviously, Recovery performance of continuous CO2 flooding is found to be 

enhanced compared to waterflooding. By improving sweep efficiency, reducing 

chance of early gas breakthrough and minimizing CO2 fingering, the oil recovery is 

further improved with CO2-WAG flooding. As for small fault-block reservoirs with 

low flowability between wells, CO2 huff-n-puff process achieves better recovery 

performance compared to either waterflooding or CO2 flooding. Though CO2 

injection is found with good EOR performance, most of the CO2 injection projects 
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are implemented in the reservoirs of good permeability. The performance of 

improving oil recovery with traditional CO2 injection schemes in tight oil reservoirs 

has not been well investigated. Optimization of CO2 injection schemes in tight oil 

formations must result in a different recovery performance compared to high 

permeability oil reservoirs. Therefore, it is of practical and fundamental importance 

to evaluate the performance of CO2 injection schemes in tight oil formations, and to 

propose appropriate methods to enhance oil recovery by CO2 injection. 
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CHAPTER 3 EXPERIMENTAL AND NUMERICAL 

EVALUATION OF CO2 EOR 

PERFORMANCE 

In this chapter, a coreflooding system is designed and applied to evaluate 

performance of CO2 injection in tight oil formations (Song and Yang, 2012a; b; 

2013). Experimentally, a set of nine coreflooding tests have been conducted to 

evaluate performance of different CO2 injection schemes. Numerically, simulation 

techniques have been developed to history match the experimental measurements, 

while sensitivity analysis is conducted with the tuned numerical model in order to 

maximize the oil recovery from tight formations. 

 

3.1 Experimental 

3.1.1  Materials 

The oil sample and reservoir brine used in this study are collected from a tight 

oil formation in Saskatchewan, Canada. As shown in Table 3.1, the density and 

viscosity of dead oil are measured to be 801.2 kg/m3 and 2.17 cP at 20ºC and 

atmospheric pressure, respectively. 

Compositional analysis results of the crude oil sample are tabulated in Table 

3.2. Most components of the oil sample are lighter than C20, while heavy components 

of C30+ account for only 11.08 wt%. The minimum miscibility pressure (MMP) of the 

dead oil sample is experimentally determined to be 9.7 MPa at 63ºC by the 
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Table 3.1 Physical properties of crude oil 

                                       at 15ºC

Density (kg/m3)                       at 20ºC

                                          at 30ºC

805.0 

801.2 

793.1 

                            at 15ºC

Viscosity(mPa·s)                          at 20ºC

                                   at 30ºC

2.54 

2.17 

2.22 

Acid number (mg-KOH/g) 0.40 

Molecular weight (g/mol) 162 

(Saskatchewan Research Council, 2012). 
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Table 3.2 Compositional analysis results of crude oil 

Component wt% mol% Component wt% mol% 
C1 0.00 0.00 C14 4.07 3.55 
C2 0.00 0.00 C15 4.14 3.37 
C3 0.13 0.53 C16 3.48 2.66 

i-C4 0.14 0.41 C17 3.23 2.33 
n-C4 0.56 1.67 C18 3.15 2.14 
i-C5 0.34 0.80 C19 2.68 1.72 
n-C5 0.56 1.35 C20 2.36 1.45 

Other C5 0.05 0.13 C21 0.05 0.03 
i-C6 0.43 0.87 C22 4.03 2.25 
n-C6 0.42 0.84 C23 1.97 1.05 

Other C6 0.47 0.94 C24 1.62 0.83 
C7 10.74 18.55 C25 1.57 0.77 
C8 10.16 15.39 C26 1.43 0.67 
C9 5.79 7.82 C27 1.30 0.59 

C10 6.06 7.37 C28 1.23 0.54 
C11 5.34 5.92 C29 0.94 0.40 
C12 4.75 4.82 C30 0.94 0.38 
C13 4.78 4.49 C31+ 11.08 3.37 

(Saskatchewan Research Council, 2012). 
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 Saskatchewan Research Council.  

The density and viscosity of reservoir brine at 20ºC and atmospheric pressure 

are measured to be 1108.7 kg/m3 and 1.24 cP, respectively. The measured 

compositions of reservoir brine are shown in Table 3.3. The synthetic water is 

prepared with 5.3 g/l of CaCl2, 1.8 g/l of MgCl2, 140.2 g/l of NaCl, 3.3 g/l of K2SO4, 

and 3.3 g/l of Na2SO4, respectively 

The tight core samples with a diameter of 1.5 inches are collected from the 

same region where oil and brine samples are collected, while their permeabilities 

range from 0.08 mD to 0.83 mD. The research grade CO2 used in the experiments is 

purchased from Praxair, Canada, with a purity of 99.998 mol%. 

3.1.2  Experimental setup 

The experimental setup used in this study consists of four subsystems, i.e., 

injection subsystem, displacement subsystem, production subsystem, and 

temperature control subsystem (see Figure 3.1). In the fluid injection subsystem, 

synthetic water, oil and CO2 are stored in transfer cylinders, which are injected into 

the core samples at a constant rate with a high pressure syringe pump (500 HP, ISCO 

Inc., USA), respectively. 

The major component of this setup is the displacement subsystem, which is 

comprised of a coreholder (Core Lab, USA) with maximum operating pressure of  

5500 psi, and a high pressure nitrogen cylinder (Praxair, Canada) used to provide 

overburden pressure to the coreholder. The core samples are placed in the coreholder 
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Table 3.3 Properties of reservoir brine 

Property Value Major components 
(mg/l) 

Value 

Density (kg/m3) 
at 15ºC 
at 20ºC 
at 40ºC 

1110.2 Chloride 94340 
1108.7 Sulphate 4100 
1099.6 Sodium 56200 

Viscosity (mPa·s) 
at 15ºC 
at 20ºC 
at 40ºC 

1.41 Potassium 1500 
1.24 Magnesium 460 
0.85 Calcium 1900 

Refractive index at 25ºC 1.3590 Iron 1.0 
Conductivity (mS) at 25ºC 125.4 Barium 0.25 
pH at 25ºC 6.87 Manganese 0.61 

(Saskatchewan Research Council, 2012). 
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Figure 3.1 Schematic diagram of the experimental setup 
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with a horizontal direction. The overburden pressure applied to the coreholder is 

usually maintained 3.0 MPa higher than the injection pressure under experimental 

condition. 

In the production subsystem, a backpressure regulator (BPR) (EBIHP1, 

Equilibar, USA) is used to maintain the pre-specified production pressure 

throughout the experiments. The produced water and oil are collected by using an oil 

sample collector, which is actually a graduated tube with an accuracy of 0.05 ml. 

The gas production is measured by using a gas flow meter (DFM26S, Aalborg, 

USA) with an accuracy of 1 cc/min. The production data is recorded by a desktop 

computer. 

The temperature control system is comprised of an airbath, a heater (HG1100, 

Makita, Canada), a temperature sensor, and a temperature controller (Diqi-Sense, 

USA). It is used to maintain a constant temperature environment of 63ºC throughout 

the experiments. A digital image of the whole experimental setup in this study is 

shown in Figure 3.2.  

 

3.1.3  Experimental scenarios 

The nine experimental scenarios include waterflooding (Scenario #1), 

continuous near-miscible CO2 flooding (Scenario #2), continuous miscible CO2 

flooding (Scenario #3), miscible CO2-WAG flooding with WAG ratio of 1.0 and slug  

sizes of 0.250 PV for both water and CO2 (Scenario #4), miscible CO2-WAG flooding 

with WAG ratio of 0.5 and slug sizes of 0.125 PV and 0.250 PV for water 
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Figure 3.2 A digital image of the experimental setup 
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and CO2 (Scenario #5), miscible CO2-WAG flooding with WAG ratio of 0.5 and slug 

sizes of 0.250 PV and 0.500 PV for water and CO2 (Scenario #6), immiscible CO2 

huff-n-puff (Scenario #7), near-miscible CO2 huff-n-puff (Scenario #8), and miscible 

CO2 huff-n-puff (Scenario #9). 

 

3.1.4  Experimental procedures 

1) Porosity measurement  

Prior to each coreflooding experiment, dead volume is firstly determined (i.e., 

Scenario #1: 4.6 cc, Scenario #2: 4.6 cc, Scenario #3: 4.7 cc, Scenario #4: 4.5 cc, 

Scenario #5: 4.4 cc, Scenario #6: 4.7 cc, Scenario #7: 4.4 cc, Scenario #8: 4.3 cc, 

and Scenario #9: 4.3 cc). The porosity of core samples is subsequently measured. 

The procedure for porosity measurements is briefly described as follows. Core 

samples are first completely evacuated for 24 h by using a vacuum pump. Then the 

synthetic brine is injected into the rock samples. Consequently, porosity can be 

determined as the ratio of the brine volume inside core samples to the bulk volume 

of the core samples with consideration of the measured dead volume. The measured 

porosity in the nine sets of coreflooding experiments are shown in Table 3.4, where 

the porosity ranges from 17.7% to 23.6%. 

2) Permeability measurement  

Absolute permeability of the core samples can be determined after the porosity 

tests. The procedure for permeability measurement is detailed as follows. Synthetic 

brine is injected into the core samples at different flow rates ranging from 0.100 to 
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Table 3.4 The measured porosity, permeability, and initial oil saturation of 

Scenarios #1-9 

Scenario Porosity (%) Permeability (mD) Initial oil saturation (%) 

#1 23.1 0.27 55.2 

#2 20.6 0.79 44.1 

#3 17.7 0.08 43.8 

#4 18.9 0.29 57.9 

#5 22.3 0.23 59.1 

#6 23.6 0.44 51.4 

#7 18.6 0.56 42.9 

#8 23.1 0.81 64.2 

#9 20.7 0.83 59.6 
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0.500 cc/min by using a syringe pump. The resulted pressure drop under each flow 

rate is correspondingly measured when stabilized, then the absolute permeability of 

the core samples can be calculated by applying the Darcy’s law. The absolute 

permeability of the nine scenarios is listed in Table 3.4.  

3) Initial oil saturation measurement  

Once the absolute permeability is determined, the core sample is subsequently 

flooded with light oil at a constant rate of 0.050 cc/min until irreducible water 

saturation has been reached. Initial oil saturation is calculated by knowing both 

volume of the oil injected and pore volume of the core sample. As shown in Table 

3.4, the initial oil saturation of nine scenarios in this study ranges from 43.8% to 

64.2%. 

4) Displacement experiments  

In Scenarios #1-6, either water or CO2 is injected at a constant rate of 0.100 

cc/min. During each displacement process, the cumulative oil production and 

pressure drop are measured. The production pressure in Scenario #1 is set to be 10.5 

MPa. The production pressure in Scenario #2 is set to be 8.7 MPa, which is 1.0 MPa 

lower than the measured MMP in order to satisfy the so-called near-miscible 

condition (Fatemi and Sohrabi, 2013). As for Scenarios #3-6, the production 

pressure is set to be 14.0 MPa to ensure that the experiments are conducted under 

miscible conditions. It should be noted that, in Scenarios #2-6, once the CO2 

displacement is terminated, the BPR pressure is decreased in a stepwise manner to 



33 

initiate the blowdown recovery. As for each pressure level, oil production is 

recorded until the system pressure is reduced to the atmospheric pressure.  

In Scenarios #7-9, CO2 is injected into the coreholder for 3 h under constant 

pressure of 7.0, 9.3 and 14.0 MPa, respectively, in order to achieve immiscible, near-

miscible, and miscible conditions. Subsequently, oil and CO2 are soaked for another 

6 h. Finally, oil is produced at the pre-specified pressure for 1 h. The CO2 injection, 

soaking and production processes are repeated throughout the experiments. When oil 

production of certain cycle is less than 1% of OOIP, the experiment will be 

terminated (Asghari and Torabi, 2007). 

 

3.2 Numerical Simulation  

In order to obtain a better understanding on the mechanisms governing 

waterflooding and CO2 EOR in tight oil formations, simulation techniques have 

been developed to history match the experimental measurements made in Scenarios 

#1-9, while sensitivity analysis is subsequently conducted to examine effects of the 

operational parameters on oil recovery. 

 

3.2.1  Numerical model 

1) Fluid properties  

According to the measured oil physical properties, compositional analysis, 

and MMP, the CMG WinProp module is used to build a PVT model to prepare fluid 
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properties, where the crude oil is treated as eight pseudo-components (See Table 

3.5). Finally, a PVT model compatible with GEM compositional simulator is 

generated and incorporated into the displacement model. 

2) Gridblock  

By using the GEM simulator (Version 2009, Computer Modelling Group 

Ltd.), a grid system of 10×1×1 gridblock is applied throughout the simulations, 

though the size of each grid varies for Scenarios #1-9 (i.e., Scenario #1: 

0.66×3.37×3.37 cm, Scenario #2: 0.64×3.38×3.38 cm, Scenario #3: 0.63×3.38×3.38 

cm, Scenario #4: 0.62×3.38×3.38 cm, Scenario #5: 0.62×3.37×3.37 cm, Scenario #6: 

0.64×3.38×3.38 cm, Scenario #7: 0.61×3.37×3.37 cm, Scenario #8: 0.64×3.37×3.37 

cm, and Scenario #9: 0.63×3.38×3.38 cm). Meanwhile, homogeneous distribution of 

oil saturation, water saturation, porosity and absolute permeability are assigned to 

each model. A displacement model for Scenario #1 is shown in Figure 3.3.  

3.2.2  Simulation procedure 

Simulation techniques have been conducted to history match the experimental 

measurements made in Scenarios #1-9. The initial water saturation, initial oil 

saturation, absolute permeability, porosity and initial system pressure are set to be 

same as the values measured for each experimental scenario. The relative 

permeability and capillary pressure in the numerical model are respectively tuned to 

match the cumulative oil production and injection pressure profiles. 

Once the experimental measurements are well matched, the tuned numerical 
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Table 3.5 Summary of the properties of the eight pseudo-components 

 C3-C6 C7-C8 C9-C11 C12-C15 C16-C20 C21-C24 C25-C29 C30+ 

Molar 

concentration  
0.08 0.42 0.18 0.08 0.08 0.05 0.07 0.04 

Critical pressure 

(atm) 
34.64 29.49 23.45 19.93 17.35 15.09 12.32 10.35 

Critical 

temperature (K) 
463.92 564.25 640.77 690.61 732.47 770.31 823.81 990.84 

Acentric factor 0.23 0.34 0.48 0.58 0.68 0.78 0.94 1.16 

Molecular 

weight 
71.18 104.74 145.43 181.62 219.73 261.61 325.09 449.00 

Volume shift 

parameter 
-0.01 -0.01 0.05 0.08 0.10 0.12 0.18 0.12 
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Figure 3.3 Schematic diagram of 3D view of the displacement model. 
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models are further implemented to conduct sensitivity analysis on the production 

pressure for Scenarios #2 and #3; WAG ratio, cycle time, and slug size for Scenarios 

#4-6 as well as injection pressure, soaking time, and production pressure for 

Scenarios #7-9. Hence, effects of operational parameters on various CO2 injection 

schemes are quantified, while oil recovery is further improved. 

 

3.3 Results and Discussion 

3.3.1  Experimental measurements 

1) Waterflooding 

Scenario #1 evaluates performance of waterflooding in tight oil formation. As 

for Scenario #1, Figure 3.4 shows the measured oil recovery, cumulative water 

production, and pressure drop, respectively. As can be seen from Figure 3.4, at the 

beginning, oil is recovered continuously, while no water is produced for the first 

0.36 pore volume (PV) of water injected. After water breakthrough occurs, oil 

production rate starts to decline, while the cumulative water production starts to rise 

rapidly. Little incremental oil is produced after water breaks through, resulting in a 

low ultimate recovery of 51.5% of OOIP in this study. The low ultimate oil recovery 

is mainly attributed to the low permeability of the core samples used. The response 

of pressure drop is found to agree well with the oil recovery and cumulative water 

production profiles. The measured pressure drop increases with the PV of water 

injected until water breakthrough occurs around 0.360 PV of water injected.  
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Figure 3.4 Measured oil recovery, cumulative water production, and pressure drop 

versus pore volume of water injected for Scenario #1 
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2) Continuous CO2 flooding 

Near-miscible CO2 flooding: Continuous near-miscible CO2 flooding is 

implemented in Scenario #2, where the production pressure is maintained at 8.7 

MPa. As for this scenario, Figure 3.5 shows the measured oil recovery, cumulative 

gas production, and pressure drop, respectively. Oil production rate remains high at 

the beginning and then starts to decrease when CO2 breakthrough occurs. A large 

amount of oil is already produced before CO2 breakthrough, after which an 

additional 15.0% of OOIP is still recovered. As depicted in Figure 3.5, the pressure 

drop peaks at 0.380 PV of CO2 injected. This agrees with the oil recovery profile. 

Excluding the blowdown recovery, 80.3% of OOIP is produced. Compared to the 

waterflooding process, a much higher oil recovery is achieved with the continuous 

near-miscible CO2 flooding. 

After near-miscible CO2 flooding is completed, the blowdown recovery 

contributes to an incremental 7.5% of OOIP. It is found that a large amount of oil is 

produced when the production pressure is reduced from 1.5 MPa to atmospheric 

pressure, while little oil is produced when the production pressure is reduced from 

8.7 MPa to 1.5 MPa. This is consistent with the findings in the literature (Zheng and 

Yang, 2013). The ultimate recovery factor by implementing continuous near-

miscible CO2 flooding is measured to be 87.8% of OOIP, demonstrating an obvious 

superiority of CO2 flooding over waterflooding.  
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Figure 3.5 Measured oil recovery, cumulative gas production, and pressure drop 

versus pore volume of CO2 injected for Scenario #2 
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Miscible CO2 flooding: As mentioned previously, MMP of this dead oil 

sample is experimentally determined to be 9.7 MPa by the Saskatchewan Research 

Council (SRC). A constant production pressure of 14.0 MPa is applied in order to 

ensure that the entire CO2 flooding process is conducted under miscible conditions 

in Scenario #3. As for this scenario, Figure 3.6 shows the measured oil recovery, 

cumulative gas production, and pressure drop, respectively. Excluding the 

blowdown recovery, 79.3% of OOIP has been recovered with the miscible CO2 

flooding process. This recovery factor is lower than that obtained in the near-

miscible CO2 flooding process (i.e., Scenario #2). Such a lower recovery factor is 

mainly caused by the following combinational effects: a) The absolute permeability 

of core sample used in Scenario #3 is 0.08 mD, which is one order lower than that in 

Scenario #2, i.e., 0.79 mD; and b) The recovery efficiency of light-to-medium oils 

with miscible CO2 flooding is fairly close to that with near-miscible CO2 flooding. 

Blowdown recovery is conducted right after the continuous CO2 flooding 

process. The production pressure is decreased to atmospheric pressure with 12 steps. 

Additional 15.2% of OOIP is recovered in the blowdown process, which is higher 

than that obtained under near-miscible conditions (i.e., Scenario #2). This might be 

due to the fact that the injection pressure for Scenario #3 is 4.0-6.0 MPa higher than 

that for Scenario #2, resulting in more CO2 dissolved into crude oil, and hence a 

higher blowdown recovery. The ultimate recovery obtained in the miscible CO2 

flooding process (i.e., Scenario #3) is determined to be 94.6% of OOIP. 
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Figure 3.6 Measured oil recovery, cumulative gas production, and pressure drop 

versus pore volume of CO2 injected for Scenario #3 
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3) CO2-WAG flooding 

WAG ratio=1.0, water slug size= 0.250 PV, CO2 slug size=0.250 PV: In order 

to improve both the macroscopic and microscopic sweeping efficiency of CO2 

displacement, the CO2-WAG flooding process is investigated in Scenario #4. The 

slug sizes of water and CO2 in each cycle are set to be 0.250 PV, while the 

production pressure is set as the same value used in the miscible continuous CO2 

flooding of Scenario #3. 

As for Scenario #4, Figure 3.7 shows the measured oil recovery, cumulative 

water production, cumulative gas production, and pressure drop, respectively. The 

oil recovery profile indicates that majority of oil is recovered from the first two 

cycles. The incremental oil recovery in the third cycle is significantly lower 

compared to the preceding cycles. The peak of pressure drops in later cycles tends to 

be higher than that of earlier cycles. Similar phenomenon is also documented in the 

literature (Prieditis et al., 1991). It can be also observed in Figure 3.7 that the 

pressure drop in each cycle usually increases rapidly as water injected, while it 

decreases significantly as CO2 is injected. This implies that the fluid injectivity of 

the tight cores can be significantly improved in the CO2 injection period (Ramsay 

and Small, 1964). The improvement of injectivity due to CO2 injection underlines an 

important motivation to take advantage of CO2 flooding for unlocking resources in 

tight oil formations. Prior to blowdown recovery, the recovery factor of miscible 

CO2-WAG flooding is able to reach 88.8% of OOIP, indicating a superior efficiency 

compared to either continuous miscible or continuous near-miscible CO2 flooding.  
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Figure 3.7 Measured oil recovery, cumulative water production, cumulative gas 

production, and pressure drop versus pore volume of CO2 or water injected for 

Scenario #4 
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Once miscible CO2-WAG flooding is completed, a 12-step blowdown recovery 

is initiated. The blowdown process leads to an incremental oil recovery of 2.0%, 

which is much lower than that of both near-miscible CO2 flooding and miscible CO2 

flooding. This is attributed to the fact that much less CO2 (i.e., only 0.750 PV) is 

injected in the CO2-WAG process, compared to 1.500 PV and 1.350 PV of CO2 that 

are injected in near-miscible CO2 flooding process and miscible CO2 flooding process, 

respectively. An ultimate recovery factor of 90.7% of OOIP is achieved with this  

miscible CO2-WAG flooding process. 

WAG ratio=0.5, water slug size=0.125 PV, CO2 slug size=0.250 PV: In order 

to examine the effect of different slug size on recovery performance, another set of 

miscible CO2-WAG flooding (i.e., Scenario #5) is conducted. The CO2 slug size is 

0.250 PV, which is the same as that in Scenario #4, while the water slug size is set to 

be 0.125 PV, leading to a WAG ratio of 0.5. Four cycles are carried out during the 

displacement process. Both production pressure and fluid injection rate is the same 

as that in Scenario #4. 

Figure 3.8 shows the measured pressure drop, cumulative oil production, 

cumulative water production, and cumulative gas production in the experiment. It can 

be seen from the recovery profile that most oil is produced in the first two cycles, and 

the oil productivity is low in the last two cycles. It is also observed from the pressure 

drop profile that pressure drop tends to increase as water injected, while the 

subsequent CO2 injection leads to a decrease of pressure drop. This further confirms 

the findings from Scenario #4 that CO2 injection tends to improve the fluid  
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Figure 3.8 Measured oil recovery, cumulative water production, cumulative gas 

production, and pressure drop versus pore volume of CO2 or water injected for 

Scenario #5 
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injectivity in the CO2-WAG process. Prior to the blowdown process, the recovery 

factor in Scenario #5 is able to reach 80.2%, which is lower than that in Scenario #4. 

This may be attributed to the fact that a shorter water slug size in Scenario #5 results 

in a decrease of sweep efficiency, thus a lower oil recovery.  

After the displacement process, a stepwise blowdown recovery is conducted. 

6.5% of OOIP is recovered in the blowdown process, which is higher than that in 

Scenario #4. This is because more CO2 is injected into core sample in Scenario #5,  

resulting in more CO2 dissolved into crude oil. Thus, the blowdown recovery is 

higher. An ultimate recovery factor of 86.5% of OOIP is achieved in Scenario #5. 

WAG ratio=0.5, water slug size=0.250 PV, CO2 slug size=0.500 PV: In order 

to examine the effect of cycle time on oil recovery and fluid injectivity performance, 

another set of miscible CO2-WAG flooding is conducted in Scenario #6. The CO2 

slug size is increased to 0.500 PV, and water slug size is long to 0.250 PV, leading to 

a WAG ratio of 0.5, which is the same as that in Scenario #5. 

Similar to Scenario #5, introduction of water into displacement process leads to 

an increase of pressure drop, while CO2 tends to increase the fluid injectivity with a 

decrease in pressure drop. Compared with Scenario #5, pressure drop is further 

decreased by applying a longer CO2 slug size (see Figure 3.9). However, different 

from previous scenarios, the introduction of CO2 does not result in a decrease of 

pressure drop all the way, which presents to be constant at later period of CO2 

injection process in each cycle. It is found that fluid injectivity usually improves  
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Figure 3.9 Measured oil recovery, cumulative water production, cumulative gas 

production, and pressure drop versus pore volume of CO2 or water injected for 

Scenario #6 
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with the increase of CO2 slug size at first. Meanwhile, it tends to become constant 

by further increasing the CO2 slug size. During the displacement process, oil recovery is 

estimated to be 82.3% of OOIP. It is higher than that of Scenario #5 due to the longer 

flooding period and higher permeability, but lower than Scenario #4, which may be 

attributed to the smaller WAG ratio and longer cycle time (Song and Yang, 2012b). Though 

the flooding time in Scenario #6 lasts up to 380 min of 2.200 PV, there is no significant 

improvement of oil recovery compared to that of Scenario #5. Thus, the longer cycle 

time in CO2-WAG process is found to decrease the recovery efficiency. 

Similarly, the blowdown process leads to an additional 4.1% of OOIP, which 

is lower than that in Scenario #5. This may be due to the lower injection pressure in 

Scenario #6, resulting in less CO2 dissolved into crude oil, and thus a lower 

blowdown recovery compared to Scenario #5. However, the blowdown recovery in 

Scenario #6 is higher than that of Scenario #4. This may be attributed to fact that 

1.500 PV of CO2 is injected during the displacement process in Scenario #6 

compared to only 0.750 PV of CO2 injected in Scenario #4, leading to more CO2 

dissolved into crude oil, and thus a higher blowdown recovery. 

4) CO2 huff-n-puff 

Immiscible CO2 huff-n-puff: Performance of immiscible CO2 huff-n-puff 

process is evaluated in Scenario #7, where CO2 is injected into the coreholder for 3 h 

with a constant pressure of 7.0 MPa. Once the CO2 injection is terminated, crude oil 

and CO2 are soaked for another 6 h under a constant temperature. Subsequently, oil 

starts to produce for 1 h. A total of six cycles are repeated in this scenario. 
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Figure 3.10 shows the measured oil recovery, cumulative gas production, and 

pressure drop as a function of time, respectively. The recovery profile indicates that 

most oil is produced during the first two cycles, followed by a much lower recovery 

after the third cycle. During the soaking process, the system pressure tends to 

decrease, though its decrease in the first cycle is minor compared to others. This 

may be ascribed to the fact that the pores in the cores are filled with oil and water 

initially, resulting in little CO2 injected into core sample during first cycle.  

As for the second cycle, pressure decrease during the soaking period is 

significantly improved due to more CO2 injected into the core sample and dissolved 

into crude oil. From the third cycle to the sixth cycle, the pressure decrease during 

the soaking process becomes less significant again. This is because residual oil 

saturation in the core sample is much lower than that of the previous cycles. The 

ultimate recovery factor of immiscible CO2 huff-n-puff process is only 42.8% of 

OOIP, indicating a significantly worse recovery performance compared to the 

previous CO2 flooding schemes. This is attributed to the combinational effects: a) 

CO2 and oil are immiscible; and b) CO2 huff-n-puff is only able to affect a limited 

region around the wells.  

Near-miscible CO2 huff-n-puff: In order to examine effect of injection 

pressures on recovery performance, near-miscible CO2 huff-n-puff injection is 

conducted in Scenario #8, where the injection strategy is same as that of Scenario #7. 

A total of four cycles are conducted in Scenario #8, while the injection pressure 
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Figure 3.10 Measured oil recovery, cumulative gas production, and pressure drop 

versus time for Scenario #7 
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increases to 9.3 MPa in order to maintain the near-miscible condition throughout the 

experiment. 

The oil recovery, cumulative gas production, and pressure drop as a function 

of time are shown in Figure 3.11, where most oil is produced in the first two cycles. 

The oil production starts to decrease from the third cycle, while the pressure 

decrease in the second cycle is more obvious compared to the other cycles. This 

finding is same as that in Scenario #7. The ultimate oil recovery is 63.0% of OOIP in 

Scenario #8. This may be due to the higher injecting pressure, leading to more CO2 

dissolved into crude oil, and thus a higher ultimate oil recovery. 

Miscible CO2 huff-n-puff: Recovery performance of miscible CO2 huff-n-puff 

injection is evaluated in Scenario #9 with a constant injection pressure of 14.0 MPa. 

The injection strategy is same as that of Scenario #8. 

As observed in Figure 3.12, the pressure drop maintains a similar trend as 

Scenarios #7 and #8, while the ultimate recovery factor is measured to be 61.0% of 

OOIP. Compared to Scenario #8, the slightly lower recovery factor indicates that the 

miscible CO2 huff-n-puff does not lead to a higher recovery, though the injection 

pressure is higher than the MMP of 9.7 MPa. This implies that recovery 

performance of CO2 huff-n-puff process under near-miscible condition is fairly close 

to that of miscible condition and that it is unnecessary to overemphasize the pressure 

effect. 
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Figure 3.11 Measured oil recovery, cumulative gas production, and pressure drop 

versus time for Scenario #8 
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Figure 3.12 Measured oil recovery, cumulative gas production, and pressure drop 

versus time for Scenario #9. 
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3.3.2 History matching 

1) Scenario #1 (Waterflooding) 

The relative permeability curves and capillary pressure curves are tuned to 

history match the experimental measurements in Scenarios #1-9. Figure 3.13 shows 

the tuned water and oil relative permeability curves and capillary pressure curve, 

respectively, for Scenario #1. As presented in Figure 3.13, the water relative 

permeability is rather low in the water saturation range from 0.32 to 0.50, while the 

oil relative permeability shows very low values in the water saturation range of 0.60-

0.77. This is due to the low water or oil effective permeability in the corresponding 

water saturation ranges. According to the tuned water and oil relative permeability 

curves, irreducible water saturation is determined to be 0.32, resulting in a 

corresponding oil saturation of 0.68 at the endpoint, which is higher than the 

experimental measurement of initial oil saturation listed in Table 3.4. This is due to 

the fact that it is difficult to experimentally reach the irreducible water saturation for 

such tight core samples during the oil saturating process. Similar phenomenon is 

also found in the following Scenarios #2-9. 

Figure 3.14 shows the history matching results for Scenario #1, where the 

cumulative oil production history and injection pressure history are well matched. At 

the beginning (i.e., about 5 min), the measured injection pressure is higher than the 

simulated value. This is attributed to the fact that, during laboratory experiments, 

water starts being compressed and injected into the coreholder, while, during  
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Figure 3.13 Water and oil relative permeability and capillary pressure for Scenario 

#1 
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Figure 3.14 Simulated oil production and injection pressure versus time for 

Scenario #1 
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simulation, water is usually injected instantly all the time. Similar operation is also 

implemented in CO2 flooding processes for Scenarios #2-9 so as to ensure a constant 

injection rate of CO2 under experimental conditions, resulting in a minor mismatch 

between the measured and simulated injection pressure at the beginning. 

2) Scenario #2 (Near-miscible CO2 flooding) 

Figures 3.15a and b depict the tuned water and oil relative permeability 

curves, gas and liquid relative permeability curves, and capillary pressure curves, 

respectively, for the near-miscible CO2 flooding process (i.e., Scenario #2). As 

shown in Figure 3.15b, gas phase relative permeability increases slightly when gas 

saturation is smaller than 0.40. Also, compared to the waterflooding process, the 

injection pressure and cumulative oil production is less sensitive to water and oil 

relative permeability curves.  

Figure 3.16 plots the history matching results of the measured cumulative oil 

production and injection pressure, respectively, for Scenario #2. In general, there 

exists a good agreement between the experimental measurements and simulation 

results for injection pressure, while a slight mismatch is found prior to gas 

breakthrough for cumulative oil production. This may be caused by the non-uniform 

distribution of oil saturation, resulting in different amount of dissolved CO2 into oil. 

After CO2 breakthrough, displacement process tends to be steady so that good history 

matching result is obtained. Compared to waterflooding, the simulated continuous 

near-miscible CO2 flooding achieves a higher ultimate recovery factor, indicating the 

main mechanisms contributing to such a recovery enhancement (i.e., injectivity  



59 

 

(a) 

 

(b) 

 

Figure 3.15 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #2 
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Figure 3.16 Simulated oil production and injection pressure versus time for 

Scenario #2 
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improvement, oil swelling, viscosity reduction, IFT reduction, solution gas drive, 

and light-components extraction) are well simulated. 

3) Scenario #3 (Miscible CO2 flooding) 

Figures 3.17a and b show the tuned water and oil relative permeability 

curves, gas and liquid relative permeability curves, and capillary pressure curves, 

respectively, for the miscible CO2 flooding process (i.e., Scenario #3). It can be seen 

from Figure 3.17b that the gas phase relative permeability increases slightly when 

gas saturation is smaller than 0.50, while the liquid phase relative permeability is 

very low at a high gas-saturation region.  

The history matching results for Scenario #3 are presented in Figure 3.18. 

Again, there exists a generally good agreement between the experimental 

measurements and simulated data, indicating the most important mechanism during 

miscible CO2 flooding process is well simulated. However, compared to the 

simulated results, the experimental oil production is delayed for 5 min at the 

beginning. Such a slight mismatch is mainly caused by the compressibility of CO2 

under supercritical conditions, resulting in a delay of injection pressure increasing 

from 9.5 MPa to the entry pressure (i.e., around 15.0 MPa). The history matching 

results for Scenarios #2 and #3 reveal that the mechanisms of continuous CO2 

flooding in tight cores (i.e., injectivity improvement, swelling effect, viscosity 

reduction, IFT reduction, solution gas drive, gas displacement, miscibility effect 

between crude oil and CO2, and light-components extraction) are identified and 

simulated with the numerical models.   
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(a) 

 

(b) 

 

 

Figure 3.17 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #3 
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Figure 3.18 Simulated oil production and injection pressure versus time for 

Scenario #3 
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4) Scenario #4 (CO2-WAG flooding, WAG ratio=1.0, water slug size=CO2 

slug size=0.250 PV) 

Figures 3.19a and b show the tuned water and oil relative permeability 

curves, gas and liquid relative permeability curves, and capillary pressure curves, 

respectively, for the miscible CO2-WAG flooding process of Scenario #4.  

History matching results for Scenario #4 are shown in Figure 3.20. It can be 

seen that there exists a generally good agreement between the measured and 

simulated injection pressure except for the minor mismatch at the beginning. As for 

cumulative oil production profiles, however, difference between the experimentally 

measured and numerically simulated data is observed during 60-110 min. This may 

be resulted from the dissolution of CO2 into the synthetic water, leading to low 

displacement efficiency during water injection period, and thus a lower recovery 

compared to the CO2 injection period. Compared to continuous CO2 flooding, the 

higher simulated recovery is obtained from CO2-WAG flooding process. This means 

that, besides the EOR mechanisms maintained in continuous CO2 flooding process, 

the special mechanism of sweep efficiency improvement is successfully simulated in 

the CO2-WAG flooding process. 

5) Scenario #5 (CO2-WAG flooding, WAG ratio=1.0, water slug size=0.125 

PV, CO2 slug size=0.250 PV) 

Figures 3.21a and b show the tuned water and oil relative permeability curves, 

gas and liquid relative permeability curves and capillary pressure curves for Scenario 

#5, respectively. As can be seen from Figure 3.21b, the simulation results are very  
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(a) 

 

(b) 

 

 

Figure 3.19 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #4 
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Figure 3.20 Simulated oil production and injection pressure versus time for 

Scenario #4 
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(a) 

 

(b) 

 

Figure 3.21 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #5 
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sensitive to the gas phase relative permeability curve when gas saturation is smaller 

than 0.4, while the liquid phase relative permeability curve plays a key role on the 

simulated oil production and injection pressure as gas saturation is higher than 0.5.  

The history matching results are presented in Figure 3.22, where the 

experimental measurements are well matched by performing numerical simulation 

except for the difference observed in cumulative oil production profiles between 80-

130 min. Besides the reason outlined in Scenario #4, such a mismatch might also be 

caused by the non-uniform distribution of oil in the core sample, leading to an 

inconsistent CO2 solubility into oil, and thus low recovery efficiency during this 

period. 

6) Scenario #6 (CO2-WAG flooding, WAG ratio=0.5, water slug size=0.250 

PV, CO2 slug size=0.500 PV) 

Figures 3.23a and b show the tuned water and oil relative permeability 

curves, gas and liquid relative permeability curves and capillary pressure curves for 

miscible CO2-WAG process in Scenario #6.  

The history matching results for Scenario #6 are illustrated in Figure 3.24. 

The injection pressure history and cumulative oil production history are well 

matched by simulation for Scenario #6, while a minor mismatch of oil production 

profiles is observed during the range of 100-300 min. The similar phenomenon is 

also observed in previous CO2-WAG flooding processes of Scenarios #4 and #5. 
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Figure 3.22 Simulated oil production and injection pressure versus time for 

Scenario #5 
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(a) 

 

(b) 

 

Figure 3.23 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #6 
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Figure 3.24 Simulated oil production and injection pressure versus time for 

Scenario #6 
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7) Scenario #7 (Immiscible CO2 huff-n-puff) 

Figures 3.25a and b show the tuned water and oil relative permeability 

curves, gas and liquid relative permeability curves, and capillary pressure curves, 

respectively, for the immiscible CO2 huff-n-puff process of Scenario #7. It is found 

that the oil phase relative permeability tends to increase with an increase of oil 

saturation. The capillary pressure of water and oil system tends to decrease with an 

increase in water saturation, while the capillary pressure of liquid and gas system 

tends to increase as gas saturation increases. 

The history matching results are shown in Figure 3.26. It is found that there 

exists an excellent agreement between the experimental and simulated profiles with 

respect to oil production and pressure.  

8) Scenario #8 (Near-miscible CO2 huff-n-puff) 

Figures 3.27a and b depict the tuned relative permeability curves, and 

capillary pressure curves for the near-miscible CO2 huff-n-puff process (i.e., 

Scenario #8). It is found that either water phase relative permeability or gas phase 

relative permeability tends to increase with a decrease of oil saturation. Also, the 

simulated results are more sensitive to gas and liquid relative permeability curves, 

compared to water and oil relative permeability curves.  

Figure 3.28 presents the history matching results of the measured pressure 

and cumulative oil production throughout the experiment. An excellent agreement 

between the measured and simulated results is obtained. 
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(a) 

 

 

(b) 

 

Figure 3.25 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #7 
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Figure 3.26 Simulated oil production and injection pressure versus time for 

Scenario #7 
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(b) 

 

 

 

Figure 3.27 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #8 
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Figure 3.28 Simulated oil production and injection pressure versus time for 

Scenario #8 
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9) Scenario #9 (Miscible CO2 huff-n-puff) 

The tuned water and oil relative permeability curves, gas and liquid relative 

permeability curves, and capillary pressure curves for miscible CO2 huff-n-puff 

process (i.e., Scenario #9) are shown in Figures 3.29a and b. The history matching 

results for miscible CO2 huff-n-puff process are depicted in Figure 3.30. The 

experimental pressure profile and cumulative oil production profile are well matched 

by simulation. According to the simulated results, pressure tends to decrease during 

the soaking time, while oil production appears to be high when the wells start to 

produce right after the soaking processes. This indicates the important mechanisms 

of solution and gas oil swelling drive underlying CO2 huff-n-puff process may have 

been appropriately simulated by the numerical model. 

 

3.3.3 Sensitivity analysis 

In this section, sensitivity analysis is further conducted to examine effects of 

relevant operational parameters on performance of continuous CO2 flooding, CO2-

WAG flooding and CO2 huff-n-puff process. 

1) Production pressure  

Continuous CO2 flooding: The tuned numerical model used in Scenario #2 is 

utilized to numerically examine effect of different production pressures ranging from 

5.7 to 11.7 MPa on the production performance. As can be seen from Figure 3.31a, 

the ultimate oil recovery increases with an increase in production pressure.  
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(a) 

 

(b) 

 

 

 

Figure 3.29 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for Scenario #9 
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Figure 3.30 Simulated oil production and injection pressure versus time for 

Scenario #9 
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Figure 3.31 Production profiles with different production pressures for (a) Scenario 

#2 and (b) Scenario #9 
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The high ultimate oil recovery of CO2 flooding process at both low and high 

production pressures indicates that CO2 flooding is efficient for recovering oil from 

tight formations under either near-miscible or miscible condition. 

CO2 huff-n-puff process: The tuned numerical model used in Scenario #9 is 

implemented to numerically examine the effect of production pressure on the 

recovery performance of CO2 huff-n-puff process (See Figure 3.31b). Various 

production pressures including 1.0, 4.0, 7.0, 10.0, and 13.0 MPa are applied in this 

analysis, while the number of injecting cycles is kept as six in the simulation. Oil 

recovery is found to significantly improve when production pressure decreases from 

13.0 to 1.0 MPa due to a larger differential pressure, leading to more dissolved CO2 

produced out of oil in the core sample, and hence a higher oil recovery. 

2) WAG ratios  

The tuned numerical model used in Scenario #4 is employed to numerically 

examine the effect of WAG ratios on the oil production performance and 

corresponding fluid injectivity. Five WAG ratios (i.e., 0.5, 1.0, 2.0, 4.0 and 8.0) 

together with continuous miscible CO2 flooding (WAG ratio is 0) and waterflooding  

 (WAG ratio is infinite) are applied in the simulations, while the injecting cycles are 

three for various WAG ratios (see Figure 3.32). The oil recovery is found to 

significantly enhance with an increase in the WAG ratio from 0.0 to 2.0. However, a 

further increase of WAG ratio leads to less enhancement effect on the oil recovery 

performance. When the WAG ratio increases from 4.0 to 8.0, the final oil recovery 
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(b) 

 

Figure 3.32 Sensitivity analysis for Scenario #4: (a) WAG ratio and (b) Injection 

pressures 
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even starts to decrease. As such, the optimum WAG ratio is found to fall in the range 

of 2.0 to 4.0. 

As shown in Figure 3.32b, when WAG ratio increases from 0.0 to 2.0, the 

peak of injection pressure for each scenario keeps increasing. Subsequently, a 

further increase of WAG ratio leads to a decrease of the injection pressure peak. This 

is attributed to the fact that resistance of water in the cores keeps increasing as more 

water is injected at first (Wayne et al., 1982; Torabzadeh and Handy, 1984). With 

further increase of water slug size and decrease of CO2 slug size, however, water 

saturation keeps increasing, leading to a higher liquid phase relative permeability, 

and thus a decrease of injection pressure.  

Also, it can be observed that a smaller WAG ratio usually results in a larger 

reduction of injection pressure during CO2 injection processes in each cycle. When 

the WAG ratio is further decreased to lower than 0.5, the injection pressure usually 

decreases at the beginning and then remains almost constant. This finding is aligned 

with the experimental results of Scenario #6. Accordingly, fluid injectivity of water 

injection tends to decrease with an increase of WAG ratio from 0.0 to 2.0, whereas it 

is increased with a further increase of WAG ratio from 2.0 to infinite (i.e., 

waterflooding). Fluid injectivity is more significantly improved during CO2 injection 

period of each cycle with a smaller WAG ratio, whereas it becomes difficult to be 

further improved when the WAG ratio remains very low. 
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3) Cycle times 

The tuned numerical model implemented in Scenario #4 is also applied to 

examine the influence of cycle time on recovery performance and corresponding 

fluid injectivity in miscible CO2-WAG process. As can be seen in Figures 3.33a and 

b, the WAG ratio is set to be 4.0, and simulation time is kept the same throughout 

simulation processes. It is found that, when cycle time decreases from 200 min to 16 

min, oil recovery keeps increasing. This is because that a shorter slug size of both 

water and CO2 results in less chance to breakthrough when being injected, leading to 

better recovery efficiency during the injection process of each cycle. When the cycle 

time is smaller than 33 min of 0.250 PV, the oil recovery is no longer sensitive to the 

cycle time. Thus, a cycle time of 33 min may be the optimum. 

The peak of injection pressure in each scenario appears to be higher with a 

longer cycle time due to larger resistance for water flowing at higher water 

saturation, while the minimum injection pressure in each scenario tends to be lower 

with a longer cycle time since gas phase relative permeability increases as gas 

saturation increases. This indicates that a longer cycle time results in lower fluid 

injectivity during water injection period in each cycle, leading to higher fluid 

injectivity during CO2 injection period. Similarly, it is difficult to further increase 

the fluid injectivity at the later period of CO2 injection process if CO2 injection 

period remains long enough. 
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Figure 3.33 Sensitivity analysis for Scenario #4: (a) Cycle time and (b) Injection 

pressure 



86 

4) Water slug size  

As observed in previous experimental results, the introduction of water into 

CO2 flooding process has significantly improved the oil recovery. Thus, the 

influence of various water slug sizes on the recovery performance and 

corresponding fluid injectivity in CO2-WAG flooding is examined with numerical 

models tuned in Scenario #4.  

In the simulation processes, the CO2 slug size is kept the same as that in 

Scenario #4, while the water slug size increases from 0.125 PV to 1.000 PV, and three 

cycles are conducted. As shown in Figures 3.34a and b, though oil recovery tends to 

increase with water slug size, the enhancement effect of recovery remains minor when 

water slug size larger 0.250 PV. This means that it is difficult to further improve the 

sweep efficiency with water slug size longer than 0.250 PV. On the other hand, when 

water slug size is smaller than 0.250 PV, an increase in water slug size leads to an 

increase in both maximum and minimum injection pressure for each scenario due to 

the increase of resistance between water and rock at a higher water saturation.  

If water slug size is larger than 0.250 PV, the maximum injection pressure is 

almost the same for each scenario with various water slug sizes, while reduction of 

injection pressure by CO2 flooding in each cycle is almost the same for each scenario. 

This indicates that the water saturation in core samples is nearly unchanged as water 

slug size is larger than 0.250 PV, resulting in a nearly constant liquid phase relative 

permeability together with a constant injection pressure. Therefore, the amount of 

CO2 injected dominates the degree of fluid injectivity improvement in CO2-WAG  
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(a) 

 

(b) 

Figure 3.34  Sensitivity analysis for Scenario #4: (a) Water slug size and (b) 

Injection pressure 
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processes, provided that a long water slug size is initiated. Otherwise, fluid 

injectivity may be improved with a decrease in water slug size if it remains smaller 

than a certain value. 

 

5) Injection pressure  

The tuned numerical model in Scenario #9 is utilized to examine the effect of 

injection pressure on recovery performance of CO2 huff-n-puff process. The 

injection pressure ranges from 5.0 to 25.0 MPa. As can be seen from Figure 3.35, 

six cycles are performed during the simulation. As for the first five cycles, 

cumulative oil production increases with injection pressure. However, the 

enhancement effect of oil recovery becomes less significant when the injection 

pressure is higher than 9.0 MPa. This is attributed to the fact that it is difficult for the 

recovery performance of CO2 injection to be significantly improved when the 

injection pressure is higher than the MMP between crude oil and CO2.  

Six sets of simulation in this study results in very similar ultimate recovery 

factor under various injection pressures. This means that CO2 huff-n-puff process in 

tight oil formations usually results in similar recovery factors under both miscible 

and immiscible conditions, provided that the huff-n-puff process lasts long enough 

(Zhang et al., 2006). 
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Figure 3.35 Production profiles with different injection pressure for Scenario #9 
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6) Soaking time  

The displacement model from Scenario #9 is applied to examine effect of 

soaking time on recovery performance during CO2 huff-n-puff process. The 

simulation results are illustrated in Figure 3.36. The injection pressure is set to be 

14.0 MPa throughout the simulation, while the soaking time changes from 3 to 9 h. 

It is found that the oil recovery is enhanced when soaking time increases from 3 to 6 

h, while the ultimate recovery factor keeps nearly constant with a further increase of 

soaking time from 6 to 9 h. This means that the injected CO2 has fully dissolved into 

crude oil when soaking time is longer than 6 h, then a further increase of the soaking 

time will hardly contribute to the improvement of oil recovery. 

 

3.4 Summary 

A coreflooding system has been developed and used to evaluate recovery 

performance of CO2 injection in tight oil formations. Coreflooding experiments with 

various injection-production strategies are performed. It is found that CO2 injection 

maintains superior recovery efficiency compared to waterflooding. The CO2-WAG 

flooding is found to have advantages of higher sweeping efficiency and lower CO2 

consumption compared to continuous CO2 flooding. Although recovery factor of 

CO2 huff-n-puff processes prove to be lower than that of CO2 flooding, the oil 

recovery will be improved with a higher injection pressure, provided that it is lower 

than the corresponding MMP. 
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Figure 3.36 Production profiles with different soaking times for Scenario #9 
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Numerical simulations are performed to history match the experimental 

measurements. There exists a good agreement between numerical and experimental 

results, demonstrating that numerical simulation have captured the general 

mechanisms of waterflooding and CO2 EOR in tight oil formations. Effects of 

production pressure, WAG ratio, slug size, cycle time, injection pressure, and 

soaking time on recovery performance have been examined, while these operational 

parameters can be optimized so as to maximize the ultimate oil recovery while 

improving fluid injectivity in tight oil formations. The injection pressure, WAG ratio 

and production pressure prove to be dominant on oil recovery during the CO2 

injection processes. 
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CHAPTER 4 PERFORMANCE EVALUATION OF 

FIELD-SCALE CO2 INJECTION 

Comprehensive field-scale reservoir simulation is conducted in this chapter to 

evaluate performance of various CO2 injection strategies in a targeted tight oil 

formation. With the analyzed fluid properties and findings from the laboratory 

experiments, a reservoir geological model is developed with the field data collected 

from the Bakken formation located in Saskatchewan, Canada. Once history match is 

completed, the tuned reservoir geological model is utilized to evaluate performance 

of various CO2 injection strategies, while sensitivity analysis is conducted to 

examine effects of operational parameters on oil recovery from the tight oil 

formation. 

 

4.1 Field Background 

The targeted reservoir is the Bakken formation located in the south 

Saskatchewan, Canada. The selected region is shown in Figure 4.1, covering an area 

of 4.0 × 2.8 km with a payzone thickness ranging from 6-14 m. The formation matrix 

permeability ranges from 0.05-0.70 mD, while the porosity ranges from 5-10%. The 

initial water saturation ranges from 15-20%, while initial oil saturation ranges from 

80-85%. The initial reservoir pressure and temperature are 27.7 MPa and 63ºC,  
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Figure 4.1 Location map of an oilfield selected in the Bakken formation 
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respectively. Density and viscosity of crude oil are measured to be 801.2 kg/m3 and 

2.17 cP at 20ºC and atmospheric pressure, respectively, while compositional analysis 

results of the oil are tabulated in Table 3.2. 

There are 11 horizontal wells in the selected region, all of which have been 

massively fractured. According to the field data, the width of the facture in the 

Bakken formation is measured to be 0.03 m with the fracture permeability of 4850 

mD, while the half length of the fracture is 100 m with an interval between fractures 

of 100 m.  

The selected field started to produce from July 2010 at its primary recovery 

stage. The oil production, water production and gas production of each well are 

shown in Figures 4.2a-c, while the details can be found in Appendix. By November 

2012, only 1.48% of OOIP is recovered from this field during the primary recovery 

stage. 

 

4.2 Reservoir Geological Model 

A reservoir geological model is created by using the CMG GEM module 

according to the geological data collected from the oilfield. The CMG Winprop 

module (version 2009, Computer Modelling Group Ltd.) is used to prepare the fluid 

properties for the GEM simulator (version 2009, Computer Modelling Group Ltd.). 

The fluid properties used in the reservoir geological model are the same as those of 

Chapter 3 (see Tables 3.1-3.2). 
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(b) 

 
(c) 

 

Figure 4.2 (a) Cumulative oil production, (b) Cumulative water production, and (c) 

Cumulative gas production of each well in the selected region 
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The 3D view of the model is shown in Figure 4.3, where 11 horizontal wells 

are placed with massive fractures whose properties are the same as that described in 

the previous section. The reservoir geological model is divided into 5 layers, each of 

which has a slightly different distribution of initial oil saturation (see Figures 4.4a-

e). 

 

4.3 Simulation Procedure 

According to field production history (i.e., water production, oil production 

and gas production), average reservoir pressure is consequently estimated from July 

2010 to October 2012 by using the material balance principles, which are detailed as 

follows (Economides et al., 1993): 

,

                                                               [4-1] 

where  is the cumulative oil production;    is formation volume factor for oil;  

is cumulative producing gas-oil ratio;  is the solution gas-oil ratio;  is 

formation volume factor for gas;  is cumulative water production;  is 

formation volume factor for water;  is original oil in place;  is initial gas cap 

size;  is cumulative water injected;  is cumulative aquifer influx; and  is 

cumulative gas injected.  

 is associated with oil and solution gas expansion: 

              [4-2] 
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Figure 4.3 Schematic diagram of 3D view of the reservoir geological model 
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(a)                                (b) 

 
             (c)                                (d)    

 

(e) 
 
 
 
 
 
 
 
 
 
 
 

Figure 4.4 Distribution of initial oil saturation for (a) Layer #1, (b) Layer #2, (c) 

Layer #3, (d) Layer #4, and (e) Layer #5 
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 is gas cap expansion term: 

1                        [4-3] 

,  is the rock and water compression/expansion term: 

 

, 1 ∆               [4-4] 

where  represents pore compressibility;  represents water compressibility; and 

 represents water saturation. 

 With oil production rate for each well as the input constraints, relative 

permeability curves and capillary pressure curves are subsequently tuned to history 

match the average reservoir pressure profile obtained from the reservoir pressure 

decline analysis. With the tuned reservoir geological model, recovery performance 

of waterflooding, continuous CO2 flooding, miscible CO2-WAG flooding, and CO2 

huff-n-puff processes is evaluated. Sensitivity analysis is further performed on the 

operational parameters including production pressure, WAG ratio, slug size, 

injection pressure, and soaking time during CO2 injection processes.  

 

4.4 Result and Discussion 

4.4.1 Reservoir pressure estimation 

According to the material balance principles (see Equations 4-1 to 4-4), 

calculated reservoir pressure as a function of time for the primary recovery process 

is shown in Figure 4.5. The reservoir pressure decreases slightly for the first 6 
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Figure 4.5 Calculated reservoir pressure versus time 
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months due to only two wells under production. As more wells start producing, 

pressure decline becomes more significant, though the trend of pressure decrease 

becomes gentle again at the later time period. This is due to a decrease in oil 

production, resulting in a minor pressure decline in the reservoir. 

 

4.4.2 History matching 

With actual oil production for each well as the input constraints, relative 

permeability curves and capillary pressure curves are tuned to history match the 

average reservoir pressure profile obtained from previous pressure decline analysis. 

Figures 4.6a and b show the tuned water and oil relative permeability curves, gas 

and liquid relative permeability curves and capillary pressure curves, respectively. It 

is found that the relative permeability curves and capillary pressure curves have 

similar trends as the coreflooding results of Chapter 3, indicating that the reservoir 

model in this study has similar geological properties as the core samples used in 

previous experiments.  

Figure 4.7 presents the history matching results for primary recovery process, 

where the average reservoir pressure calculated from the decline analysis is well 

matched by simulation. The distributions of residual oil, water, and gas saturation in 

each layer after primary recovery are shown in Figure 4.8, Figure 4.9, and Figure 

4.10, respectively. Compared to the initial condition, change of residual oil saturation 

is minor due to only 1.48% of OOIP recovered by November 2012, while  
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(a) 
 

  
(b) 

 

 
 

Figure 4.6 Relative permeability for (a) Water-oil system and its capillary pressure 

and (b) Gas-liquid system and its capillary pressure for the field-scale reservoir 

simulation 
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Figure 4.7 Simulated reservoir pressure and its calculated value from material 

balance versus time 
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Figure 4.8 Distribution of residual oil saturation after primary recovery process for 

(a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

 

(a) (b) 

(c) (d) 

(e) 
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Figure 4.9 Distribution of residual water saturation after primary recovery process 

for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

 

(a) (b) 

(c) (d) 

(e) 
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Figure 4.10 Distribution of residual gas saturation after primary recovery process 

for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

 

(a) (b) 

(c) (d) 

(e) 
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a minor difference is also observed for the residual gas saturation in each layer. This 

is attributed to the fact that the average reservoir pressure is 14.5 MPa, which is 

higher than the bubble-point pressure. 

 

4.4.3 Sensitivity analysis 

1) Well pattern  

With the tuned reservoir model, recovery performance of waterflooding is 

evaluated for 20 years with various well patterns. As shown in Figures 4.11a-c, 

three well patterns (i.e., Patterns #1, #2, and #3) are evaluated, where the injection 

wells are highlighted. Simulation is performed with constant water injection rate of 

35 m3/d for each injector, while oil is produced under a constant production pressure 

of 11.5 MPa. According to field operation practice, a production well will be 

terminated once the oil rate is lower than 0.5 m3/d (Pinto Oilfield, 2012). Recovery 

performance of various well patterns is shown in Figure 4.12. Ultimate oil recovery 

of Patterns #1, #2, and #3 is estimated to be 11.4%, 8.3% and 12.7% of OOIP, 

respectively. It is found that Pattern #3 results in the highest oil recovery compared 

to Patterns #1 and #2. As such, Pattern #3 is thereafter to be applied for performance 

evaluation in the following continuous CO2 flooding and CO2-WAG flooding.  

The residual oil, water, and residual gas saturations in each layer of Pattern #3 

are distributed as shown in Figure 4.13, Figure 4.14, and Figure 4.15, respectively. 

Oil recovery is found to be favourable in the region with high permeability. The  
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(a) 

 

(b) 

 

(c) 

 

 

 

Figure 4.11 Schematic diagram of (a) Pattern #1, (b) Pattern #2, and (c) Pattern #3 

for waterflooding processes (Injector: Orange color; Producer: Black color) 
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Figure 4.12 Simulated oil recovery versus time for different well patterns of 

waterflooding processes 
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Figure 4.13 Distribution of residual oil saturation in waterflooding processes for (a) 

Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer 5 

(a) (b) 

(c) (d) 

(e) 
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Figure 4.14 Distribution of residual water saturation in waterflooding processes for 

(a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer 5 

(a) (b) 

(c) (d) 

(e) 
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Figure 4.15 Distribution of residual gas saturation in waterflooding processes for (a) 

Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer 5 

(c) (d) 

(e) 

(a) (b) 
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residual oil saturation of the upper layers is higher compared to that of lower layers. 

This is because all the horizontal wells are drilled in the bottom layers. As for the 

gas saturation, a minor difference is observed in each layer. This is attributed to the 

fact that the average reservoir pressure of waterflooding is still higher than the 

bubble-point pressure, resulting in little free gas formed in the reservoir. 

2) Production pressure  

The tuned reservoir model is utilized to numerically examine effect of 

different bottomhole pressures (BP) of the producers ranging from 6.5 MPa to 11.5 

MPa on oil recovery of continuous CO2 flooding. As can be seen in Figure 4.16, 

when the production pressure is lower than 9.5 MPa, ultimate oil recovery keeps 

increasing with an increase in BP of producers. However, the BP of the injectors 

exceeds the MMP of 9.7 MPa when the BP of producers is higher than 9.5 MPa. As 

such, ultimate oil recovery becomes no longer sensitive to the increase of the BP for 

the producers so that the optimum BP for the producers in continuous CO2 flooding 

process is usually considered to be around MMP between the crude oil and CO2 

(Dong et al., 2001). This finding is consistent with that obtained from the previous 

coreflooding experiments.  

The recovery factor at production pressure of 9.5 MPa is calculated to be 12.0% 

of OOIP, which is nearly the same as that of waterflooding. This is attributed to the 

low sweep efficiency and early breakthrough during CO2 flooding process. The 

corresponding distributions of residual oil, water, and gas saturation in each layer are 

illustrated in Figure 4.17, Figure 4.18, and Figure 4.19, respectively. Although the  
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Figure 4.16 Oil recovery of continuous CO2 flooding with different production 

pressures 
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Figure 4.17 Distribution of residual oil saturation in continuous CO2 flooding 

processes for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer 

#5 

(c) (d)

(e)

(a) (b)
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Figure 4.18 Distribution of residual water saturation in continuous CO2 flooding 

processes for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer 

#5 

 

(a) (b)

(c) (d)

(e)
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Figure 4.19 Distribution of residual gas saturation in continuous CO2 flooding 

processes for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer 

#5 

 

(a) (b)

(c) (d)

(e)
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area swept by continuous CO2 flooding is smaller compared to that of 

waterflooding, the recovery efficiency remains higher in the region where CO2 is 

able to sweep, leading to a lower residual oil saturation. However, the residual gas 

saturation of each layer is generally low, except for the region around wells. This is 

because the gas tends to break through shortly after CO2 is injected, leading to both 

low sweep efficiency and low residual gas saturation. 

3) WAG ratio  

The tuned reservoir geological model same as the one for continuous CO2 

flooding is implemented to examine the effect of WAG ratios on oil recovery during 

miscible CO2-WAG flooding processes. Either water or CO2 is injected with a 

constant rate, while oil is produced under a constant BP of 10.5 MPa. To allow 

pragmatic field implementation, a cycle time of 6 months is applied for each 

scenario (Chen et al., 2010). As can be seen from Figure 4.20, an increase in water 

slug size contributes to improving sweep efficiency, though the enhancement of oil 

recovery is not significant when WAG ratio is increased from 0.5 to 2.0. This means 

that it is difficult to further increase the sweep efficiency under the above conditions 

due mainly to early gas and water breakthrough and nearly constant water saturation 

in the formation rock. Thus, the optimum WAG ratio of field production can be set 

to be 2.0 with an oil recovery up to 14.2% of OOIP.  

4) Cycle time  

The tuned reservoir model is further implemented to examine the effect of  
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Figure 4.20 Oil recovery profiles with different WAG ratios for miscible CO2-WAG 

flooding processes 
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cycle time on oil recovery in a miscible CO2-WAG process. The WAG ratio is set to 

be 2.0. The cycle time changes from 6 to 12 months. The simulation results are 

presented in Figure 4.21. It is found that a shorter cycle time usually results in a 

higher oil recovery. This is because a shorter cycle time results in a shorter slug size 

for both water and CO2 so that there exists less chance to induce an early 

breakthrough, and hence a higher recovery efficiency. The ultimate oil recovery of 

CO2-WAG flooding process is found to be 14.2%, 14.0%, and 13.9% of OOIP at the 

cycle time of 6, 9, and 12 months, respectively. Obviously, the cycle time of 6 

months together with a WAG ratio of 2.0 is considered to be optimum for the CO2-

WAG flooding process. 

The distributions of residual oil, water, and gas saturation in each layer under 

the optimum condition are depicted in Figure 4.22, Figure 4.23, and Figure 4.24, 

respectively. Compared to the previous continuous CO2 flooding, the swept area is 

improved due to the introduction of water, indicating a higher sweep efficiency, and 

thus a lower residual oil saturation of each layer. 

5) Soaking time  

In this study, the tuned numerical model is further applied to evaluate the 

recovery performance of miscible CO2 huff-n-puff processes under various soaking 

times ranging from 6-15 days. The BP for the injectors and producers are set to be 

18.0 MPa and 9.5 MPa, respectively. For each well, CO2 is continuously injected for 1 

month at first. Then the well is shut in to soak for 6, 10 and 15 days, respectively. 

Finally, oil is produced for another 6 months under constant pressure of 9.5 MPa. A  
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Figure 4.21 Oil recovery profiles with different cycle time for miscible CO2-WAG 

flooding processes 
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Figure 4.22 Distribution of residual oil saturation in CO2-WAG flooding processes 

for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

(c) (d) 

(e) 

(a) (b) 
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Figure 4.23 Distribution of residual water saturation in CO2-WAG flooding 

processes for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer 

#5 

 

(a) (b) 

(c) (d) 

(e) 
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Figure 4.24 Distribution of residual gas saturation in CO2-WAG flooding processes 

for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

(a) (b) 

(c) (d) 

(e) 
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total of 10 cycles are performed in each scenario.  

The simulated recovery performance is shown in Figure 4.25, where oil 

recovery is enhanced by a longer soaking time. This is attributed to the fact that 

more CO2 is dissolved into crude oil if the soaking time remains longer. Similar 

findings are also documented in the literature (Haskin and Alston, 1989). The 

recovery factor with a soaking time of 15 days is found to be 15.9%, which is 0.2% 

higher than that of 10 days of soaking time, and 0.4% higher than that of 6 days of 

soaking time, while a longer soaking time usually results in more benefits loss 

during a limited period of time. In this way, the optimum soaking time of CO2 huff-

n-puff process needs to balance the oil production and the field economic benefits. 

6) Injection pressure  

Sensitivity analysis of injection pressure is subsequently conducted for 

miscible CO2 huff-n-puff process with the tuned reservoir model. As for each well, 

CO2 is injected for the first 1 month. Then, the well is shut in to soak for 15 days. 

Finally, oil is produced for 6 months with a constant pressure of 9.5 MPa as the 

constraint. The BP for the injectors changes from 15.0 MPa to 21.0 MPa. There are 8 

wells in the reservoir used for CO2 injection and oil production, while the CO2 

injection, soaking and oil production are repeated for 10 cycles.  

As can be seen in Figure 4.26, the ultimate oil recovery factors under injection 

pressure of 15.0 MPa, 18.0 MPa and 21.0 MPa are found to be 12.9%, 15.9% and 18.2% 

of OOIP, respectively. A higher injection pressure results in a better oil 
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Figure 4.25 Oil recovery profiles with different soaking times for miscible CO2 

huff-n-puff processes 
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Figure 4.26 Oil recovery profiles with different injection pressures for CO2 huff-n-

puff processes 
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recovery due to more CO2 injected and a higher pressure drop during production. In 

general, a higher injection pressure usually requires a larger capacity of surface 

compressors. In this way, the optimum injection pressure of CO2 huff-n-puff process 

needs to balance the oil recovery and the capital investment.  

The distributions of residual oil, water, and gas saturation for each layer at 

injection pressure of 18.0 MPa and 15 days of soaking time are presented in Figure  

4.27, Figure 4.28, and Figure 4.29, respectively. Although the CO2 huff-n-puff 

process is only able to affect a limited region around each well, the residual oil 

saturation is still found to be low. This is because more wells are included in oil 

production processes compared to previous CO2 flooding, resulting in a larger area 

affected by CO2 injection, and hence a higher recovery factor of CO2 huff-n-puff 

process. 

 

4.5 Summary 

A reservoir geological model with massively fractured horizontal wells is 

developed and used to evaluate the recovery performance of CO2 injection in tight 

oil formations. The reservoir pressure history obtained from material balance for the 

primary recovery process is well matched by simulation. With the tuned reservoir 

geological model, recovery performance and residual oil distribution by various 

recovery schemes (i.e., waterflooding, continuous CO2 flooding, CO2-WAG 

flooding, and CO2 huff-n-puff process) have been evaluated.  
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Figure 4.27 Distribution of residual oil saturation in CO2 huff-n-puff processes for 

(a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

(a) (b) 

(c) (d) 

(e) 
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Figure 4.28 Distribution of residual water saturation in CO2 huff-n-puff processes 

for (a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

(a) (b) 

(c) (d) 

(e) 
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Figure 4.29 Distribution of residual gas saturation in CO2 huff-n-puff processes for 

(a) Layer #1, (b) Layer #2, (c) Layer #3, (d) Layer #4, and (e) Layer #5 

(a) (b) 

(c) (d) 

(e) 
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Miscible CO2-WAG flooding is found to have a larger sweep area and higher 

oil recovery efficiency compared to other CO2 flooding schemes, while CO2 huff-n-

puff is able to obtain favourable recovery performance, provided that enough wells 

in the field are put into production. The sensitivity of operational parameters (i.e., 

well pattern, production pressure, WAG ratio, cycle time, soaking time, and injection 

pressure) on recovery performance has been analyzed. Oil recovery in the tight oil 

reservoir is found to be improved by optimizing these parameters, while the 

production pressure and injection pressure is proved to be dominant on oil recovery. 
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CHAPTER 5  CONCLUSIONS AND RECOMMENDATIONS 

5.1 Conclusions 

In this thesis, comprehensive studies have been conducted on development of 

CO2 EOR techniques for unlocking resources from tight oil formations. 

Experimentally, nine coreflooding tests are performed to evaluate recovery 

performance of different injection-production strategies with tight core samples. 

Numerically, simulation techniques have been developed to history match the 

experimental measurements, while sensitivity analysis is conducted with the tuned 

numerical model in order to maximize the recovery from tight oil formations. 

Subsequently, comprehensive field-scale simulation is initiated to evaluate the 

reservoir performance under various CO2 injection strategies in a tight oil formation. 

The major conclusions of this thesis study can be summarized as follows: 

1) CO2 injection is experimentally found to achieve superior recovery 

efficiency compared to that of waterflooding. The CO2-WAG flooding is 

considered to have advantages of higher sweep efficiency and lower CO2 

consumption than the continuous CO2 flooding. Although recovery factor 

of CO2 huff-n-puff processes proves to be lower than that of CO2 

flooding, its oil recovery will be improved with a higher injection 

pressure, provided that it is lower than the corresponding MMP. 

2) There exists a good agreement between the experimentally measured and 

numerically simulated oil production and pressure, indicating that the 
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underlying mechanisms governing CO2 injection processes in tight oil 

formations have been well simulated and incorporated. 

3) During continuous CO2 flooding processes, the high ultimate oil recovery 

is obtained at both low and high production pressures, indicating that CO2 

flooding is efficient for recovering oil from tight formations under either 

near-miscible or miscible condition. 

4) As for CO2-WAG processes, the oil recovery is significantly enhanced 

with an increase in the WAG ratio from 0.0 to 2.0. However, a further 

increase of WAG ratio leads to a minor increase in oil recovery. When the 

WAG ratio increases from 4.0 to 8.0, the ultimate oil recovery even starts 

to decrease. As such, the optimum WAG ratio is found to fall in the range 

of 2.0 to 4.0 in this study. 

5) Either a smaller cycle time or a longer water slug size of CO2-WAG 

flooding is found to result in higher oil recovery, while the enhancement 

effect becomes minor when the cycle time is smaller than a certain value, 

or the water slug size remains longer than a certain value. For a 

coreflooding experiment, the optimum cycle time and water slug size are 

numerically determined to be 33 min and 0.250 PV, respectively. 

6) During CO2 huff-n-puff processes, a higher injection pressure is found to 

result in a higher recovery factor. However, the enhancement effect of oil 

recovery becomes less significant when the injection pressure is higher 
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than 9.7 MPa of MMP between the crude oil and CO2. The oil recovery is 

improved when the soaking time increases from 3 to 6 h, while a further 

increase of the soaking time will hardly contribute to the improvement of 

oil recovery due to the fact that no more CO2 is able to be dissolved into 

the crude oil. 

7) As for field-scale simulation, miscible CO2-WAG flooding is found to 

have a larger sweep area and higher oil recovery efficiency compared to 

other CO2 flooding schemes, while the CO2 huff-n-puff process is able to 

obtain favourable recovery performance, provided that enough wells in 

the field are put into production. Oil recovery in the tight oil reservoir is 

able to be improved by optimizing the operational parameters during CO2 

injection processes, while the operational parameters of production and 

injection pressure are proved to be dominant on oil recovery in tight oil 

formations. 

 

5.2 Recommendations 

Based on the thesis study, the following recommendations for future research 

are made: 

1) Due to the low permeability and low porosity in tight oil formations, 

massive fractures along the horizontal wells have been initiated to 

improve both injectivity and productivity. The existence of fractures in 
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tight formations may lead to different flow behaviour, and thus a different 

recovery performance. Effective coreflooding experiments with 

consideration of hydraulic fractures should be designed and implemented 

to evaluate recovery performance of CO2 injection in the fractured tight 

oil formations. 

2) Various CO2 injection strategies, i.e., continuous CO2 flooding, CO2-

WAG flooding, and CO2 huff-n-puff, shall work together in a sequential 

order during one coreflooding experiment, instead of using only one 

strategy for the whole experiment. The underlying mechanisms of such 

development methods should be consequently identified, while the 

optimum working situation should be determined. 

3) Due to the inherent nature of low permeability and low porosity of tight 

formations, asphaltene precipitation may significantly affect reservoir 

performance during CO2 injection. Both the onset of asphaltene 

precipitation together with its effect on oil recovery should be determined. 

4) Sensitivity analysis should be performed in the field-scale simulation to 

examine effects of fracture spacing and geometry on oil recovery, and 

thus optimize the fracture design for maximizing oil production. 
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APPENDIX: DETAILED OIL, WATER, AND GAS 

PRODUCTION OF EACH WELL FOR THE TRAGETED 

OIFIELD 

 

1) Well #1: 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 0.0 0.0 0.0
2011-3 0.0 0.0 0.0
2011-4 0.0 0.0 0.0
2011-5 0.0 0.0 0.0
2011-6 7.6 0.0 0.0

2011-7 4.0 2.1 0.0

2011-8 5.1 0.9 0.9

2011-9 1.4 0.3 1.7

2011-10 1.4 0.3 1.2

2011-11 1.7 1.0 0.1

2011-12 1.5 0.2 0.2

2012-1 0.9 0.1 0.3

2012-2 0.8 0.1 0.2

2012-3 0.7 0.1 0.2

2012-4 0.6 0.1 0.3

2012-5 0.5 0.1 0.3

2012-6 0.6 0.1 0.3

2012-7 0.6 0.1 0.3

2012-8 0.5 0.1 0.3

2012-9 0.3 0.1 0.4

2012-10 0.0 0.0 0.0
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2) Well #2 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 0.0 0.0 0.0
2011-3 0.0 0.0 0.0
2011-4 10.0 1.5 0.0

2011-5 10.6 0.6 2.1

2011-6 11.9 0.7 3.6

2011-7 9.8 0.6 2.7

2011-8 2.4 0.7 0.3

2011-9 2.6 0.2 0.2

2011-10 1.8 0.1 0.1

2011-11 1.7 0.1 0.1

2011-12 0.0 0.0 0.0

2012-1 3.6 0.3 0.1

2012-2 4.4 0.4 0.2

2012-3 3.2 0.3 0.3

2012-4 2.4 0.3 0.3

2012-5 1.9 0.2 0.4

2012-6 1.3 0.2 0.7

2012-7 0.7 0.1 1.1

2012-8 0.6 0.1 0.2

2012-9 0.6 0.2 0.3

2012-10 1.3 0.2 0.4

 

 

 

 



152 

3) Well #3 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 5.8 0.5 0.7

2011-3 33.1 1.5 0.5

2011-4 10.1 0.3 0.5

2011-5 7.6 0.2 0.3

2011-6 6.0 0.2 0.3

2011-7 5.1 0.2 0.5

2011-8 4.5 0.2 0.5

2011-9 4.4 0.2 0.6

2011-10 3.0 0.2 0.1

2011-11 2.8 0.2 0.1

2011-12 2.8 0.1 0.1

2012-1 2.5 0.1 0.1

2012-2 2.0 0.1 0.1

2012-3 2.1 0.1 0.2

2012-4 2.6 0.1 0.4

2012-5 2.5 0.1 0.2

2012-6 1.8 0.1 0.2

2012-7 1.7 0.1 0.2

2012-8 1.6 0.1 0.2

2012-9 1.5 0.1 0.3

2012-10 1.1 0.1 0.2
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4) Well #4 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 0.0 0.0 0.0
2011-3 0.0 0.0 0.0
2011-4 0.0 0.0 0.0
2011-5 22.6 2.1 1.2

2011-6 11.8 1.4 0.9

2011-7 17.8 2.2 1.8

2011-8 5.9 0.8 0.6

2011-9 5.0 0.6 0.3

2011-10 1.1 0.1 0.1

2011-11 3.8 0.6 0.4

2011-12 5.0 0.4 0.5

2012-1 4.0 0.4 0.4

2012-2 1.6 0.1 0.4

2012-3 2.1 0.1 0.6

2012-4 1.2 0.1 0.3

2012-5 3.0 0.3 0.3

2012-6 2.3 0.3 0.4

2012-7 2.0 0.3 0.5

2012-8 0.9 0.2 0.2

2012-9 1.0 0.2 0.3

2012-10 0.8 0.1 0.1
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5) Well #5 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0

2010-9 0.0 0.0 0.0
2010-10 0.0 0.0 0.0
2010-11 12.1 1.3 0.0

2010-12 48.2 1.9 0.1

2011-1 22.4 0.6 0.5

2011-2 37.3 1.2 0.5

2011-3 33.8 1.2 0.5

2011-4 15.8 0.5 0.6

2011-5 18.0 0.7 0.6

2011-6 9.9 0.6 0.9

2011-7 8.5 0.5 0.8

2011-8 8.8 0.7 0.6

2011-9 7.4 0.7 0.6

2011-10 7.1 0.6 0.6

2011-11 6.2 0.8 0.9

2011-12 6.3 0.8 1.1

2012-1 6.4 0.5 0.8

2012-2 5.8 0.6 1.0

2012-3 7.4 0.5 1.4

2012-4 4.7 0.4 1.2

2012-5 9.5 0.7 1.3

2012-6 9.2 0.6 1.6

2012-7 6.4 0.4 0.5

2012-8 6.8 0.6 0.0

2012-9 8.2 0.7 0.1

2012-10 5.8 0.4 0.5
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6) Well #6 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 0.0 0.0 0.0
2011-3 0.0 0.0 0.0
2011-4 0.0 0.0 0.0
2011-5 0.0 0.0 0.0
2011-6 0.4 0.1 0.0

2011-7 8.4 4.3 0.8

2011-8 1.0 0.8 0.2

2011-9 4.2 3.7 0.6

2011-10 4.1 2.0 0.2

2011-11 1.9 1.1 0.1

2011-12 2.0 1.3 0.1

2012-1 1.6 1.0 0.1

2012-2 2.0 1.2 0.2

2012-3 1.2 0.9 0.3

2012-4 1.0 0.8 0.3

2012-5 0.9 0.7 0.2

2012-6 0.8 0.6 0.3

2012-7 0.7 0.5 0.3

2012-8 0.6 0.5 0.2

2012-9 0.8 0.5 0.3

2012-10 0.8 0.5 0.2
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7) Well #7 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 59.0 1.8 0.0

2011-2 48.4 1.4 4.2

2011-3 45.0 1.5 4.9

2011-4 40.9 1.4 3.6

2011-5 28.4 0.7 1.4

2011-6 21.9 0.6 1.2

2011-7 18.7 0.6 4.1

2011-8 16.4 0.6 5.6

2011-9 14.6 0.7 5.0

2011-10 13.0 0.6 4.6

2011-11 10.7 0.3 2.3

2011-12 1.7 0.0 0.1

2012-1 6.5 0.3 1.5

2012-2 8.8 0.4 2.2

2012-3 7.4 0.4 2.6

2012-4 6.5 0.4 2.6

2012-5 4.4 0.3 2.2

2012-6 3.5 0.3 2.6

2012-7 3.4 0.3 2.5

2012-8 2.3 0.3 1.7

2012-9 2.3 0.3 0.8

2012-10 2.3 0.2 0.2
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8) Well #8 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 0.0 0.0 0.0
2011-3 0.0 0.0 0.0
2011-4 0.2 0.1 0.0

2011-5 30.0 2.6 0.0

2011-6 35.1 2.1 1.4

2011-7 37.4 1.7 3.5

2011-8 23.8 0.8 5.0

2011-9 21.5 0.8 5.0

2011-10 16.4 0.9 5.3

2011-11 15.4 0.9 5.2

2011-12 11.9 0.7 3.6

2012-1 6.1 0.4 1.4

2012-2 10.5 0.7 3.1

2012-3 9.6 0.6 3.6

2012-4 9.0 0.5 3.4

2012-5 8.6 0.4 2.8

2012-6 6.2 0.5 2.8

2012-7 5.9 0.5 3.2

2012-8 5.7 0.7 3.8

2012-9 6.1 0.6 1.2

2012-10 4.5 0.5 0.6
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9) Well #9 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 0.0 0.0 0.0
2011-3 0.0 0.0 0.0
2011-4 0.0 0.0 0.0
2011-5 0.0 0.0 0.0
2011-6 5.8 1.4 0.0

2011-7 20.6 2.9 1.8

2011-8 16.5 2.9 2.5

2011-9 12.2 1.9 2.7

2011-10 7.2 1.2 1.0

2011-11 6.9 1.3 0.9

2011-12 6.7 1.2 0.8

2012-1 3.2 0.6 0.3

2012-2 2.8 0.5 0.3

2012-3 0.9 0.3 0.3

2012-4 0.5 0.3 0.1

2012-5 5.1 1.0 0.6

2012-6 4.9 0.8 0.9

2012-7 4.5 0.7 1.0

2012-8 2.9 0.7 0.6

2012-9 2.8 0.7 0.5

2012-10 2.3 0.5 0.3
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10) Well #10 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production  
(103 Sm3/d) 

2010-7 17.9 2.5 2.5

2010-8 24.6 2.4 7.6

2010-9 12.4 1.4 2.4

2010-10 8.6 1.0 1.3

2010-11 7.6 0.8 1.2

2010-12 7.1 0.8 1.1

2011-1 6.9 1.0 1.1

2011-2 7.0 0.5 1.2

2011-3 7.3 0.6 1.2

2011-4 7.2 0.6 1.0

2011-5 5.8 0.5 0.6

2011-6 3.5 0.4 0.2

2011-7 2.1 0.1 0.1

2011-8 2.0 0.1 0.2

2011-9 2.1 0.1 0.5

2011-10 1.7 0.0 0.2

2011-11 1.9 0.1 0.1

2011-12 4.7 0.1 0.4

2012-1 2.4 0.3 0.3

2012-2 1.8 0.5 0.4

2012-3 4.5 1.4 1.2

2012-4 2.5 0.9 1.0

2012-5 1.6 0.5 0.5

2012-6 1.2 0.4 0.5

2012-7 1.5 0.5 0.6

2012-8 1.5 0.5 0.4

2012-9 2.1 0.9 0.5

2012-10 1.4 0.7 0.2
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11) Well #11 

Time Oil production 
(m3/d) 

Water production 
(m3/d) 

Gas production 
(103 Sm3/d) 

2010-7 0.0 0.0 0.0
2010-8 0.0 0.0 0.0
2010-9 0.0 0.0 0.0

2010-10 0.0 0.0 0.0
2010-11 0.0 0.0 0.0
2010-12 0.0 0.0 0.0
2011-1 0.0 0.0 0.0
2011-2 0.0 0.0 0.0
2011-3 0.0 0.0 0.0
2011-4 0.0 0.0 0.0
2011-5 0.0 0.0 0.0
2011-6 0.0 0.0 0.0
2011-7 0.0 0.0 0.0
2011-8 2.5 2.9 0.0
2011-9 3.4 4.6 0.5
2011-10 2.6 3.3 0.5
2011-11 1.7 2.0 0.2
2011-12 1.3 1.4 0.1
2012-1 2.2 0.8 0.2
2012-2 2.5 0.9 0.2
2012-3 2.3 0.9 0.2
2012-4 1.2 0.6 0.2
2012-5 1.0 0.6 0.1
2012-6 1.1 0.7 0.2
2012-7 1.0 0.8 0.2
2012-8 0.8 0.6 0.2
2012-9 0.7 0.5 0.3

2012-10 0.6 0.5 0.2
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