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Abstract
This research investigates the use of biomass co-firing to replace a portion of the coal used in coal
power plants. The objective of this application is to reduce the greenhouse gas (GHG emissions)
originating from coal-fired power plants. The study consists of two main components; a technical
model, and an economic analysis.
The technical study consists of three sub-models using two different simulators. Aspen Plus is used
to develop a model capable of simulating coal combustion. This model is then used to co-fire wood
chips with coal at three different co-firing rates; 5%, 10%, and 20% wood chips with coal. The fuel
replacement is done on a thermal basis. Direct co-firing is implemented based on technical and
economic considerations. Biomass co-firing is found to decrease the net CO2 emissions. The actual
CO2 emissions depend on the emission factors of both fuels (biomass and coal). In addition,
biomass co-firing reduced the SOx emissions. Also, as biomass co-firing increases, more fuel is
required to achieve the same power output due to the lower energy content of biomass.
The second sub-model, which takes heat input from the first, is also developed using Aspen Plus.
It is used to simulate a steam cycle, which is the part of the power plant that produces the useful
electricity. The third sub-model consists of developing a CO2 capture unit using Promax. This submodel is integrated with the previous two as it takes the heat required by the reboiler from the steam
cycle. The process integration leads to 10% efficiency loss in the reference base without biomass
co-firing, and 8.5% decrease with the best scenario, when the net CO2 emissions of 20% biomass
co-firing are targeted by the CO2 capture process. The last part of this research involves conducting
economic analysis. The analysis found that with favorable biomass prices, the cost of avoided CO2
emissions resulting from biomass co-firing can be lower than the same cost resulting from CO2
capture.
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CHAPTER 1: Introduction
This chapter contains the background on climate change caused by greenhouse gas
emissions. It also reviews the effort spent to alleviate the impacts caused by the emissions
of GHGs. The chapter then covers the use of biomass as a possible solution to reduce
GHGs. More specifically, biomass is considered as solution to reduce CO2, SOx, and NOx
emissions through co-firing biomass with coal in coal power plants. Finally, this chapter
ends by describing the research objective, the scope of this study, and the outline of this
thesis document.

1.1 Background
Existing research indicates that fossil fuels still remain a primary source for energy
consumption in the world. Similarly, researchers have attributed significant impacts of
fossil use to global climate change due to excessive GHG emissions associated with fossils
fuels especially coal which is largely considered the dirtiest energy source (Saidur et al,
2011). The current study therefore investigates the economic and environmental
implications of biomass co-firing in existing coal plants with and without carbon capture
as a solution to the growing concern on the emission of the GHG gases. In the current
study, a model is developed to simulate the process of biomass co-firing with using
different percentages of biomass as well as with or without carbon capture and evaluate the
results from both the economic and technical point of view. The research serves as a unique
framework to develop models using Aspen Plus and Promax chemical process simulation
9

programs. The uniqueness of this study stems from the scarcity of simulation models
addressing biomass co-firing in coal power plants. Most studies regarding this subject are
based on mass balance calculations. Developing a flexible model to tackle this subject can
contribute positively to this field of research. It also allows testing how several parameters
affect the overall process.

1.1.1

Impacts of Greenhouse Gas Emissions
One of the major concerns in the modern world is reducing greenhouse gas

emissions which are proven to have a significant environmental damage. Fossil fuels
contribute the bulk of total GHG emissions, contributing 80% of the total emissions. Data
from the Environmental and Climate Change Canada (2017) shows that in 2016, the
majority of emissions of GHG gases came from oil and gas sector, with 11% from
electricity generation from fossil fuels. In addition, this data also shows that the rate of
GHG emissions globally has increased by 51% between 1990 and 2012, with developing
countries contributing the majority of these emissions. According to data from the National
Academies of Sciences, Engineering and Medicine (NAS, 2011) the GHG emissions are
the primary cause of global warming, with the average earth temperatures rising steadily
since the onset of the industrial revolution. Other impacts of GHG emissions include the
melting of snow and glaciers, which have resulted in the rise of the sea levels and increased
flooding especially in the coastal areas.
In addition, the increase in precipitation and the risk of flooding are also
consequences of global warming. Other impacts include the increase in heat waves severity
and frequency, an increase in forest fires, and an increasing challenge for wild animals to
10

adopt to the increasingly warmer climates. For humans, the impacts of changing climate
and extreme weather changes include increasing deaths from heat strokes as well as
respiratory and cardiovascular problems due to rising temperature and pollution. Other
impacts on humans include changes in living patterns especially for people living in
extreme cold regions. Economically, the impacts of GHG emissions include adverse effect
on agriculture and forestry. This has largely been influenced by changes in weather patterns
experienced across all parts of the globe. Damages to the infrastructure as a result of
extreme weather patterns and rising sea levels also have an economic impact to both
governments and local populations (Environmental and climate change, Canada, 2017).
These impacts are consequences of uncontrolled GHG emissions to the atmosphere.

1.1.2

GHG Emissions Reduction Efforts
Many nations have a major obligation to protect the environment as outlined in the

Kyoto protocol (Mansour & Zuwala, 2007), and more recently, the Paris climate
agreement. According to McGlynn et al (2014), the United States and China are among the
largest energy consumers in the world, with their existing coal plants being the largest
producers of CO2 emissions. Data from NAS (2011) shows that China is the world leader
in terms of GHG emissions, accounting for a quarter of the world’s total emissions,
followed by the United States, which emits 16% of the total world’s GHG emissions.
As already mentioned, fossil fuels contribute to bulk of the total GHG emissions,
accounting for 80% of the world’s total. Coal, natural gas and oil are the major fossil fuels,
and the main producers of global energy. According to Harris & Roach (2016) oil
contributes 31% of the global energy consumption followed by coal at 29% and natural gas
11

at 21%. Therefore, other sources of energy have a much less significant contribution
despite their less detrimental effect to the environment. Harris & Roach (2016) also
indicate that nuclear energy accounts for only 5% of the total global energy consumption
with clean energy sources of biofuels, hydro power and other renewable energy sources
accounting for a combined 14% of the total global energy consumption.
Therefore, despite its existence as a significant source of power in the last century,
and providing nearly half of the power consumption of the industrialized countries in the
world, coal is one of the largest pollutants, and consequently, a significant risk to both the
environment and human health (Force, 2001). This has prompted a significant interest in
the sustainable energy technologies which are more efficient and cause less harm to the
environment, therefore leaving renewable energy sources as an effective substitute due to
their sustainability and less environmental damage (Dobrev, 2007).
New research activities have been channeled to develop new and efficient models
that reduce the current GHG emissions rates with the fossil fuels without compromising on
the rising demand for cheap and affordable power such as co-firing biomass with coal.

1.1.3

Biomass and Coal Co-Firing
The need to protect the environment has led to an increased interest in renewable

energy as an alternative to replace fossil based fuels. Biomass is a form of renewable energy
fuels which provides a viable alternative to meet the demand for clean energy while
reducing the GHG damage to the environment. Several environmental agreements aiming
at reducing the environmental damage from the GHG emissions have already been
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implemented such as the latest Paris agreement in 2015. According to article 2 in the
agreement, all member participating countries have committed towards lowering GHG
emissions to reduce the global temperature rise to less than 200C above the pre-industrial
levels. To achieve this objective, the agreement emphasizes the significance of promoting
the use of green energy such as the renewable energy sources, and relevant technologies
such as carbon capture, which reduce the amount of CO2 emissions to the environment
(UNFCCC, 2015).
Biomass Potential
Experts agree that one of the viable options which can be explored to reduce the
GHG emissions is the use of renewable sources such as biomass (McKendry, 2002).
Biomass is any organic based material coming from the remains of plants or animals. When
it comes to power generation, plant-based remains are usually used. The use of biomass,
which has essentially been used since the beginning of civilization, can be a viable option
to reduce the dependence on fossil fuels. McKendry notes that the choice of process
required to convert biomass into energy depends on several factors that include the type of
biomass, quantity or availability, environmental impact and specifications of the project.
However, the major debates remain on cost, and its effectiveness both in short and long
terms considering the rapidly growing energy demand, and how biomass compares to other
sources of energy such as nuclear power. Biomass utilization is expected to rise even
further in the coming decades. Sriram, & Shahidehpour (2005) note that biomass is
abundant, environmentally friendly and carbon neutral, i.e. does not add any CO2 to the
environment. Biomass is considered carbon neutral, because the amount of carbon released
during combustion is absorbed during the growth process.
13

According to Spliethoff, & Hein (1998), CO2 emissions can be reduced by as high
as 93% through the use of biomass when compared to fossil fuels. When cofired with coal,
biomass has a potential to cut further carbon emissions from the fossil fuel, considered to
have the highest carbon intensity among fossil fuels. Biomass can have positive effects
when it comes to other environmental concerns as well such as acid rain and radioactivity.
With different biomass types, biomass can be grown in almost all the major parts of the
world, in addition to forming parts of existing biomass waste. According to Spliethoff &
Hein (1998), biomass has a reasonable cost level when compared with the other sources of
renewable energy. Therefore, biomass co-firing has the potential to meet the international
goals such as those set by the European Union to reduce GHG emissions by 40% below
1990 levels and increase the renewable energy share by 27% by the year 2030 (European
commission, 2017).
Overall, biomass is more favorable than other types of renewable energy sources
as an alternative source of energy to replace or supplement fossil fuels. Biomass is more
favorable than geothermal, which requires sinking wells into the ground to tap on its power,
which is limited in terms of availability because it’s found in fixed geographical locations.
Solar energy, on the other hand, is not uniformly distributed across the globe with some
experiencing minimal solar power through the entire year. Another problem is the fact that
the energy source, which is the sun, is only available during the day hence requiring
additional storage systems, translating to additional cost. The same case applies to wind
energy, which is limited in strength to some parts of the world and at different times, hence
not universally a viable substitute for fossil fuels when compared to the biomass potential.
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The same case also applies to tidal energy, another form of renewable energy, whose
availability is limited to fixed geographical locations, unlike the case for biomass.
According to the International Renewable Energy Agency (IRENA, 2012), having
less access to reliable information on the cost of biomass energy production has made it
extremely difficult for governments and other relevant bodies to assess the effectiveness of
using renewable energy technologies even where circumstances are appropriate. Table 1.1
below shows information related to the appropriate biomass power generation technologies
and requirements for biomass feedstock.
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Table 1: Biomass technologies and appropriate feedstock requirements (IRENA, 2012)

Biomass

Commonly Used Fuel

Particle Size

Moisture

Average

Conversion

Types

Requirements

Content

Capacity Range

Technology

Requirements
(Wet Basis)
6 – 50 mm

10 – 50%

Stoker Grate

Sawdust, non-stringy

4 to 300 MW

Boilers

bark, shavings, end cuts,

Many in 20 to 50

chips, hog fuel, bagasse,

MW range

rice husks and other
agricultural residues
Fluidized Bed

Bagasse, low alkali

< 50 mm

< 60%

Up to 300 MW

Combustors

content fuels, mostly

(many at 20 to

wood residues with high

25 MW)

moisture content. No
flour or stringy
materials
Co-firing:

Sawdust, non-stringy

< 6 mm

< 25%

Up to 1500 MW

Pulverized

bark, shavings, flour,

Boilers

sander dust

Co-firing:

Sawdust, non-stringy

< 72 mm

10 – 50%

Up to 300 MW

Stokers,

bark, shavings, flour,

Fluidized Bed

hog fuel, bagasse

Fixed Bed

Chipped wood or hog

6 – 100 mm

< 20%

5 to 90 MWth

(Updraft)

fuel, rice hulls, dried

and up to 12

Gasifier

sewage sludge

MWe

Downdraft

Wood chips, pellets,

Moving Bed

wood scrapes, nut shells

< 50 mm

< 15%

25 – 100 kW

6 – 50 mm

15 – 50%

5 – 10 MW

NA

65% to 99.9%

Gasifier
Circulating

Most wood and chipped

Fluidized Bed,

agricultural residues but

Dual Vessel,

no flour or stringy

Gasifier

materials

Anaerobic

Animal manures &

Digesters

bedding, food

liquid depending

processing residues,

on type

other industry organic
residues
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Overall, biomass combustion technology is increasingly maturing, so is its potential
in reducing GHG emissions. However, there is more need for implementing biomass power
generation technologies with only about 200 plants being utilized in dedicated and co-firing
power plants (Cuellar, 2012).

Biomass Co-firing with Coal
Despite the several advantages associated with biomass in reducing the GHG
emissions, there are several factors which have hindered the exploitation of biomass alone
as a major source of energy. One of the major factors is energy intensity. Biomass has low
energy intensity as compared to fossil fuels. The energy intensity for biomass is quite low,
and with the lack of incentives, it would be economically unviable to replace the existing
fossil fuel sources with biomass sources as a short-term measure (Saidur et al, 2011). Due
to the lower energy content of biomass, a higher biomass quantity is required to meet the
equal capacity of a particular quantity of coal in terms of energy. In addition, it requires an
expensive initial investment to set up dedicated biomass plants, which is currently hard to
achieve and economically unviable considering its net energy. According to Harris &
Roach (2016), this high cost factor with a low energy content are two major factors
hindering the utilization of biomass fuels.
Therefore, researchers are exploring alternative ways in utilizing biomass, which
have the potential to meet the existing energy demand while reducing GHG emissions.
Biomass co-firing is one of the available potentially cost-effective approaches that provide
17

an opportunity to meet the existing energy demand while reducing the GHG emissions for
existing coal plants. According to Zulfiqar et al (2005), many power generators have
adopted co-firing of biomass and coal as an option in CO2 emission reduction. The
Biomass co-firing refers to a process of supplementing base fuel with dissimilar fuel. The
base fuel can be coal or natural gas, and it is supplemented by a percentage of biomass.
Several factors favor biomass co-firing as a potential option for reducing CO2
emissions and mitigating the problem of global warming. Apart from its proven potential
in reducing GHG emissions and the subsequent minimal environmental damage compared
to coal, there are other major factors influencing the choice of biomass co-firing or other
energy technologies as alternatives. These factors can be categorized as technical or
economic factors. It is possible to co-fire biomass and coal in existing coal plants with little
or no modifications. Zulfiqar et al. found that it is possible to reach a 10% co-firing ratio
without any modification to the plant. According to Baxter (2005), co-firing installations
cost ranges between $50/kW and 300/kW depending on the capacity of biomass. The low
cost is achievable because biomass co-firing makes use of existing coal infrastructure with
only minimal changes. It is therefore more favorable when compared to other technologies
of electricity generation such as hydropower plants, which have significant limitations on
its availability because of its fixed geographical locations.
The obvious benefit of applying biomass co-firing is the ability to use existing coal
plants with minimal or no modification. This results in significant savings in cost since to
there is no need to establish new plants for producing power from biomass. In addition,
some of the coal plants have already exhausted their projected lifespan, and can be slightly
modified to act as co-firing plants (Shepherd, 2000). The other advantage is the abundance
18

and availability of biomass. As previously mentioned, biomass is largely available in many
parts of the globe, and can be grown as a dedicated energy crop when the aim is achieving
a higher energy intensity. Therefore, co-firing biomass with fossil fuels such as coal
provides an effective substitute fuel for coal plants.
The data from table 1 shows that co-firing biomass using pulverized coal boilers
has the largest potential in terms of average capacity. Currently, installed biomass capacity
worldwide represents 1.2% of the total power supply across the globe being majorly used
in Europe, North America and South America accounting for 85% of the total biomass
energy production worldwide. Although this amount is significantly small compared to
other energy sources worldwide, biomass co-firing in thermal plants has the potential to
increase this capacity as co-firing becomes increasingly common. As of 2011, co-fired
biomass contributed 55 GW in Europe and North America. This is expected to grow to 270
GW in 2030, which will represent a 10% increase in renewable energy contribution to the
total world energy consumption (IRENA, 2012).
In addition, combustion of biomass on its own in dedicated and advanced plants
has an efficiency that is generally 10% lower compared to combustion for coal. According
to Xu et al (2013), dedicated biomass combustion has several drawbacks that include
slagging, corrosion and fuel dependency. Co-firing biomass with coal reduces these
drawbacks with minimum decrease in efficiency. According to data from the international
renewable energy agency, biomass co-firing has the least investment costs per kilo-watt as
compared to other dedicated biomass systems as indicated in table 2 below. Other major
costs include operations and maintenance costs, which account for 9%-20% of the total
costs but also vary depending on the type of biomass being used. Therefore, for low cost
19

economic cost co-firing purposes, using secure, long term supplies of sustainable biomass
feedstock is critical. Other essential considerations include transportation costs and
appropriate technology (IRENA, 2012).

Table 2: Capital costs associated with different Biomass Technologies (IRENA, 2012)

Investment Costs

LCOE Range (USD/kWh)

(USD/kW)
Stoker boiler

1880 - 4260

0.06 – 0.21

Bubbling and circulating fluidized

2170 – 4500

0.07 – 0.21

Fixed and fluidized bed gasifiers

2140 – 5700

0.07 – 0.24

Stoker CHP

3550 – 6820

0.07 – 0.29

Gasifier CHP

5570 – 6545

0.11 – 0.28

Landfill Gas

1917 – 2436

0.09 – 0.12

Digesters

2574 – 6104

0.06 – 0.15

Co-firing

140 – 850

0.04 – 0.13

boiler

Therefore, biomass co-firing with coal provides a promising solution to address the
climate change concerns exacerbated by the continuous use of coal as dominant fuel in
electricity production. In addition, biomass co-firing provides the opportunity of promoting
the use of renewable energy sources, which have long been ignored with the preference of
fossil fuels. It can also function with the existing coal plants with slight or no modification
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depending on the percentage of biomass co-fired, which has economic benefits in terms of
reducing initial investment costs (Spliethoff & Hein, 1998). In addition to significant
improvement to co-firing biomass and coal technology, significant efforts have also been
put in developing other technologies such as carbon capture to achieve the lowest GHG
emissions.

1.2 Research Motivations and Objectives
This study is conducted to investigate the possibility of biomass co-firing with
coal as a solution to the problem of GHG emissions, with an emphasis on Saskatchewan,
Canada. Three co-firing rates are investigated. The three co-firing rates are 5%, 10%, and
20%. Theses rates are chosen because after considering the economic and technical
requirements, the above rates cover the range of the most suitable rates for a typical coalfiring unit in Saskatchewan. The main objective of the study is to develop a model using
Aspen Plus that is capable of accurately predicting the results of biomass co-firing, its
effect on GHG emissions, and its impact on plant power output. The model, which is
intended to represent a typical Saskatchewan coal firing unit, consists of three
components:
•

The first component involves developing a sub-model to simulate the combustion
of coal and biomass. One step involves predicting the coal and biomass quantities
required to produce a certain amount of power. In addition, this sub-model, which
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is developed using Aspen Plus, must be capable of evaluating the composition
and amounts of the emissions resulting from the combustion process.
•

In the second component, Aspen Plus is used to develop a model capable of
representing a steam cycle. The steam cycle is the part of the power plant where
the heat is converted to electricity.

•

The third component combines biomass co-firing with another GHG reduction
methodology; namely, CO2 capture. For this purpose, Promax is used to develop a
CO2 capture sub-model. Constructing this model allows the evaluation of
integrating a CO2 capture unit with the power plant, and how that integration
impacts the power output of the plant.

•

Finally, an economic analysis is conducted to evaluate the costs of avoided CO2
emission resulting from biomass co-firing, and contrast that with the costs
resulting from incorporating CO2 capture. In the economic analysis section,
literature values are used to estimate costs resulting from the coal power plant, the
implementation of biomass co-firing, and the addition of a CO2 capture unit.

1.3 Knowledge Gab & Contributions
From a technical point of view, biomass co-firing has been well established.
However, there are only few economic studies addressing this topic. In addition, when it
comes to Saskatchewan, there is only one biomass co-firing study conducted by the
Canadian Clean Power Coalition (CCPC, 2011). Most of the studies available in the
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literature employ general mass balance calculations to estimate the effects of biomass cofiring.
This study uses Aspen Plus and Promax to develop a co-firing model. Using a wellknown simulator, such as Aspen Plus, can add an important feature to the model, which is
flexibility, this enables the model to adapt to different conditions and co-firing ratios.
Furthermore, the study attempts to give a clear procedure for using Aspen Plus to model a
coal fired power plant. Finally, an economic analysis is incorporated to investigate the
possibility of employing biomass co-firing

1.4 Thesis Outline
This thesis consists of 5 chapters. Chapter 1 includes background information
related to GHG emissions and biomass co-firing. In addition, chapter 1 contains the
research objectives and thesis outline. In chapter 2, a literature review is provided to cover
biomass co-firing in coal power plants, as well as CO2 capture technologies, with more
focus on post-combustion CO2 capture with amines. Chapter 3 explains the methodology
followed for model development associated with fuel combustion, steam cycle, and CO2
capture plant. The results of the developed models are found in chapter 4. Furthermore,
chapter 4 also includes a discussion of the obtained results. Finally, several conclusions
and recommendation are provided in chapter 5. The appendix of this thesis contains the
flowsheets of the models developed in Aspen Plus and Promax. Additionally, detailed
tables of the inputs and results are also included in the appendix.
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CHAPTER 2: Literature Review
2.1 Background of Biomass Co-firing
This section presents the research carried out in overall background for biomass cofiring including the history of co-firing, its potential and technical challenges that face
biomass co-firing with coal as potential option in addressing the problem of GHG
emissions.

2.1.1 History of Biomass Co-firing
Grabowski (2004) traces the history of biomass co-firing to 1994 as an effort
initiated by the U.S Department of Energy (DOE) under the Fossil Energy/ National energy
Technology Laboratory (FE/NETL) programs in the national laboratories. These projects,
carried out in 1996, involved seven initial existing coal fired utility boilers. According to
Grabowski (2004), the success of the tests created numerous opportunities from 2000, with
different co-firing techniques, such as through the use of coal or gas. Those opportunities
translated to several demonstrations and applications. The major focus was on biomass
cofiring with coal, with the research of gasification based technology coming much later.
According to Karampinis et al (2014), the program developed by the U.S department of
energy since the 2000 was not widely adopted due to the cost implications from the use of
fossil fuels, which are considered much cheaper. However, their impact on the environment
and the need to come up with cleaner sources of energy to mitigate climate change and
environmental damages from GHG emissions have revived the interest in co-firing
technology, making it more usable currently. Extensive research is currently being carried
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out on increasing the efficiency of biomass co-firing and reducing cost without
compromising on energy production to make it more commercially attractive, while
reducing the rate of GHG emissions.
2.1.2 Biomass Co-firing Potential
Biomass has the potential to be a significant source of renewable energy because
of its availability and carbon neutrality (Drożyner et al, 2013). According to Schakel et al
(2014), co-firing biomass with coal offers even a more attractive potential for reducing
CO2 emissions from the atmosphere. Schakel further notes that co-firing is a technology
that has been tested as a clean and efficient way of generating electricity from biomass
partially substituting coal in high efficiency coal boilers. Extensive tests have proven cofiring increases the efficiency of biomass by 33-37% when co-fired with coal using existing
coal boilers, and an additional 15% if the boilers and the feed are slightly modified
Shepherd (2000). This presents an opportunity given that current coal plants account for
40% of the total electricity utility for the United States and 41% of the total utility globally.
McGlynn et al (2014), further acknowledges that co-firing biomass with fossil fuels
such as coal has a tremendous potential to reduce GHG emissions without a significant
increase in infrastructure and investments costs. This is possible as biomass co-firing can
use existing coal plant with little to no modifications, therefore reducing the need to
construct new co-firing plants. According to Drożyner et al (2013), biomass co-firing has
also advantage of increasing the access of biomass to the electricity market and reducing
the landfill burden that exists with coal.
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2.1.3 Biomass Co-firing Technical Challenges
However, several studies have suggested that some technical challenges associated
with biomass co-firing include lengthy fuel preparation, storage and delivery process,
deposition of formed ash, conversion of fuel, formation of pollutants, and corrosion of cofiring equipment (Baxter, 2005). The major challenge for biomass preparation results from
its properties. Biomass is low on energy density, therefore highly hydrophilic and generally
moist with heating values nearly half that of coal Biomass requires appropriate shipping as
well as technologies comparing its heat contribution when co-fired with coal. According
to Zulfiqar et al (2005), the major challenges that face biomass co-firing are classified into
four categories. These categories include the preparation and handling issues that include
the size, performance and potential mill problems. The second is the combustion related
issues which include the stability of the flame and efficiency of the boilers. The third
category identified is the ash related issues such as fouling and slagging, and the last
category is the emission related issue. These include the NOx and the SOx emissions.
According to Baxter (2005), some of the challenges experienced in the preparation
and handling issues depend on the type of biomass, with biomass particles that are too
small posing a challenge in transportation. When it comes to combustion issues, Baxter
notes that large particles pose a significant challenge on conversion efficiency. Another
significant technical challenge for biomass co-firing is the biomass ash deposits, which
vary widely depending on the biomass type. When more herbaceous material is used, there
is more ash deposit than when compared to using wood. This aspect must be carefully
considered when selecting a biomass fuel for co-firing boilers. Other factors to consider
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include the shape of the biomass and the moisture content to mitigate further technical
challenges.

2.2 The Process of Biomass Co-firing
2.2.1 Biomass Pre-treatment
The process begins by selecting the appropriate type of biomass which is used as a
source of fuel. This can be plant matter or waste. The biomass is then passed through the
pretreatment process to transform the biomass into a form which can be integrated with the
fuel chain of the coal plant. Biomass pretreatment for co-firing is mainly a physical process.
The physical process could include milling, drilling or grinding to reduce the size of the
biomass. Pretreatment can also be achieved through a chemical process. The chemical
pretreatment includes the use of enzyme. This is utilized in selected biomass types such as
lignocellulose, but this method is mainly utilized when the intention is to convert biomass
into other types of bio-fuels (Harmsen et al, 2010). Therefore, mostly the physical
pretreatment process is usually applied to give biomass physical properties similar to those
of coal. It is possible to co-fire the biomass with coal after this process as has been done in
many demonstrations. However, the remaining processes aid in increasing the
effectiveness of the co-firing process.

2.2.2 Biomass Pelletization
The second process is the pelletisation of biomass. This process increases the
density of the biomass by compressing the fine particles in compact. The process reduces
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the moisture and erosion of the particles through applying pressure, transforming the
biomass to a size and shape that is similar to coal, therefore significantly easing the milling
process (Garcia-Maraver, & Carpio, 2015). Garcia-Maraver, & Carpio further note that the
pelletisation process consists of multiple steps that are represented in figure 1 below. In the
first stage, biomass is stored in an effective storage system that keeps it away from
impurities and moisture. Exposing the biomass to rain may increase the moisture content
of the biomass making other processes such as drying process unviable. In step 2, any
impurities such as the stone and metal fragments are filtered from the biomass. This can be
achieved using magnetic separators to separate the metal impurities from the biomass to
reduce possibility of mechanical damages during the milling process. In the 3rd step, the
size of the raw material is reduced to the appropriate size of the pellet. Screw conveyors
are used in the fourth step to transport the biomass to the next process due to their cost
effectiveness.

1

• feedstock storage

2

• removing undesired impurities

3

• size reduction

4

• material transporatation

5

• drying biomass

6

• mixing and conditioning

7

• pelletization

8

• cooling and screening

9

• storage

Figure 1: The stages of pelletization (Garcia-Maraver, & Carpio, 2015).
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In the 5th stage, biomass drying stage, the moisture content of the biomass is
reduced to 10-20% of the original content. However, the content of the moisture depends
on the type of biomass used. The aim of this stage is to achieve the lowest moisture content
possible to produce quality pellets. This stage is critical in biomass co-firing. This is so
because materials with higher moisture content reduce combustion temperatures, have a
low energy efficiency, and increase the emissions of hydrocarbons. This stage therefore
requires efficient driers that increase capital investment for the process. Although fossil
fuels may be used in the dryers, they increase the cost of the process and are not
environmentally friendly. According to Selivanovs et al (2011), dryers also vary in type,
with steam dryers being more efficient than air dryers. The steam dryers have a higher
drying rate and less danger of explosions while allowing the separation of the toxic and
useful liquids using condensers. They are not commonly used when compared to gas driers
because of their increased complexity. In addition, mechanical problems such a steam leaks
can have a devastating effect on the entire process.
The 6th stage of mixing and conditioning depends on the type of the biomass.
Mixers are used to achieve a consistent blend of the biomass in terms of binding properties,
moisture percentage and homogenous blend when raw materials used are different
(Pelheat, 2010). This process ensures that the biomass is consistent, hence increasing the
productivity of the pellet during co-firing. It also increases the physical quality of the
pellets as well as their durability, increasing their overall efficiency and reducing costs.
Additives, such as, binders are added to achieve the desired thermal characteristics
especially when the biomass material is wood. The conditioning is not necessary but helps
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reduce the abrasiveness of the material, therefore reducing the maintenance costs of the
pelleting equipment (Karkania et al, 2012). In the 7th stage, the pellets are finally produced
using pellets mills into different sizes. They are created by applying extreme pressure that
forces the material through a hole. Pressure increases the temperature of the material
making it easy to reshape in the form of pellets. In addition, the higher temperature also
reduces the moisture content of the material. Pellets are thereafter cooled and screened for
desired physical properties, strength and durability required for co-firing with coal.
2.2.3 Biomass Torrefication
The other process is the torrefaction process. In this process, the biomass is heated in the
absence of oxygen, to create charcoal particles that are low in moisture and resistant to
biological degradation (Bergman et al, 2005). The process also significantly increases the
energy density of the biomass by up to 30%. The process makes it easy to burn the biomass
with coal without requiring a separate handling processes. During this process, biomass is
thermally treated with temperatures of 200-300oC producing torrefied biomass or char.
According to Bergman (2005), only 70% of the total mass is retained during the
torrefaction process, but this contains about 90% of the total initial energy as illustrated in
2 below.
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Figure 2: Figure 2: A typical torrefication process (Bergman, 2005)

The M and E symbols represent the unit mass and unit energy respectively.

2.2.4 Biomass Combustion
The choice of the co-firing method depends on the combustion system. Both coal
and biomass can be combined, separated or subjected to pre-combustion gasification.
These technologies are therefore classified into direct co-firing, indirect co-firing or
parallel co-firing. In direct co-firing, a single boiler is used for both the biomass and coal
with either single or separate burners for each material and it’s currently the most common
(IRENA, 2012). The direct co-firing process is illustrated in figure 3 below
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Figure 3: The direct co-firing process (IRENA, 2012)

In indirect co-firing, the biomass is first converted into gaseous form which is later burned
with coal. In parallel co-firing, each material is burned separately, with biomass being burnt
in a separate dedicated boiler.
Several factors therefore influence the choice of the co-firing method such as the
moisture content, size and density as well as the capability of the burner to handle these
elements. The cost of SO2 capture is also considered together with the application of a
simple SO2 capture technology such as limestone, which is less costly than installing SO2
scrubbers. The direct co-firing technology also depends on the state of the material and
whether it is ready to be injected in the burner. If the biomass is dry or has undergone
pelletisation and torrefaction, the existing coal burners and mills can be used. Separate
mills and burners may be considered if the biomass properties do not allow it to be
combined with the coal. For example, stringy biomass, such as switchgrass, would require
a separate boiler because of its different texture that is not compatible with coal. This can
cause problems in the consistency of the fuel, and adversely affect the boiler’s efficiency.
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However, each method has its limitations. Direct co-firing of coal and biomass only
achieves a low percentage of biomass which is less than 10% in most cases. The biomass
material can be affected from biological degradation as it absorbs moisture and is highly
volatile. This approach may reduce the plant capacity and requires modification of the
milling plant to handle biomass. In addition, the amount of dust produced during milling
for direct co-firing is quite high, therefore requiring additional temperature control in the
milling plant. The dust is also highly susceptible to fire, therefore requiring additional fire
protection capabilities to the milling plant.
On the other hand, indirect co-firing where biomass and coal are milled separately
has a major advantage of allowing a higher percentage of biomass to be co-fired. However,
it requires an additional milling plant to mill the biomass separately, and additional space
for the separate mill and fuel systems. Furthermore, different storage and screening plants
for biomass are required, which significantly increases operational and capital costs.

2.3 Carbon Capture and Storage
One solution to minimizing the levels of carbon dioxide emission into the
atmosphere includes CO2 capture.
Post-combustion capture refers to the capture of carbon dioxide from the end of a
combustion exhaust tube by use of a suitable solvent (Alkhabbaz et al, 2014). The carbon
dioxide is absorbed by the solvent, and then later liberated from the solvent, compressed
under high pressures, and packaged for transportation to various destinations (Flaig et al
2017). CO2 capture serves the purpose of eliminating too much gaseous pollutants from
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the environment. CO2, which is mainly exhaled by animals as part of their gaseous waste,
is a bad pollutant to the environment if it happens to occur in critically large amounts (Rao
and Edward, 2002). Therefore, reducing the level of this gas from the environment is a
good strategy to ensure that environmental sustainability concerns are adhered to
(Alkhabbaz et al, 2014). The main idea behind post-combustion carbon capture is that
before post-combustion gases are released into the atmosphere (Rao and Edward, 2002),
carbon dioxide must be eliminated from the mixture of the post-combustion gases (Rao
and Edward, 2002). Elimination of Carbon II Oxide from these gases is such an intuitive
process that requires heavy research and technologies (Flaig et al 2017).

2.4 CO2 Existing Post-Combustion Capture Techniques
Many CO2 capture approaches that have been addressed in existing literature mainly
involve the use of amine aqueous solutions such as diethanolamine or monoethanolamine.
However, D'Alessandro et al (2010) suggest that the use of such aqueous solutions in CO2
capture has a number of significant drawbacks. First, the amine solutions contain toxic
compounds which will likely evaporate into the atmosphere. The remaining compounds
will then undergo oxidative degradation (Oexmann et al: 2012). The overall impact of the
use of such solutions, therefore, is that they will still pollute the atmosphere by inducing
toxic substances into the atmosphere (D'Alessandro et al, 2010).
On-site capture and storage of CO2 from relatively larger sources is regarded by Socolow
et al (2011) to be more cost-effective as compared to capture and storage of CO2 from
relatively smaller sources e.g. vehicles whose fuel is made up of carbon compounds which
eliminate CO2 upon combustion. According to this premise, larger CO2 sources are of much
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more concern to environmental sustainability than smaller CO2 sources (House et al, 2011).
However, eliminating CO2 from larger power plants alone cannot be a feasible approach
to the regulation of CO2 levels in the atmosphere since many consolidated smaller sources
of CO2 release CO2 amounts which are just as large as those released from larger sources
such as coal combustion plants. Hence, there is a need to address more solutions to CO2
capture alternatives (Rao and Edward, 2002).
Socolow et al (2011) suggest that one such alternative is to capture CO2 indirectly by first
passing it over an absorbent surface, desorbing the absorbed CO2 under controlled
conditions, and processing the desorbed CO2 under controlled physical and chemical
conditions to come up with various useful products and fuels (Rao and Edward, 2002).
This kind of strategy can greatly enhance modern CO2 capture techniques as it eliminates
the dire need to include pipeline transportation mechanism in direct CO2 capture (House et
al, 2011).
The approach proposed by Socolow et al (2011) calls for the use of a suitable solvent which
has unique characteristics; (1) It must perform numerous absorption and desorption cycles
under ambient conditions of temperature and pressure; (2) The candidate must be
environmentally friendly and non-toxic (Sayari and Youssef, 2010); and, (3) The absorbent
must exhibit thermodynamic properties which are favorable to frequent absorption and
desorption, hence must not consume enormous amounts of energy (House et al, 2011).
Nikulshina et al (2008) proposes that amines are not the only absorbents that can be used
in the capture of CO2 but also hydroxides, carbonates, and oxides of Calcium and Sodium
(Calcium Carbonates, Sodium carbonates, Sodium hydroxide, Calcium hydroxide, Sodium
oxide, and Calcium oxide). These compounds have been used as CO2 absorbents for quite
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a long period of time before amines came on the scene. Even though they serve the same
purpose as that of amines with respect to CO2 capture, they are cost ineffective and energy
ineffective as compared to amines. The regeneration of the compounds is a process that
consumes relatively larger amounts of energy and is also costly. Other than hydroxides,
carbonates, and oxides of calcium and sodium, (Vega et al, 2014) asserts that activated
zeolites and carbons can also be used as solid absorbents.
However, the relative absorption capacity of the activated carbons is quite low as compared
to that of amines. On the other hand, the absorption capacity of CO2 by zeolites is highly
affected by the humidity of the surrounding atmosphere. The more humid the environment,
the lower the absorption capacity for zeolites, hence these compounds are only applicable
in situations where water vapor and any humid conditions have been eliminated from the
gas mixture and surrounding atmosphere prior to the post-combustion CO2 capture.
Dash et al. (2014) reports that carbon dioxide from coal combustion and other large-scale
energy generation processes that release CO2 can be captured by the application of
regenerative chemical absorption. This method involves the use of amine blends and
aqueous amines to extract CO2 from post-combustion exhausts. Many types of amines
(primary and secondary) can be used as solvents in this process. They include methyl-diethanol amine, monoethanolamine, and 2-amino-2-methyl-1-propanol. Dash et al., (2013)
has also performed an empirical study that illustrates the possibility of a sterically hindered
amine-based chemical absorption method of CO2 extraction from post-combustion
exhausts in thermal power plants.
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However, Vega et al (2014) asserts that the methods adopted by Dash et al., (2013) have a
number of unique challenges. First, during CO2 absorption, the CO2 vapor pressure goes
extremely low. Secondly, there is normally an oxidative degeneration which results from
the presence of water vapor and oxygen in the flue gas. Lastly, the huge volume of flue gas
required for a relatively smaller CO2 capture necessitates the use of a large power supply
and diameter size so as to successfully pass the air through the end contactor. While there
are challenges associated with the use of absorbents as stated above, the use of
absorbents/solvents has attracted the interest of many researchers due to particular unique
advantages. First, Samanta et al points out that solid absorbents have a relatively higher
potential for extraction/capture of CO2 hence they have the potential to significantly reduce
the energy costs and demands associated with the CO2 process capture (Vega et al, 2014).
While there are many solid absorbents which have been identified as good CO2 capture
candidates (e.g. metal organic frameworks and activated carbon), amine modified
nanotubes have increasingly caught the interest of researchers as promising absorbents for
use in CO2 capture. While these processes have proved effective in capturing CO2, the main
problem reported in this field is related to the low level of porosity of functionalized
materials (Yang et al, 2014).
In amine-CNTs processes, multi-walled CNTs are used that are readily available at a
reasonable cost (Niu et al, 2016). But a major problem with this amine functionalization is
the porosity of the functionalized material. It is found that after wet chemical treatment
with amines, the functionalized CNT materials were significantly less porous than the
pristine material (Niu et al, 2016) and the surface pore structure became blocked due to
carbonate/carbamate formation (Niu et al, 2016; Yang et al, 2014). But, processes have
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been developed to regain the porosity of the functionalized materials. These materials are
considered to be competitive with other CO2 capture materials such as functionalized
mesoporous silicon (Yang et al, 2014).
Another advantage of amine functionalized CNTs is that the desorption process can be
carried out using electrical swing operation. (Yang et al: 2014) examined and reported the
performance of tetra-ethylenepentamine (TEPA) impregnated with multi-walled CNTs
with respect to CO2 capture and effect of other flue gas contaminants such as H2O, NO,
and SO2 on the process (Niu et al, 2016). They found that H2O and NO had a minimal
impact on CO2 adsorption capacity, but the effect of SO2 on this process has a negative
effect and it depends on the adsorption temperature and SO2 concentration. It was reported
that TEPA-impregnated amine functionalized CNTs have better tolerance to H2O and SO2.
Liu et al., (2014a) studied the kinetics of CO2 with respect to adsorption/desorption on
tetra-ethylenepentamine multi-walled carbon nanotubes in a fixed bed adsorption column.
They found that the adsorption kinetics could be represented by fractional-order kinetic
model for a wide range of adsorption temperatures, CO2 partial pressures, and amine
loadings in mole fraction of CO2 (Niu et al, 2016).
There was a decrease in the activation energy for CO2 desorption with increasing CO2
concentration in the vacuum swing regeneration process due to energy input at the vacuum
pump (Niu et al: 2016). Apart from this, other components in the flue gas such as N2, H2O,
and SO2 also have an unfavorable impact on the CO2 adsorption capacity (Yang et al,
2014). Normally, the N2 enrichment of carbonaceous materials is found to be effective in
increasing the CO2 adsorption capacity. On the other hand, the impregnation of
alkanolamines could lead to a decrease in meso-pore or micropore volume and hence
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decrease of the active surface areas. This is probably due to the pore- blockage, as
alkanolamine improvement is normally affected by the molecular size and shape of
alkanolamines used (Niu et al, 2016).

2.5 CO2 Capture with Amines
2.5.1 The Capture Process
This section has an overview of the carbon capture process. Figure 4 shows a
typical diagram of this process.

Figure 4: Typical CO2 Capture Diagram

The capture process involves using a scrubbing system which separates CO 2 from
the stream of flue gases. As shown in the diagram above, the scrubbing system is comprised
of two major elements; an absorber and a regenerator. The absorber is a unit which
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facilitates the absorption of carbon dioxide into the sorbent used, while a regenerator (or
sometimes known as a stripper) is a unit that facilitates the release of the carbon dioxide
from the sorbent in a concentrated form, releasing the original sorbent which is fed back to
the absorption stage.
The chemical absorption that takes place is quite more efficient. The absorption
process occurs with a chemical reaction which enhances the energy transfer coefficient
from the gaseous phase to the liquid phase. In a typical power plant application, flue gases
which have undergone sufficient cooling are made to flow in an opposite direction to the
absorbent (in this case, it is a monoethanolamine as a water solution). A chemical reaction
between CO2 in the cooled flue gases and monoethanolamine follows in which a weaklybonded compound known as carbamate is produced.
The gases from which carbon dioxide has been removed are then washed and then
directed into the atmosphere. Meanwhile, the concentrated CO2 and carbamate mixture is
directed into a reboiler via a heat exchanger. In the reboiler, the concentrated CO2 and
carbamate is heated with low pressure steam. Since the solution is mainly a weakly bonded
carbamate, the heat and low steam pressure are sufficient to break down the weak bonds,
regenerating the original sorbent that was used for absorption. After a successful separation
of CO2 from the sorbent in form of carbamate mixture, the absorbent is then taken back to
the heat exchanger, cooled, and then directed back to the absorption chamber.
Depending on the type of amine originally used, some fresh amine of the type
earlier used is then added to the absorption chamber so as to account for the losses likely
to have occurred in the absorption and regeneration cycle. The CO2 captured is separated
from the sorbent and directed to a compression chamber. In the compression chamber, the
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CO2 is compressed to a pressure of approximately 200 psig so as to convert it into liquid
for easier packaging, transportation, and storage.

2.5.2 Process Chemistry
While there are many sub-processes involved in the absorption and regeneration
cycle, there are two main processes involved as symbolized by the chemical equations
below;
𝐶𝑂2 𝐴𝑏𝑠𝑜𝑟𝑝𝑡𝑖𝑜𝑛: 2𝑅 − 𝑁𝐻2 + 𝐶𝑂2 → 𝑅 − 𝑁𝐻3+ + 𝑅 − 𝑁𝐻 − 𝐶𝑂𝑂−
Eq. 2.1
𝑀𝐸𝐴 𝑅𝑒𝑔𝑒𝑛𝑒𝑟𝑎𝑡𝑖𝑜𝑛: 𝑅 − 𝑁𝐻 − 𝐶𝑂𝑂 − + 𝑅 − 𝑁𝐻3+ + 𝐻𝐸𝐴𝑇 → 𝐶𝑂2 + 𝑅 − 𝑁𝐻2
Eq. 2.2
The above equations are developed on the assumption that the type of amine used
in the absorption and regeneration cycle is monoethanolamine. This implies that the
equations might be slightly different if a different type of amine is used. Pure
monoethanolamine (R = HO-CH2CH2) is regarded as an unhindered type of amine which
readily forms a weakly bonded compound with CO2. Approximately half a mole of CO2
is absorbed for every one mole of monoethanolamine. This is illustrated in the first
equation. In the second equation, heat energy is applied to break the weak bonds releasing
the original sorbent and CO2.
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2.5.3 Historical Developments in Amine-based CO2 Capture Technologies
The process of combustion of fossil fuels in presence of air often leads to the
formation of a stream of gases mainly composed of water vapor, carbon dioxide, and
nitrogen. The carbon dioxide content in the resulting flue gas largely depends on the
amount of carbon that the original fuel contains prior to heating and also the quantity of air
in which the combustion of the fuel occurs. If both of these factors are sufficiently high,
the resulting flue gas may contain even more than 15% carbon dioxide. The resulting CO2
becomes an automatic source of available CO2 at a very minimal cost.
However, the CO2 should be separated from the flue gas for it to be commercially
useful. The entire idea of capturing CO2 from the gaseous stream is not a new technology
but rather began way back in 1970s. However, unlike the modern concern for greenhouse
effect, CO2 extraction from flue gas in the 1980s had a much more focus on the economic
value of CO2, particularly for enhanced oil recovery.
Even nowadays, approximately 80% of CO2 that is extracted from flue gas is used
for enhanced oil recovery. Due to the economic value of CO2, a number of extraction plants
were constructed in the United States in the early 1980s. CO2 was also used for many other
applications including production of urea, dry ice, beverages, and carbonation of ammoniac
brine. The very first commercial CO2 capture facility with a focus on the greenhouse effect
of CO2 was constructed in the year 1996 in Norway. This station treats natural gas rather
than flue gas. The facility was constructed in a bid to respond to the Norwegian tax
authority’s harsh stance against carbon. From this period henceforth, the facility has been
pumping the captured CO2 underground in saline water aquifers.
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2.5.4 Empirical Review of CO2 Capture with Amines
Amines are chemical compounds which are well-known for the reversible chemical
reactions they exhibit with carbon II Oxide. This feature of amines makes them ideal
candidates to be used in the separation of carbon II Oxide from the mixture of postcombustion gases (Dutcher et al, 2015).
According to an experiment conducted by Dibenedetto et al (2002), findings
illustrated that amines reacted best with CO2 at temperatures slightly above or below 298K.
The main aim of the research conducted by Dibenedetto et al (2002) was to investigate the
behavior of amines at various temperatures. According to Dibenedetto et al (2002), the
reaction between one mole of a typical amine and half a mole of CO2 (as dictated by the
stoichiometric equation), conducted at an absolute temperature of 298 K, takes
approximately 15 minutes, which is regarded as a relatively quicker reaction as compared
to other temperatures.
Cao and Lingdi (2015) conducted an experiment with amines to find out how the
absorption capacity of amines for carbon dioxide can be improved. The researcher
considered the fact that not only has attention been given to the use of amines in carbon
dioxide capture but also ways in which the rate of carbon dioxide capture from postcombustion gases can be improved significantly. The solution lies in the development of
solvents which have a relatively higher absorption loading and rate for carbon dioxide.
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Cao, Lingdi (2015) conducted screening process for a novel amine amine-2-ethanol which
contains tertiary and primary amino groups.
The resulting solvent, 2-[(3-aminopropyl)methylamino]ethanol, also known as
HMPDA, had a relatively higher loading of carbon II oxide. The loading of CO2 was found
to be 1.65 moles of carbon dioxide for every single mole of HMPDA solution. In other
words, one mole of HMPDA solution could load 1.65 moles of carbon dioxide at an
absolute temperature of 313K and a pressure of 1 MPa. This kind of loading capacity is
relatively greater than that of convectional amines such as monoethanolamine. For the
conventional monoethanolamine, for instance, the loading capacity at the same temperature
and pressure is 0.75 moles of carbon dioxide for every single mole of monoethanolamine.
Furthermore, the HMPDA solution developed – exhibited a greater absorption rate
as compared to the rate of convectional monoethanolamine. According to data collected by
Cao, Lingdi (2015), HMPDA’s viscous density increases by 66% following the absorption
of carbon dioxide gas, which is a relatively smaller value than that of a typical
monoethanolamine solution (88%). Therefore, according to the study performed by Cao,
Lingdi (2015), researchers need not only focus on the applicability of amines in CO2
capture, but also how CO2 capture rate can be improved.
There are many researchers that have reported efficiency of amine-based CO2
capture processes, particularly in terms of cost and energy conservation such as (Vega et
al, 2014). However, there is no standardized approach to the capture and storage of CO2
with amines (an approach which guarantees maximum cost and energy efficiency). The
rate of CO2 capture from flue gas using amines generally depends on gas-liquid mass
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transfer processes. The chemical reactions that facilitate the diffusion of CO2 at the gasliquid interface enhance the general mass-transfer rate.
Hence, the rate of CO2 removal from flue gas during the absorption process should
be a function of many different parameters which have a substantial impact on the liquidgas equilibrium. Such parameters include mass flow rate, flu gas composition, pressure,
the concentration of amine used as an absorbent, and temperature used to enhance the
absorption and regeneration processes. The absorption process simply illustrates a firstorder reaction in which CO2, which is acidic, reacts with the amine alkaline medium.
Therefore, a higher concentration of CO2 in the original flue gas mixture therefore
improves the absorption coefficient. It should however be recalled that amines, particularly
monoethanolamine, have a great affinity for CO2 even in low concentrations of CO2. (Vega
et al, 2014) asserts that the solubility of CO2 in a typical amine solution such as
monoethanolamine is relatively higher than in other solvents. Furthermore, (Vega et al,
2014) further explains that the design and prevailing conditions in the absorption and
regeneration chambers have a significant impact on the overall performance of the
absorption and regeneration cycle.
Other researchers such as Krokvik (2016) have found that the number of amine
alkane groups also affect the absorption coefficient of the absorption process. Typically,
results obtained by Krokvik (2016) indicate that the higher the number of amine alkane
groups the amine has, the lower the absorption capacity, hence the lesser efficient the amine
becomes. However, chain structures have a relatively smaller negative impact on the
absorption potential of the system. Typically, the larger the chain structures, the lower the
absorption potential. Furthermore, Krokvik (2016) also found that addition of more
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hydroxyl groups to the amine also has a negative impact on the absorption capacity of the
system. The higher the number of hydroxyl groups, the lower the absorption potential.
Conversely, 3-(Methylamino) Propylamine has a unique positive effect on the
absorption capacity whereby the addition of more 3-(Methylamino) Propylamine increases
the rate of absorption by a significant factor. In a nutshell, the research performed by
Krokvik (2016) illustrates that there are three factors that have a negative impact on the
absorption capacity; the number of hydroxyl groups, the size of the amine chain structures,
and the number of alkane groups. Only one factor, 3-(Methylamino) Propylamine, has a
positive impact on the absorption capacity. These are chemical factors related to the amine
itself. Krokvik (2016) did not consider external factors that are likely to affect the rate of
CO2 absorption during CO2 capture with amines.
While the most contemporary approach to CO2 capture is the use of amine solvents,
the process is energy intensive and requires some form of modification to significantly
reduce the energy demands. Oyenekan et al. (2006) designed a set of factors which are
empirically tested and proven to reduce the energy demands of the absorption and
subsequent stripping process in modern state-of-the-art contemporary CO2 capture
technologies. These factors include optimizing the operation of the stripper, using a more
reactive amine/solvent, operating the absorption-stripping cycle at relatively lower
temperatures, and using alternative stripper configurations (Oyenekan et al., 2006).
Unlike Oyenekan et al (2006), Chowdhury et al (2013) focused on the investigation
of CO2 capture with tertiary type amines. The researcher collected 24 tertiary amines which
included 3 synthetic amines with systematically modified structures. The researcher then
performed gas scrubbing, reaction calorimetry, and liquid-vapor equilibrium experiments
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to determine the performance of CO2 capture. The factors of consideration for this
experiment included the rate of absorption, the overall CO2 absorption capacity, heat
reaction for each of the 24 absorbents, and cyclic CO2 capacity.
Of the 24 amines selected, only seven showed good performance as per the factors
of consideration that the researcher focused on. This study, therefore, illustrates that the
type of amine selected is a significant factor in determining the overall performance of the
absorption and regeneration system. This therefore calls for more study in the direction of
which amines are the best in terms of CO2 capture efficiency and effectiveness (Chowdhury
et al, 2013). In general, the available research has showed that tertiary amines cannot be
used on their own for flue gas treatment.
A similar study was conducted by Lee et al (2008). However, this study only
selected 7 amines unlike Chowdhury et al (2013) who selected 24 amines. While
Chowdhury et al (2013) chose only four factors (absorption rate, absorption capacity,
amount of heat produced after reaction, and cyclic CO2 capacity), Lee et al (2008) included
more factors. The extra factors that Lee et al (2008) considered include optimal conditions
for CO2 absorption and cyclic decay of the absorber.
Furthermore, the research was more analytical, probably due to the smaller number
of amines (7) they selected as compared to Chowdhury et al (2013) (24). In Lee et al (2008)
study, there were two critical temperatures at which absorption occurred; either at 40oC or
at 23oC. On the other hand, the temperature required for desorption was found to be 75oC.
Another key difference included the use of solid amines rather than solvents. Lee et al
(2008) found that monoethanolamine indicated a high rate of cyclic decay; the percentage
by which the original amount reduced after the end of every absorption-regeneration cycle
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was greater as compared to that of the solid amines acrylonitrile (TEPAN) and
ethyleneamine with acrylonitrile (E-100AN). Therefore, Lee et al (2008) found the two
amines – TEPAN and E-100AN – to be quite effective in the absorption-regeneration
process.
2.5.5 Challenges to CO2 Capture with Amines
Even though the use of amines in CO2 capture is a promising technology, there are
two critical factors that hinder the large-scale deployment of this technique; the high energy
requirements for the absorption process and solvent degradation (Vega et al, 2014). High
energy in one way is related to solvent degradation, hence this section will review
degradation as the main challenge – that researchers have discovered – that hinders largescale deployment of amine-based CO2 capture. Solvent regeneration requires a significant
amount of heat energy required to break the carbamate bonds (Spigarelli and Komar, 2013).
The high amount of heat energy required can be attributed to the operating
conditions of the regeneration chamber and the type of solvent that is selected for the
process (Spigarelli and Komar, 2013). While monoethanolamine had been proposed as the
most appropriate amine for CO2 extraction, there are new and better solvents which
researchers have discovered could perform even better than monoethanolamine.
Furthermore, the total costs that are required for solvent regeneration – paid as a price for
solvent d degradation – are estimated to be about 10% of the overall costs required for CO2
capture (Ge, Shaw, & Zhang, 2014). Existing amine degradation studies illustrate that there
are two main types of degradation reactions; thermal degradation and oxidative
degradation. Oxidative degradation occurs when the flue gas is exposed to more oxygen
while CO2 is being absorbed from the gas stream (Ge, Shaw, & Zhang, 2014). On the other
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hand, thermal degradation takes place in the regeneration chamber as temperatures in this
chamber are extremely high (between 100 and 150 degrees Celsius). Additionally, more
recent studies (Spigarelli and Komar, 2013; Ge, Shaw, & Zhang, 2014; Gao, 2014) have
indicated that amine degradation also occurs as a result of photo-oxidation when the
volatile amine is exposed to the atmosphere at the absorption chamber.
Basically, the problem of solvent degradation is likely to cause operational
problems such as increased rates of corrosion of chambers, fouling, and environmental
sustainability issues arising from disposal of wastes and toxic compounds resulting from
volatile degradation. However, researchers such as (Vega et al, 2014) have suggested the
use of inhibitors, blends, and much more resistant amines aimed at reducing operational
costs and the extra financial costs resulting from significant solvent losses. (Vega et al,
2014) also proposes that the chemical absorption process for CO2 capture can be improved
through the use of solvents that are much more resistant, hence reducing the impact of toxic
volatile solvent degradation compounds on the environment and particularly on human
health. Additionally, (Vega et al, 2014) asserts that the operational costs of CO2 capture
can be minimized through conduction of the stripping process under relatively higher
operating conditions of pressure and temperature.
While post-combustion CO2 capture by use of amines is currently considered to be
the most effective way of reducing CO2 concentration in the environment as a result of
emission of flue gases, there are emerging concerns about the health effects of the use of
amines in the process. The basic premise is that during the carbon capture and stripping
process, small traces of amines escape into the surrounding atmosphere and react with other
components of air to form complex compounds such as nitramines and nitrasamines. It is
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highly uncertain whether these complex compounds have a significant health impact or not
(Norwegian Institute of Public Health, 2011).
In the year 2011, the Climate and Pollution Agency commissioned the Norwegian
Institute of Public Health to conduct an assessment of the health risks that these complex
compounds pose on living things, particularly human beings. The amines themselves, as
validated by the commissioned institute, aren’t harmful when released into the environment
in typical concentrations such as those around coal processing plants. There is limited
knowledge about the kind of health impact, if any, that the amines might have on the
general population. However, common knowledge suggests that complex compounds
formed out of amines could be carcinogenic, leading to cancerous tissues and cells in
human beings (Norwegian Institute of Public Health, 2011).
The Norwegian Institute of Public Health’s assessment report revealed that
Nitrosodimethylamine (NDMA) is the only known amine complex compound that has a
relatively higher degree of carcinogenicity than other amine compounds. Therefore, there
is still concern that the use of amines in CO2 capture could still pose a significant health
risk. However, Norwegian Institute of Public Health recommended that if the level of
release of amines into the atmosphere can be reduced significantly such that the resultant
concentration of amine compounds is insignificant, then the use of amine-capture
technologies is still viable. Furthermore, the commission asserted that the level of
carcinogenicity discovered in Nitrosodimethylamine was very low, hence not of a big
concern as long the level of concentrations of Nitrosodimethylamine in the atmosphere is
kept low.
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Hitachi, a motor vehicle company, was concerned about the high rate of CO2 release
into the environment. The company therefore embarked on a CO2 capture project in the
early 1990s, targeting applications which were related to coal fuel (Yokoyama et al, 2011).
Amine-based separation of CO2 from other gases such as flue gases has been implemented
since the early 1930s for major applications such as purification of natural gases. However,
the technology has not been fully implemented commercially. However, it is expected that
after a thorough research has been conducted in this direction, the technology will be fully
implemented to ease the separation of CO2 from flue gases in coal processing plants
(Yokoyama et al, 2011).
A research conducted by (Yokoyama et al, 2011) indicates that the use of aminebased CO2 capture technologies is expected to increase the overall cost of electrical energy
and reduce the overall efficiency of coal plants. Hitachi, who is a global equipment and
technology provider for thermal power plants, has also recognized that amine-based CO2
capture methods are likely to reduce energy efficiency hence increase the relative costs of
energy. Therefore, Hitachi has tried to address the cost efficiency challenges of aminebased CO2 capture methods using a multi-procedural approach (Yokoyama et al, 2011).
First, Hitachi proposes the development of an amine-based capture process which is
flexible. The flexibility is achieved through the use of the most advanced and latest amine
solvents which have a long life of service and a corresponding low energy regeneration
need. Second, Hitachi proposes the design of a system that integrates steam cycle and CO2
absorption-stripping process. Third, Hitachi proposes that in order to reduce energy
requirements of an amine-based capture process, there is a dire need for the re-optimization
of the entire CO2 capture plant which involves the air quality control systems, CCS
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systems, boiler efficiency, and turbine efficiency (Yokoyama, et al, 2011). The Hitachi
scrubbing system is designed in such a way that it is expected to achieve 90% CO2 capture
with a significant cost and energy efficiency factor that exceeds that of current amine-based
scrubbing approaches. The design approach puts into consideration the reliability and
redundancy requirements of the standards issued by the power industry so as to allow the
pioneer company to utilize common amine-based capture technologies as well as advanced
amine capture reagents (Yokoyama, et al, 2011).
Other than the current Hitachi project which focuses on methods in which the high
energy requirements associated with amine-based CO2 capture technologies can be
reduced, a study was conducted by Stec et al (2016) to find out the best approach towards
designing an amine-based CO2 capture plant which is both energy and cost efficient. The
study is a part of a broader study which is aimed at meeting the growing zero-emission
demands from coal processing plants due to environmental regulations. Therefore, Stec et
al (2016) designed and erected a CO2 capture plant which was to work in conjunction with
the coal processing plant identified for study. The main purpose of designing the postcombustion CO2 capture plant was to illustrate that unlike popular belief that amine-based
CO2 capture techniques are energy-inefficient, there are better ways to improve the
efficiency of amine-based approaches. The pilot plant designed captured CO2 from the
post-combustion stream of flue gases through chemical absorption by use of an amine
solvent. Stec et al (2016) considered this as the best current approach. From the data
collected, the pilot plant captured approximately one ton of CO2 per day. The CO2 recovery
factor for the captured amount was more than 90%. The results obtained by Stec et al
(2016) illustrate that the amine-based approach to CO2 capture is highly reliable since no
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challenges relating to energy or cost efficiency were observed. The study is a good
indication of the fact that with enough research leading to efficiency improvements and
cost reduction, the amine-based capture technology can be commercialized.

2.6 GHG Reduction through Biomass Co-firing
Researchers have identified that mixing biomass and coal in low ratios has a
significant effect in reduction of the waste and emissions as well as energy consumption if
properly managed (Mann & Spath, 2001). According to Johnston & Kooten, (2015), many
countries are considering transforming their energy sources to reduce CO2 emission
through the co-firing option. Biomass is considered carbon neutral because it’s assumed
that carbon loss during combustion of biomass equals carbon gained during its regrowth.
Figure 5 shows how biomass is considered a carbon neutral fuel. Mann & Spath, (2002)
indicate that co-firing biomass with coal has the potential of reducing the environmental
damage resulting from coal plants by 5.4-18.2% on carbon equivalent basis when
employing co-firing rates ranging between 5-15%. Other gases that are emitted by burning
coal such as SOx, NOx, non-methane hydro-carbons and carbon monoxide can also be
reduced through co-firing.

53

Figure 5: Biomass carbon cycle

A similar study carried out by Spliethoff & Hein (1998) aimed at testing the effects
of emissions of combustions depending on fuel type showed that biomass has distinct
effects on combustion behavior of coal. The study conducted several tests on pulverized
coal cylinders with an output of 0.5 MW in an experimental facility. In addition, the
researcher carried out milling tests to investigate the milling of biomass in a cutting and
hammer mill with outputs of 100 kg/hr to evaluate the necessary demand in power for
biomass grinding. Biomass was then blended with coal, with the results of the investigation
showing that biomass combustion, when mixed with coal, has synergetic effects.
Combustion of biomass with coal also had an effect on NOx when compared to pulverized
coal with a 10% decrease, with similar results for SOx. The experiment therefore concluded
that biomass is an effective fuel when added to coal to reduce GHG emissions, depending
on the type of fuel, physical properties and percentage used.
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Baxter (2005) further acknowledges that co-firing biomass with coal provides an
opportunity for the most effective means in reducing CO2 emissions. A review carried out
by the author for 100 successful demonstrations in 16 different countries involving almost
every type of biomass and combusted in every type of boiler shows that co-firing coal and
biomass simultaneously is among the cheapest and most effective approach in reducing
GHG emissions. Most importantly, with the right conditions, addition of biomass in coal
fired boilers has a minimal effect of the efficiency of a coal plant. Moreover, biomass cofiring increases the efficiency of biomass by 30-38%, which is more efficient than
dedicated, advanced biomass systems. Therefore, biomass co-firing not only offers a lowcost and low technical risk solution on the reduction of GHG emissions to the environment,
but it can be argued that it is one of the most effective short-term and long-term solution to
increasing the share of renewables in power generation.

2.6.1 Biomass Co-firing with CO2 Capture
In 2014, Schakel et al carried out a study to assess the impact of biomass co-firing
using wood and straw pellets as biomass and coal for power plants with installed carbon
capture and storage technology. The results of the study indicate that co-firing 30%
biomass with coal with carbon capture achieves negative net CO2 emissions of 67-85
g/KWh. The analysis carried out by the study also indicates that dedicated biomass plants
have the best potential to implement carbon capture and storage technologies (CSS) to
achieve a negative GHG emission. According to Mansour & Zuwala (2010) the total global
capacity of coal fired plants is 800 GWe, thus substituting each percentage of coal with
biomass accounts for 8GWe, and translating to reduction in CO2 by 60 Mt. Considering
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that a typical biomass and coal co-firing plant utilizes 5% biomass, the reduction in CO2
achieved by all the plants worldwide would amount to an annual 300 Mt.
A study carried by Khorshidi, Ho & Wiley (2013) with the aim of investigating the
impact, performance and economics of co-firing plants with and without carbon capture in
Australia found out that co-firing has the substantial economic effectiveness when used as
an option to reduce GHG emissions from existing coal plants in Australia. The study
evaluated existing coal plants, modified co-firing plants for 10% biomass co-firing with a
90% post-combustion capture. The study further evaluated the impact of type of biomass
used in co-firing in terms of moisture content, and heating value and their impact on
performance and economics in Australia. According to the study, co-firing coal with 10%
biomass reduces CO2 emissions by 0.33Mt yearly for a 500MW capacity plant with a
negligible loss in terms of efficiency. The results of the study also indicate that when cofiring plants are fitted with CO2 capture, this amount can increase to 2.96Mt yearly with an
efficiency loss of 8%. The study demonstrates that there is no difference in terms of the net
electrical output of the coal plants when using coal and when coal is co-fired with biomass,
but a significant reduction in carbon emission is achieved. When carbon capture is
implemented, the carbon emissions are completely eliminated with a decrease in the
efficiency of the plant. The study also provides evidence that modifying existing coal plants
for biomass co-firing has a negligible effect on their performance, while it has a significant
impact in reducing the GHG emissions to the environment.
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2.7 Economics of Biomass Co-firing
According to Shepherd (2000), the economic considerations associated with cofiring biomass with coal varies with location, type of biomass and plant type. The source
also notes that the type of biomass can lead to a significant increase in cost if it requires
much processing such as drying and size reduction. The type of boiler can also affect the
cost with cyclone boilers offering lowest opportunities in cost while the pulverized boilers
have a higher cost.
A similar study carried out by Lüschen, & Madlener (2013) investigating the
economic viability of the new hard coal plants in Germany found out that cost effectiveness
of co-firing plants depends on the cost of biomass, coal and CO2 permits. The study found
that additional costs incurred by establishing co-firing plants are minor when compared to
the potential benefits which include fuel flexibility. The results of the study provided
evidence that co-firing investments are profitable and relevant assuming a 10%
replacement of coal with biomass. In addition to the type of biomass used, other factors
which may have an impact on the economics of co-firing plants include the choice of cofiring technology. In addition, the study also considered the availability of biofuels
internationally to reduce the cost of co-firing plants in terms of availability of raw
materials. A profitability analysis assumes that co-firing is carried out through the direct
co-firing method and that biomass is generally available. The ultimate conclusion of the
analysis is that co-firing is technically feasible. The analysis also shows that some of the
factors to consider include energy density of the biomass, with wood pellets indicated to
have the highest energy intensity.
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A similar study carried out by the Canadian Clean Power Coalition (2014) on three
coal plant locations to determine the biomass requirement for 10%, 20% and 70% co-firing
rates indicates that a 70% biomass co-firing rate reduces GHG emissions down to 0.42t
CO2/MWh, which is planned to be the maximum allowable rate in Canada beyond 2030.
The study evaluated the available biomass within a 150-km radius from a coal plant and
investigated different attributes of each biomass type such as physical and chemical
properties, cost, feasibility and harvesting. A comparison done by the research indicated
that biomass co-firing is one of the best options meeting the GHG emission reduction in
terms of cost which include post combustion CO2 capture and carbon credit. According to
the study, biomass co-firing has other economic benefits of extending the life of existing
coal plants, especially if the plants are not efficient enough to recover the capital invested
in carbon capture. This has already influenced some of the plants in Europe and Asia to
implement biomass co-firing as an economic alternative in reducing GHG emissions,
especially given the abundance of biomass.
In another study carried out by Hoffmann et al (2012) to evaluate the technoeconomic benefits for co-firing coal with biomass in south of Brazil found out that changes
in exhaust gas volumes for boilers operating with different biomass mixtures at different
percentages is the only major technical challenge. According to the study, the major
economic limitations for biomass and coal co-fired plants only relate to biomass
availability and transportation, with the study suggesting that biomass should be available
at a radius of 120 km, to make it economically viable to co-fire 30% biomass with coal in
a 600 MW plant. Hoffmann et al (2012) therefore suggest that biomass co-firing presents
a viable option for emerging economies of Brazil, China and India to address the rising
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demand for energy without negatively impacting the environment considering their
favorable conditions to sustain growth of biomass energy.
A similar techno-assessment study carried out by De & Assadi (2009) to evaluate
the impact of co-firing biomass in power plants established that biomass co-firing in
existing coal plants has emerged as a prospective option to mitigate the challenge of global
warming. The study was carried out using a pilot test plant and a sensitivity analysis was
also carried out focusing on the logical and economic parameters of the biomass co-firing
process. According to the study results, co-firing biomass with coal is a low investment
opportunity that is viable in reducing CO2 emissions for future large scale applications.
Any significant costs attributed to biomass and coal co-firing are from fuel costs, and not
modifying the coal plants. The study established that NOx and SOx are reduced through
co-firing. Comparable results were also obtained in a study carried out by Mansour &
Zuwala (2010). Biomass Cofiring not only offers an opportunity to increase the share of
energy generated from renewable energy sources, but a major strategy to reduce GHG
emissions resulting from the use of fossil fuels. According to this study, over 150
installations of co-firing biomass with coal on existing power plants reveal the potential of
the technology both economically and environmentally.
Gerssen-Gondelach et al (2014) also carried out a study comparing the performance
of different bio based energy sources from biomass and prospects of these biomass based
values in terms of cost and avoided GHG emissions. The results of the study indicate that
wood chips and pellets co-fired with coal are currently preferred options environmentally
and economically. The study analyzed the four components of biomass value chains that
included production, pretreatment of feedstock, transportation and the conversion process
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in terms of cost and GHG emissions. The study also acknowledges that fuel costs are the
major challenges rather than costs associated with the modifications needed to allow
cofiring biomass and coal. The study suggests that a long-term solution to this challenge is
cultivation of lignocellulose energy crops and to increase the energy intensity for biomass.
The results of the study acknowledge that biomass co-fired with coal has a significant
potential to reduce GHG emissions in the environment without a significant increase in
costs.

2.8 Biomass Co-firing in Selected Regions
2.8.1 Australia
In Australia, coal contributes to 30% of the total GHG gas emissions. Co-firing
biomass with coal has been suggested as an option to reduce these emissions which have a
significant damage to the environment (Khorshidi, Ho & Wiley, 2013). According to
Khorshidi & Wiley, replacing fossil fuels with renewable energy sources is not possible as
a short-term solution due to the high cost associated with implementing renewable energy
technologies. In addition, compared to fossil fuels, they produce less energy, which is
inadequate to meet the current energy demand in the present and in the near future.
Therefore, biomass co-firing with coal remains one of the most effective short-term
alternatives, while not compromising the existing energy demand (Philips & Borschmann,
2015). Philip and Borschmann further note that the majority of coal plant owners in
Australia are considering shifting to biomass co-firing with coal. The major advantage of
co-firing coal in existing coal plants is that it requires smaller investments in terms of
capital as the technologies used in cofiring plants is similar to the one utilized on existing
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coal plants. In addition to reducing GHG emissions, the suitable material for use in the cofiring process is widely available in Australia.
The government of Australia has introduced several policies which are aimed at
curbing GHG emissions such as introducing carbon taxes since 2012. In addition, the
mandatory renewable energy target initiative issues certificates to generators of electricity
who use co-firing. Additional policies are related to fitting the existing coal plants with
CO2 capture besides being modified for biomass co-firing.

2.8.2 Germany
As of 2007, Germany had 30 existing co-firing plants, with the most utilized
biomass fuel being sewage sludge in over 50% of these plants. Use of sewage sludge has
an advantage that it can be co-fired with coal in existing coal plants with co-firing rates up
to 3%, without requiring any modifications to the plant. According to Lüschen, & Madlener
(2013), the major barriers hindering the development of co-firing plants is limitations in
biomass supplies and the complicated procedures in obtaining license to operate cofired
plants.

2.8.3 The United States
Unlike the success in biomass and co-firing achieved in Europe, biomass co-firing
is limited to demonstrations in North America, which is attributed to low or no incentives
on the existing policies to enable the technology to compete favorably with other sources
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of energy. Therefore, fossil based fuels continue to dominate as the primary sources of
energy in North America (Agbor, Zhang & Kumar, 2014).
Coal contributes 55% of the total energy consumed in the United States with coal
plants consuming 87% of all the coal produced in the country. This coal is responsible for
35.8% of all the carbon dioxide released in the United States (Mann & Spath, 2001). The
country is investigating the adoption of biomass co-firing with coal as a solution to mitigate
the effects of GHG emissions, and to also fulfill its commitment to cut down on carbon
dioxide emission according to various international agreements (Agbor, Zhang & Kumar,
2014). According to Agbor, Zhang & Kumar, many co-firing plants in the United States
are still at demonstration levels, still reluctant to adopt the technology at a commercial
level. The major reasons are due to lack of favorable incentives. However, this is changing
due to new environmental policies that require the adoption of biomass and other noncarbon emitting sources of power.

2.8.4 Canada
The situation in Canada is similar to that in United States. Biomass co-firing is
being investigated as a viable option to reduce GHG emissions. There are many
installations at the demonstration level. All of the seven co-firing plants in Canada are
located in Ontario. A factor that is considered when investigating biomass co-firing is the
need to protect forests. Companies in Canada and the United States are actively
investigating technologies to combat the negative environmental impact of power plants,
with biomass being a serious contender (Agbor, Zhang & Kumar, 2014).
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2.9 Research Gaps
All the literature reviewed supports the potential of biomass co-firing with coal as
a means of reducing GHG emissions. The emissions can be reduced down to 0.42t
CO2/MWh for 70% Cofiring (Canadian Clean Power Coalition, 2014). It is a viable option
that can contribute to meeting the goals and objectives set by international regulations on
reducing GHG emissions such as the Kyoto protocol and the recent Paris agreement.
Reviewed literature, shows that in addition to the huge potential for biomass co-firing,
adding Carbon Capture technology has even a bigger potential in addressing the
environmental challenges from GHG emissions, as it results in net negative emissions of
67-85g/KWh for just 30% co-firing of biomass with coal. This translates to -9.9Gt/y of
CO2 annually (Schakel et al, 2014). Similarly, with the appropriate co-firing ratios, the
studies reviewed on the economic viability of biomass cofiring indicate that the worst
economic effects of the technology result from the fuel cost rather than the costs of
modifying the plant.
Therefore, although the reviewed literature demonstrates immense potential in
terms of reducing GHG emissions at low investment cost when biomass is co-fired with
coal at different percentages as well as different types of biomass, limited research
evaluates additional cost implications of adding Carbon Capture and Storage (CSS)
technology in existing coal plants for biomass and coal co-firing. The current study will
therefore economic implications resulting from the addition of CCS on biomass and coal
co-firing plants to determine its viability in addressing the GHG emissions. In addition, the
modelling studies reviewed are mainly based on mass balance calculations. This study
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provides models developed using Aspen Plus and Promax programs. These two programs
are two of the most widely used chemical engineering processes simulators. The ultimate
goal is to develop models capable of depicting the combustion part, the power plant part,
and the CO2 capture unit accurately. After completing the model successfully, it should be
flexible enough to be used for other types of coal or biomass. In addition, any biomass cofiring ratio can be handled by the model.

2.10 Justification for Choices of Specific Conditions
In this thesis, only direct co-firing is implemented. The main reason for this choice is
economic considerations. Going beyond 20% would certainly require a separate boiler to
fire the biomass. This will make the project unprofitable as will be seen in the economics
section. For the same reason, 20% is the highest biomass co-firing rate considered.
Co-firing can be implemented on a mass basis or on a thermal basis. When the fuel is
divided on a mass basis, the co-firing rate is simply a percentage of the mass flowrate of
the fuel. For example, if 100 tons/hr is the fuel flowrate, and a 5% co-firing rate is
implemented, 5 tons/hr would be biomass, and 95 ton/hr would be coal. However, when
done on a thermal basis, the co-firing rate represents the energy produced by the fuel. For
example, if a 100 MW is to be produced and a 5% co-firing rate is used, 5 MW would be
produced by biomass, while the rest would be produced by coal. Employing 5% co-firing
on a thermal basis does not necessarily give 5% on a mass basis. It all depends on the
energy content, known as heating value, of each fuel. In this thesis, the co-firing rate is
implemented on a thermal basis to ensure that the plant output does not decrease due to co-
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firing. If the original coal flowrate is used, with the co-firing being applied on a mass basis,
the lower energy content of the biomass would lead to a decrease in the plant output.
Wood chips were chosen as a possible feedstock because according to the CCPC
(2011), woody biomass is generally available in Canada. Another possible choice was flax
straw due to its availability in Saskatchewan. However, flax straw contains a high fraction
of chlorine, which in turn can be responsible for corrosion. Therefore, flax straw was not
implemented in this study.
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CHAPTER 3: Methodology and Model Development
This chapter explains the methodology followed for building the models and
performing the simulation. The model consists of three units. The first is a combustion unit,
and it is intended to mimic the heat and emission results of a pulverized coal boiler. The
second part of the model is a steam cycle where the useful electrical output of a coal fired
power plant is produced. The third and final part is a carbon dioxide capture unit intended
to mitigate the effects of greenhouse gas emissions produced by the boiler. The first two
units are modeled using Aspen Plus, which is a modelling package owned by Aspen Tech.
The CO2 capture unit was modeled using Promax, which is a modelling package owned by
Bryan Research and Engineering. The three models are eventually combined into one
model in Aspen Plus. This is explained in detail in the following sections.

3.1 Combustion Unit
The model developed for the combustion unit is representative of the boiler part in
a coal fired power plant. This method is largely based on the coal combustion example
provided in the Aspen Plus “Examples” folder. This combustion model is explained in
detail in the Aspen Plus Solids Manual (Aspen Tech, 2013). Figure 6 shows the flowsheet
provided by Aspen Plus. Some modifications are introduced to make the model developed
for this thesis more realistic.
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Figure 6: Aspen Plus combustion example

The Aspen Plus example introduces the combustion air at a temperature of 77F,
which is the ambient temperature. This differs from the combustion performed in coal
power plants, where the combustion air is passed through air preheaters (APHs) to increase
its temperature before combustion takes place. The air preheater is a heat exchanger that
recovers heat from the flue gas and provides the recovered heat to the combustion air,
which in turn, increases the boiler efficiency (Chaplin, 2009). An APH unit is also added
in this thesis. The APH is represented by a countercurrent heat exchanger with the flue gas
entering the hot side, and the combustion air entering the cold side.
In addition, to utilize the heat produced during the combustion process, a heater
block is added to extract that heat. This is achieved by passing the products into the added
heater block right after they exit the “BURN” block. Consequently, the heat is advanced to
the steam cycle where it is employed for electricity production. This method was
implemented by (Alie, 2004).
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Another modification that was added to the initial flowsheet involves a Flue Gas
Desulfurization (FGD) unit. This is a typical unit used in coal fired power plants to clean
the flue gases from sulfur oxides SO2 and SO3, usually combined as SOx. In addition to
the environmental benefits of removing these gases, this step becomes more pressing when
a CO2 capture unit is to be incorporated in the power plant. This is addressed further in
section 3.3 where the model of the CO2 capture unit is explained in detail. The FGD unit
in this thesis is represented using the separator unit in Aspen Plus. The separator allows the
user to specify the fraction of a component to be separated from the flue gas. According to
Manuilova (2011), the separation efficiencies for SOx gases in Boundary Dam units are
99% for SO2, and 50% for SO3. It should be mentioned that no chemistry is involved in the
separator unit. Rather, only the fraction to be removed is specified. To account for the
power requirements of a typical FGD unit, literature values are used. That needed power is
consequently provided by the power plant.
A typical coal boiler commonly employs a unit called an electrostatic precipitator
(ESP). The ESP removes the suspended solid, known as particulate matter, from the flue
gas. These solids include soot and ash suspended in the gases exiting the stack (Parker,
1997). Because the flue gas produced by the Aspen Plus model used in this thesis lacks
that component, the ESP unit was not added. After performing the modifications, the final
flowsheet is shown in figure 5.

3.1.1 Process Overview (Combustion)
As figure 7 shows, the coal is first introduced to a block called DECOMP. This
block is an imaginary block, and it does not exist in an actual power plant. However, it is
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necessary for this simulation because Aspen Plus does not recognize coal as a component.
The solution suggested in the Aspen Plus tutorial (Aspen Tech, 2013) is to decompose the
coal into its individual elements, and thereafter, to send it to the next reactor for
combustion, and this is accomplished using the DECOMP reactor. This reactor is of type
RYIELD. Since the sole task of the reactor is to decompose the coal, it is operated at
ambient temperature and pressure (25oC and 101.3 kPa). Decomposing the coal produces
heat, which is represented by the “Q-DECOMP’ stream. For the combustion to be accurate,
the heat produced by decomposing the coal must be transferred to the next reactor.

Figure 7: Modified combustion flowsheet

After being decomposed, the coal travels to the BURN reactor where the
combustion takes place. This reactor is of the type RGIBBS. The Gibbs reactor has the
ability to provide the products of a reaction and the quantities of those products based on
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the assumption that the combustion proceeds to equilibrium. This means that the chemical
reactions taking place during combustion do not need to be specified.
The next step involves extracting the heat using a heater block “Boiler” as explained
above. After extracting the heat, the products pass into the “Separate” block, where the
gases are separated from the ash and solids. The gases then travel to the APH, which is
heater block. The APH employs a countercurrent heat transfer to preheat the combustion
air. Finally, the gases travel to the FGD unit, where 90% of SO2 and 50% of SO3 are
removed (Manuilova, 2011). The flue gas leaving the FGD is the input for the CO2 capture
unit, which is explained in later sections.

3.1.2 Aspen Plus File Inputs (Base Case)
3.1.2.1 Property Method (Combustion)

Since appropriate input conditions are essential for obtaining the desired results,
they are explained in detail in this section. First, an appropriate thermodynamic package
must be chosen to perform the coal combustion. Aspen Plus is very versatile and contains
a considerable number of thermodynamic packages. However, for coal combustion, the
Aspen Plus documentation recommends using the PR-BM package. The PR-BM method
is based on the Peng Robinson equation of state. The next step would be to specify the
components. Coal and biomass are not natively available on the Aspen Plus component
library. To add them, they are simply typed in the component list, and their types are
changed to ‘nonconventional.’
For components considered non-conventional by Aspen, the user must specify a
method for calculating the component’s density and enthalpy. For this purpose, coal and
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biomass are treated similarly. The program offers two methods for calculating those
properties for coal. The methods are called DCOALIGT for density and HCOALGEN for
enthalpy. As a part of the enthalpy calculation, the user can either choose to allow Aspen
to use the coal composition to calculate the coal higher heating value (HHV) automatically,
or specify it manually. For the purpose of this thesis, the coal HHV is specified manually
based on a previous study using the same type of coal (Manuilova, 2011). This thesis is
based on a typical Saskatchewan based coal power plant. Saskatchewan coal power plants
use lignite, which is the lowest rank of coal. Table 3 shows the coal composition.
Table 3: Saskatchewan lignite coal composition

Proximate Analysis

(%)

Moisture

35

Fixed Carbonwet basis

42

Volatile matterwet basis

13.5

Ashwet basis

9.5

Ultimate Analysisdry basis

(%)

Carbon

64

Hydrogen

4

Nitrogen

1.5

Chlorine

1.5 × 10-5

Sulfur

0.83

Oxygen

15

Ash

15

HHV (kJ/kg)wet basis

23260
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The remaining steps for specifying the coal HHV manually can be found in the
Aspen-Plus tutorial (Aspen Tech, 2013). The simulation blocks and streams, all of which
can be found in figure 7 above, are specified next. Most of the specified streams and blocks
require two specifications to allow running a simulation.

3.1.2.2 Block and Stream Specifications

First, coal is specified at atmospheric pressure (101.3 kPa) and a temperature of 70
o

C. This temperature specification is based on the pulverizer outlet temperature, which

directly precedes this step (Nag, 2014). The coal flowrate is initially set at a random value,
which is 220 kg/h in this case. The flowrate is changed using an Aspen-Plus Design Spec
block. The purpose of the block is to change the flow rate such that the ‘boiler’ block
produces the required heat. This particular Design Spec proves to be valuable when the
biomass co-firing fraction is varied.
When it comes to specifying the ‘Air’ stream, it should be mentioned that the
objective of the combustion process is to reach complete combustion, where all of the
available carbon is converted into CO2. For a solid fuel, each constituent of the fuel is
considered separately using its own combustion equation, and this is how Aspen Plus
handles coal combustion. The required stoichiometric oxygen can be found using the
following equations. Each equation deals with one of the coal individual constituents.
•

Carbon:
O2,Flow 

32
 Coal Flowrate  Carbon Fraction
12.01
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Eq. 3.1

•

Hydrogen:
O2,Flow

•

32
 Coal Flowrate  Hydrogen Fraction
4

Eq. 3.2

Sulphur

O2,Flow 

32
 Coal Flowrate  Sulfur Fraction
32

Eq. 3.3

Equation 3.3 is also used to calculate the required oxygen resulting from the oxygen
presence in the fuel. Only the sulfur fraction needs to be replaced with the oxygen fraction.
The above equations give the required flowrate of oxygen. It is assumed in this thesis that
air is comprised of 21% oxygen, and 79% nitrogen. The following equation is used to
calculate the nitrogen flowrate.

N 2, Flow  3.76  O2,Flow

Eq. 3.4

It is common practice in coal power plants to introduce an additional amount of air,
called excess air, to minimize the incomplete combustion products. For lignite, 20% excess
air is considered a reasonable and commonly used value (Hanaoka, Tressner, Hamel, Zajac,
& Santhirasegaran, 2017). To introduce the air at an excess amount of 20%, an Aspen Plus
calculator block is used. This block uses the coal composition and flowrate as basis to
calculate the air flowrate. The ‘Air’ stream is introduced at ambient conditions.
The decomposition block ‘Decomp’ is specified next. This block requires
specifying the yield distribution of the coal constituents. Just like the flowrate for coal and
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air, the values for yield distribution are randomly entered as they will be overridden using
another calcultor block. This calculator determines the decomposition yield distribution
based on the coal constituents. The calculators employed for coal decomposition and air
flow rate are based (AspenTech, 2013; Alie, 2004). As mentioned above, this block is also
specified at ambient pressure and temperature.
The temperature of the ‘boiler’ block is specified. The outlet of this block contains
the flue gas and ash. Changing the temperature in this block affects the amount of coal and
gases emitted from combustion. Therefore, the temperature value was varied until the
results gave a reasonable match to mass balance calculations performed to validate the
model.
The next block to be specified is the air pre-heater (APH). The APH is a cross heat
exchanger cooling the flue gas and heating the combustion air. The necessary input is
completed by specifying the outlet temperature of the flue gas. This temperature is set at
289.5 as per a study published by the National Energy Technology Laboratory (NETL,
2011).
The last unit to be specified is the FGD block. This is simply a separator block
where 90% of SO2 and 50% of SO3 are extracted into the ‘extract’ stream.

3.1.3 Aspen Plus Inputs (Biomass Co-firing)
The input conditions for the co-firing case are very similar to the base case.
However, in order to add the biomass on a thermal basis, one additional decmop block, and
1 additional Gibbs treactor are added to handle the boimass combustion. Although this may
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seem like parallel co-firing, it is only a visual separation in the simulator. After obtaining
the results from this simulation, the same inputs are tried in a flowsheet that combines both
coal and biomass in the same reactor. The results were identical. Separating the units used
for biomass and coal gives better control of the biomass co-firing rates, and better
organization of the results. Figure 8 shows this layout.

Figure 8: Co-firing of biomass and coal

Similar to the base case, two Desin Spec blocks calculate the amount of the fuel
required to produce the desired heat. The desired heat is determined after taking the
efficiency loss caused by biomass co-firing in consideration.The flowsheet used in the cofiring case can be found in the appendix. Because the boiler efficiency is inversly
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proportional to the biomass fraction, and due to the HHV of biomass being lower than that
of coal, the required heat and the required fuel amount increase with an increasing biomass
fraction. Table 3.2 shows the composition of biomass. Of the many biomass types, wood
chips was chosen in this study based on a report published by the Canadian Clean Power
Coalition (CCPC). According to CCPC (2011), flax might be a suitable option for co-firing.
However, in addition to being relatively costlier, it also poses several operational
challenges. Wood chips, on the other hand, are generally less costly, and more easily
acquired. Table 4 show the composition of wood chips.
Table 4: Biomass composition (Wood Chips)

Proximate Analysis

(%)

Moisture

30

Fixed Carbondry basis

20

Volatile matterdry basis

77.5

Ashdry basis

2.5

Ultimate Analysisdry basis

(%)

Carbon

50

Hydrogen

6

Nitrogen

0.55

Chlorine

0.03

Sulfur

0.12

Oxygen

40.8

Ash

2.5

HHV (kJ/kg)dry basis

19881
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The HHV was calculated using the following correlation published by Ghugare, et
al. (2014). The equation gives the HHV on a dry basis in kJ/kg:

HHV  0.367C 

C  H  115.971
91.531
232.698


2.131 C  93.299 10.472 H  0.129 C  O 35.299  N 77.545  S
53.883 O
2



3.1.4 Model Validation
Due to this model being generic, the most reasonable means of validation would be
a mass balance check. The mass balance is based on the expected products assuming a
complete combustion. The following equations, which follow the same concept of those
used to find the required amount of combustion air, are reported below.
The amount of required coal can be calculated using the following equation

QCoal 

Gross Power  Cycle Heat Rate

Eq. 3.5

CoalHHV

The targeted gross power is 150 MW, and the cycle heat rate is assumed to be 10000
kJ/kWh. Manuilova (2011) obtained values for all six units of Boundary Dam power station
from Saskpower in 2011. The heat rate value of 10000 kJ/kWh, or efficiency if 36% is
based on one of those units.
For the amount of produced CO2:

QCO2  Qcoal  C 

44
12

Eq. 3.6
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Where C is the carbon fraction in the coal.
For the amount of SO2 and SO3 produced, it is assumed that 85% of the sulfur is converted
to SO2, and 1% is converted to SO3. These assumptions are based on numbers given in
(Manuilova, 2011).

QSO2  Qcoal  S  0.85 

64
32

Eq. 3.7

QSOS  Qcoal  S  0.01

80
32

Eq. 3.8

Where S is the sulfur fraction in coal.

The following table (table 5) shows the results of the mass balance compared to the
simulation results. This shows that the model is capable of predicting the amount of coal,
and CO2 emissions quite accurately. The prediction of SOx seems to be less accurate, but
it’s still within 16%.

Table 5: Model validation

Parameter

Mass Balance

Simulation

Difference

Qcoal (ton/hr)

98.22

98.22

0%

QCO2 (ton/hr)

148.59

148.27

0.21 %

QSOx (ton/hr)

0.914

1.06

15.97 %
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The difference in SO2 emissions results from the fact that in the coal power plant,
a percentage of the sulfur is captured in flyash resulting from the combustion process. This
component does not exist in the Aspen Plus model. If the fraction of sulfur converted to
SO2 is changed to 0.95 in the mass balance equations, the amount of sulfur produced
changes to 1 ton/hr. This shows that the Aspen Plus model converts essentially all of the
sulfur to SO2. Given that this is a generic plant, and that the percentage of sulfur oxidizing
to SO2 or SO3 could differ depending on the plant and conditions, the model can be
considered reasonably accurate. Ultimately, the goal is to investigate how these emissions
are altered with biomass co-firing. For the simulation, it is assumed that the gross plant
efficiency is 36%. This number is based on the cycle heat rate. For a 100% efficiency, the
cycle heat rate would be 3600 kJ/kWh since 3600 kJs are required to produce 1 kWh in
ideal conditions. When 10000 kJs are required to produce 1 kWh, the overall efficiency is
36%. As such, the combustion portion of the model produces 416.67 MW of heat for the
base case. This translates to 150 MW of power produced by the power plant.

3.2 Steam Cycle
Steam cycles are classified based on their steam pressure and temperature. A
subcritical steam cycle employs steam with conditions below the critical. Namely, the
steam pressure is below 22.06 MPa. When the steam flowing in the power plant has a a
pressure higher than the critical at any point in the plant, then the cycle is considered
supercritical. The coal power plants in Saskatchewan are operated under subcritical
conditions. As with the majority of power plants, the steam cycle has three turbine groups:
high pressure (HP), intermeidate pressure (IP), and low pressure (LP). The steam leaves
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the boiler and enters the HP group where turbine blades are spinned to generate electricity.
After the steam leaves the HP group, it is rerouted to the boiler to be reheated and forwarded
to the IP group. The steam then goes through the IP and LP groups without any reheating.
A unit operating in this manner is called a single reheat unit. The streams that seem to be
exiting the middle of the turbines are usually reflective of turbine stages. This is true
because there are usually several stages in each turbine group. After leaving the turbine
groups, the steam is condensed and sent through a series of feedwater heaters, before being
sent back to the boiler and repeating the cycle. The purpose of the feedwater heaters is to
preheat the feedwater before introducing it to the boiler. This has the effect of improving
the efficiency of the cycle. Figure 9 shows the steam cycle used in this study. It is adopted
from a study publised by the American Department of Energy (DOE) through the National
Energy Technology Laboratory (NETL, 2015). The cycle is operated under steam
conditions of 566oC and 16.6 MPa and a reheat temperature of 566oC. It produces gross
power of 581 MW. To make the cycle more representative of a Saskatchwan power plant,
the main and reheat temperatures were adopted, but the pressure was changed to 1800 psig.
These values are those found at Boundary Dam power plant in Estevan, SK (B. Jacobs,
personal communication, 2017). The steam pressure and temperature values were provided
by Brent Jacobs, who is a senior engineer of power generation in Saskpower. The steam
pressure was modified after validating the model to ensure the model’s ability to predict
the outputs with reasonable accuracy.
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Figure 9: Original steam cycle adopted from (NETL, 2015)
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Although the steam cycle is a relatively large model with several blocks involved,
the modeling aspect is rather straigh forward. The only point of difficulty stems from
having several stages in each turbine group since Aspen Plus cannot divide a turbine unit
into stages. The solution to this problem is to simply model each turbine stage with a
separate turbine. Drawing the remaining units of the cycle is basically identical to how
those units are placed in figure 9. Figure 10 shows how the steam cycle looks after being
converted to an Aspen Plus flowsheet.
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Figure 10: The steam cycle in Aspen Plus
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3.2.1 Process Overview (Steam Cycle)
The steam cycle starts with the feedwater entering the boiler represented by the
heater block ‘Boil.’ This block turns the water into the steam that is used in the turbines
and generate electricity. The steam leaves the heater block and goes to the first turbine
group, which is the HP group. In the reference steam cycle, this group is represented by
one stage. Hence, one turbine unit is used in Aspen plus to represent this group. This turbine
unit is named “HP1.” Next, the steam leaves HP1 and is split into two streams. The smaller
stream goes to a feedwater heater to heat the incoming feedwater. However, the majority
of the steam leaving HP1 is routed back to the boiler to be reheated. As previously
mentioned, this is the only reheat taking place in this cycle, which makes it a single reheat
cycle. This reheat process is represented by another heater block named ‘Reheat.’ The
heater blocks ‘Boil’ and ‘Reheat’ constitute the boiler side of the steam cycle. The reheated
steam leaves the reheater and proceeds to the IP turbine group. There are two stages for IP
in the reference cycle. Therefore, two turbine units are used to reproduce the IP group in
Aspen Plus. Similar to the previous turbine unit, a fraction of the steam passing through
the turbine is sent to one of the feedwater heaters. This is a common feature used in the
turbine units of this simulation. After the IP group, the steam passes through the LP group.
The LP group in this reference cycle contains five stages. As such, five turbine units are
used to depict these stages in Aspen Plus. The steam leaving the last stage is combined
with a ‘Makeup’ stream. The purpose of this Makeup stream is to compensate for any lost
steam throughout the previous steps of the process. At this point, the first half of the steam
cycle, which relates to utilizing steam for electricity generation, has been performed. What
remains is to condense and preheat the steam, which serves as preparation before reintroducing the steam to the boiler. The bottom half of the steam cycle starts with
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combining the Makeup stream and the steam leaving the turbines using a Mixer block
named ‘Mix1.’ The resulting mixed stream is sent to a heater unit named ‘Condense’,
which condenses any remaining steam. A pump block is used afterwards to drive the steam
to a series of feedwater heaters. This group of heat exchangers is sometimes referred to as
a feedwater heater train. The feedwater heaters train preheats the feed water by means of
fractions of steam extracted from the turbine groups throughout the cycle. A deaerator unit,
which is a mechanical device that removes dissolved gases, is depicted using an Aspen
Plus mixer block. Adding a deaerator is necessary to protect the equipment from corrosion
that might be caused by dissolved gases like oxygen (DOE, 2012). The stream leaving the
deaerator contains the water added to the cycle through the Makeup stream, and the water
remaining at the cycle. At certain instances, this sum exceeds the quantity of water that was
originally introduced at the beginning of this process. Allowing this sum to continue to the
boiler would throw the cycle out of balance, and make it operate in an unsteady state. This
issue, however, is solved through the use of a ‘Blowdown’ stream. The Blowdown stream
discards any amount of water exceeding the amount introduced originally at the start of the
process, and therefore, ensures the mass balance of the steam cycle is satisfied. After
discarding the Blowdown stream, a pump block is used to drive the water through the
remaining feedwater heaters. All the feedwater heaters are represented using an Aspen Plus
‘HEATX’ unit, which is a cross heat exchanger. To complete the cycle, the water leaves
the feedwater heaters and is finally sent back to the boiler (Boil block) to repeat the cycle.
The reference cycle produces a gross power of 581 MW, but is modified in this study to
produce 150 MW gross power, and therefore, be more representative of a typical
Saskatchewan coal power plant unit.
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3.2.2 Aspen Plus File Inputs (Steam Cycle)
3.2.2.1 Property Method (Steam Cycle)

The only fluid used in the steam cycle is water. The main property used to describe
the process involves using steam tables. This can be used in any property method in Aspen
Plus by simply specifying the free water method to one of the steam tables methods. The
free water property used here is STEAMTA. In addition, the general property method used
in this steam cycle is the Peng Robinson thermodynamic package. The reason for using the
PR method is that later in this thesis, there will be a connection between the steam cycle
and the CO2 capture unit. The thermodynamic package used in the CO2 capture unit is an
electrolyte package combined with PR. To keep the consistency of the packages used in
the overall model, PR is used in the steam cycle.

3.2.2.2 Block and Stream Specifications (Steam Cycle)

The specification process can be started by specifying the ‘Boil’ block. The outlet
conditions for the main steam used in this study are 566oC for temperature, and 12.4 MPa
for pressure. These are the steam conditions of the main steam leaving the boiler, and are
used based on discussions with (Jacobs, 2017) as they are typical of Saskatchewan coal
plants. As done with the Boil block, the Reheat block is specified using the outlet
conditions of the reheated steam. Ideally, this block increases the steam temperature
without having any effect on the pressure. Therefore, the block has a temperature
specification of 566oC, and a 0 kPa for the pressure specification. In Aspen Plus heater
block, a pressure specification greater than zero specifies the outlet pressure, while a
specification less than or equal to zero signifies a pressure drop.
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The turbine groups are specified next. In addition to the turbine efficiency and type,
Aspen plus requires one specification for each turbine unit. The specification used in this
study is the pressure ratio, which is the ratio of the turbine’s outlet pressure to the turbine’s
inlet pressure. Specifying the pressure ratio rather than directly specifying the outlet
pressure increases the flexibility of the model. In other words, it allows the usability of the
model in case of changes to the main or reheat steam conditions. The turbines are all
specified to be isentropic, and their isentropic efficiencies are based on values provided by
the NETL guidelines (NETL, 2012). The same concept is used to specify all splitter units.
As the name suggests, the splitter units are used to split a stream into two or more streams.
The splitter outlet streams have the exact same conditions as the inlet. These splitters were
particularly useful to extract a fraction of the steam passing through a turbine and send that
steam to the feedwater heaters. The splitter is specified by the percentage of the inlet stream
that each outlet stream contains. If there are n oulet streams, the percentage needs to be
specified in n-1 streams. Within the same category of blocks, ‘Mixers’ were used througout
this model to combine two or more streams into one. The mixers do not usually require any
specification. The only mixer requirement is to complete all the required connections. The
outlet of the mixer usually has a pressure equal to the lowest among the inlet streams. On
the other hand, Aspen calculates the Mixer outlet temperature assuming adiabatic flow.
Next, the ‘Condense’ block, which is a heater unit, is specified using the outlet
pressure and temperature. The outlet stream conditions are 38.3oC for temperature, and 7
kPa for pressure. As previously mentioned, ‘Condense’ is the block that condenses any
remaining steam before introducing the fluid to the feedwater heaters.
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Two pump units were used in the flowsheet. The first pump is placed after the
condenser, while the second succeeds the deaerator. To increase the flexibility of the
model, the pressure ratio is once again used to specify the pressure change occuring through
the pumps. Both pumps have an efficiency of 60%, which is the efficiency recommended
by the NETL for a subcritical steam cycle (NETL, 2012).
The final units that need to be specified here are the feedwater heaters. There are
several ways to specify heat exchangers in Aspen Plus. The method used in this study is to
specify the outlet temperature of the hot stream. In Figures 9 and 10, the hot stream enters
the top of all the heat excahngers, while the cold stream enters through the sides. The input
file of this steam cycle can be found in the appendix.

3.2.3 Model Validation
To validate the developed model for the steam cycle, the values obtained in Aspen
Plus are compared to the values provided by the NETL. To do this, the plant input
conditions are input to give the same 581 MW of power in the original cycle adopted from
NETL. The Aspen Plus model gives 571 MW of power compared to the 580 MW, which
shows that the model’s value is within 1% of the NETL value. The difference may have
resulted from ignoring the pressure drop through the heat exchangers in Aspen Plus. Figure
11 shows the simulation results that can be compared to the numbers in figure 9. The model
output power is then decreased to 150 MW after changing the flowrate and conditions of
the steam, giving the results shown in figure 12.
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Figure 11: The simulated steam cycle (Aspen Plus)
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Figure 12: Modified steam cycle giving 150 MW
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3.3 CO2 Capture Unit
As mentioned in the literature review chapter, post combustion capture is the most
compatible form of CO2 capture with coal power plants. For this part of the model, another
program, Promax, was used. Promax is a chemical processes simulation program that is
developed by Bryan Research and Engineering. The decision to use Promax was based on
two reasons. First, Promax was found to predict the CO2 capture (absorption with MEA)
more accurately than Aspen Plus (Ahmadi, 2012). In addition, due to the availability of
the recycle block, Promax has the ability to converge more easily than Aspen Plus. The
two main pieces of equipment in a CO2 capture unit are the aborber and the stripper. In the
absorber, CO2 is captured by absorption through the use of MEA, which is a primary amine.
The stripper, on the other hand, employs heat to regenerate the amine by separating the
absorbed CO2 from it. This gives a lean amine that can be used in the absorber once again.
There are several accessory pieces of equipment, and their purpose is to facilitate the
operation of the absorber and stripper. Figure 13 shows a typical diagram of a CO2 capture
process. Generally, MEA is mixed with other amines (such as MDEA) for flue gas
treatment. This step is necessary to address amine degradation resulting from the presence
of oxygen in the flue gas. However, the calcuations in this thesis were done for MEA to
investigate the economic feasibility. If the use of MEA proves to be economically feasible,
the next step would involve repeating the modeling with a mixed amine.
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Figure 13: Typical CO2 capture unit

3.3.1 Process Overview (CO2 Capture)
The process starts by incorporating the flue gas from the Aspen Plus simulation.
The flue gas stream is fully defined by specifying the pressure, temperature, composition,
and flowrate. The first step in this flowsheet involves cooling the flue gas to the desired
conditions. For CO2 absorption with MEA from a gas emitted from a coal power plant, a
flue gas temperature of 40oC is a typical value. Furthermore, the pressure of the flue gas
exiting the FGD unit will not be sufficient to overcome the pressure drop in the absorber.
Hence, a blower is added to increase the flue gas pressure.
Having the SOx and NOx components in the flue gas can be problematic in Promax.
This is so because they can deactivate the amine to a certain degree. Since this is a dynamic
process, and Promax is a steady state simulator, the flowsheet will not converge with the
presence of these gases because they enter the system but never leave. As such, and after
discussions with Promax support (Krouskop, personal communication, 2017), a divider
was used to remove these gases from the flue gas. Also, the divider removes the water
component of the flue gas. This was necessary because with the given flue gas composition,
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the stream will have a liquid phase at the desired absorber conditions. However, since the
flue gas entering the absorber must be saturated, a saturator was added before introducing
the gas to the absorber. At this point, the flue gas can be introduced at the bottom, while
MEA is introduced at the top of the absorber. The flue gas and MEA flow counter-currently
in the packed column, which facilitates the carbon absorption by the amine. The cleaned
gas, with only 10% of the CO2 remaining, flows out the top of the absorber column. The
amine, known at this point as rich amine, flows from the bottom of the absorber. This amine
must be sent to the stripper in order to be regenerated. First, the rich amine passes through
a pump to increase its pressure, so that the stripper operates at a higher pressure than the
absorber. The rich amine continues flowing and enters the ‘Lean Rich Exchanger’ block.
In this block, the regenerated lean amine is cooled on its way back to the absorber, while
the rich amine experiences a temperature increase as it is heading to the stripper. Next, the
rich amine enters the stripper block in order to be regenerated. Figure 13 shows a reboiler
connected to the stripper. The reboiler is the most demanding component of a CO2 capture
unit in terms of cost and energy. In the reboiler, and depending on the desired lean amine
loading, a steam of particular pressure and temperature is provided. This steam boils the
amine and drives the amine vapors up the stripper. These vapors flow counter-current to
the rich amine flowing down the stripper. The product exiting the top of the stripper is a
concentrated CO2 gas stream. On the other end, the liquid flowing from the bottom of the
reboiler is the lean amine that is routed to and reused in the absorber. In this study, the lean
amine loading is set to 0.2 mol CO2/mol MEA. The lean amine then flows to a recycle
block, which is an imaginary block that does not exist in reality. This block is necessary to
ensure that the mass balance of the process is satisfied. After that, the lean amine enters the
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Make-up/Blowdown block, which is intended keep the amine concentration at the desired
value. Finally, the lean amine goes through a cooler with the goal of decreasing its
temperature to the appropriate value for the capture process. Figure 14 shows how this CO2
capture unit looks in Promax.

Figure 14: CO2 capture unit in Promax

3.3.2 Promax File Inputs
3.3.2.1 Property Method (CO2 Capture)

Selecting the appropriate property method is essential for predicting the CO2
capture process accurately. Promax contains an extensive liberary of thermodyamic
packages. However, according to Promax support, and several sources (Ahmadi, 2012;
Aspen Tech, 2014; Shi, 2014), the appropriate property method for this applications is the
Electrolyte/NRTL method, especially when the model is rate-based rather than
equilibrium-based. This is so because this data package includes all the reactions and
kinetics necessary for modelling carbon capture accurately. In Promax®, There are two
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packages that are specifically used to simulate CO2 capture with amines. These two
packages are ‘Amine – PR’ and ‘Amine – SRK.’ Both packages use the same
electrolyte/NRTL environment. The only difference invloves the equation of state, with PR
standing for Peng Robinson, and SRK standing for Soave-Redlich-Kwong. For this study,
the Amine-PR package is used. The needed chemical components and compounds must be
added before proceeding to the block specification step.

3.3.2.2 Block and Stream Specifications (CO2 Capture)

The flue gas stream ‘flue gas’ must be fully specified. The required specifications
include pressure, temperature, composition, and flowrate. When a stream is fully specified
in Promax, it turns green. This flue gas stream is the same stream coming from the outlet
of the FGD unit. As such, the two streams will have identical properties. The stream
contains small amounts of NOx and SOx gases. As previously mentioned, having these
components in the flue gas prevents Promax from converging. The reason is that these
compounds react with and deactivate the amine. When the amine is deactivated, it cannot
be regenerated in the reboiler, which disrupts the mass balance. The solution to this
problem is to insert a divider block that separates SOx and NOx from the flue gas. The
divider also spearates the water content of the gas, which turns the compoisiton of the flue
gas to the dry basis. This is done because when the flue gas is cooled to the desired
conditions for absorption, it will contain a liquid phase, which is undesired for the gas
introduced to the absorber. However, this gas needs to be saturated. Hence, a saturator
block is added after the divider to saturate the stream at the same pressure and temperature.
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Next, the most intricate part in setting up this simulation involves the absorber and
stripper. There are several distillation columns in Promax depending on the parts attached
to it. An absorber is a distillation column without any attachments. The CO2 capture model
is built and based on assumptions and recommendations provided by Promax for amine
sweetening. Several specifications are needed in the absorber block. First, the number of
stages is set to 13 based on discussions with Promax support staff. Also, the used column
type should be changed from ‘Ideal Stage’ to ‘Tsweet Kinetics,’ This is necessary to
convert the calculation from ideal stage to rate-based, which yields more accurate results
when CO2 capture is modelled. When a primary amine like MEA is used, the capture
process is dominated by the kinetic effects rather than equilibrium conditions. The Tsweet
Kinetics method ensures that this fact is taken into consideration. In addition, the pressure
(or pressure drop) through the column is specified. The pressure drop specification is
calculated from the corresponding column hardware. This gives a good degree of flexibility
when the model is upscaled. Next, because the column is set to a rate-based method, the
hardware specifications need to be added. Compared to Asepn Plus, Promax is much more
flexible when setting up distillation columns. Instead of specifying the column diameter,
the user can specify the fraction flooding, and Promax calculates the appropriate diameter.
The fraction flooding is set to 70% based on recommendations by Promax documentation.
Further, the column can either have trays or packing. To keep the model consistent with
CO2 capture models mentioned in the literature (Ahmadi, 2012; Aspen Tech, 2014), the
absorber is specified with a structured packing of Flexipack 250.Y, which is a metal
packing. Finally, the Real/Ideal stage ratio is set to 1. This is done to show that the number
of stages used corresponds to the real stages and results in a more rigorous calculation.
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The absorber is succeeded by a pump block that is intended to increase the pressure
of the absorber’s bottom outlet, which is known as the rich amine. As the name implies,
this stream is an amine solution that just absorbed CO2 while in the absorber, and therefore,
it is rich with CO2. The pump block increases the pressure of this stream to 30 psia so that
the stripper operates at a higher pressure than the absorber, which is typical in CO2 capture
plants (Warudkar, Cox, Wong, & Hirasaki, 2013). The stream leaves the pump and travels
to the lean/rich heat exchanger block. This block is a cross heat exchanger that has the rich
amine on its cold side, and the lean amine on the hot side. The cold stream (rich amine)
outlet temperature is specified in this block to 101oC. According to Promax documentation,
the recommended temperature range for this stream is 82 – 104 C. Other studies (Dugas,
2006; Notz, Mangalapally, & Hasse, 2012; Sanspasertparnich, Idem, Bolea, deMontigny,
& Tontiwachwuthikul, 2010), have used temperatures ranging from 100 to 107oC.
The next step involves specifying the stripper column, which is a simpler process
when compared to specifying the absorber. The number of stages is set to 13. The value of
13 stages was recommended by Promax support (P. Krouskop, personal communication,
2017). However, a value of 13 stages is generally less than the values mentioned in the
literature. Typically, these values are more than 20 stages (Allahyari, 2013). A value of 25
stages was also tested, which resulted in a very small difference that did not affect the
conclusion. The pressure is specified by setting the bottom pressure to 28 psia, and the
pressure drop to 4 psi. These values are also adopted from recommendations by Promax.
The most important item in the stripper column is the column type. Strippers in Promax
operate with the ‘Tsweet Stripper’ mode, which gives the user the convenience of not
having to specify the sizing and hardware of the stripper column. However, the stripper is
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a distillation column connected to a partial condenser and a reboiler. This creates two
degrees of freedom, and therefore, two necessary specfications. Several parameters can be
specified to satisfy the two degrees of freedom. The two parameters chosen in this study
are the condenser temperature, and component ratio that calculates the reboiler steam rate
necessary to give a certain amine loading in the lean amine stream exiting the reboiler.
Once again, as the name implies, the ‘lean amine’ stream contains an amine solution that
has just been been stripped of a certain amount of CO2 in the reboiler and the stripper. The
condenser temperature is set to 40 C, while the lean amine loading is set to 0.205 mol
CO2/mol MEA.
The lean amine leaves the stripper and traevls to the ‘Recycle’ block through the
lean/rich exchanger. The stream exiting the ‘Recycle’ block must be fully specified. This
block is an imaginary block that does not exist in reality. Its purpose is to aid the
convergence of the flowsheet by creating a semi closed-loop. When the lean amine stream
enters the Recycle block, the simulations starts again at the block’s outlet. Clearly, the
simulation is not considered to have converged until the inlet and outlet of the Recycle
block are identical. The next block, Makeup/Blowdown, is an essential component of this
flowsheet, and it is one of the advantages of using Promax compared to Aspen Plus. In this
block, the user specifies the concentration of the used amine. The amine used in this study
is a 5M MEA, or a 30% wt MEA. This concentration was chosen due to its effectiveness
and high reaction rate (Ahmadi, 2012; Sanspasertparnich et al., 2010). The input to this
block is completed by specifying 30% mass fraction of MEA in the Target Outlet
Composition, and 100% mass fraction of water in the Makeup Bulk Composition. The
advantage of using the Makeup/Blowdown block is that the amine concentration is always
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kept at the desired value by discarding any extra material, and providing makeup for any
losses occuring during the process. After that, the lean amine needs to be cooled further
before being introduced at the top of the absorber. This is achieved by passing the amine
through a cooler. The pressure drop is specified in this cooler in order to set the pressure
of the outlet stream. The temperture of the outlet stream can be directly set in the stream
properties. When introduced to the absorber, this stream should have a temperature and
pressure of 40 C and 109 kPa, respectively. Both inlets to the absorber have a pressure of
109 kPa because the absorber operates at atmospheric pressure (Sanspasertparnich et al.,
2010). If natural gas was being treated, the temperature of the amine would have to be set
at least 5oC higher than the temperature of the inlet gas. The purpose of this setting is to
ensure that no hydrocarbons condense within the absorber. At this point, the flowsheet
should be fully specfied and ready to run.

3.3.3 Model Validation
The model is validated by confirming that it is producing the desired results. It
remove 90% of CO2 contained in the flue gas, and have a lean amine loading of 0.205 mol
CO2/mol MEA. In addition, the obtained reboiler heat duty is compared to other studies in
the literature to confrim the accuracy of the model in predicting this particular parameter.
Since the steam needed for the reboiler duty is extracted from the power plant, predicting
the boiler duty accurately can be considered the main objective of modelling the CO2
capture unit. The results show that the model indeed captures 90% of flue gas CO2, and
gives a lean amine loading of 0.205 mol CO2/mol MEA. The rich amine loading, however,
seems to be unusually high. Most values found in the literature for 30% wt MEA are in the
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range of 0.4 – 0.49 mol CO2/mol MEA. However, the model developed in this study gives
a rich loading of 0.53 mol CO2/mol MEA. According to Huertas, Gomez, Giraldo, &
Garzon (2015), there are two reactions involved for CO2 capture with amines. Namely,
2 R  NH 2  CO 2  R  NH 3  R  NH  COO 

Eq. 3.9
R  NH 2  CO 2  H 2 O  R  NH 3  HCO3

Eq. 3.10
Primary amines usually follow the path shown by the first reaction, which should
limit the possible rich amine loading to 0.5 mol CO2/mol MEA. However, it is possible for
the second reaction to occur when unstable carbamates react and form bicarbonate. When
this happens, the rich loading of the amine can reach a maximum of 1 mol CO2/mol MEA
(Huertas et al., 2015). To confirm that this occurred in the model, the rich amine stream
was investigated for the ionic compounds, and it turned out that bicarbonate was present in
that stream. This means that the second reaction was also occuring in the model, which
increased the rich amine loading beyond 0.5 mol CO2/mol MEA.
The steam reboiler duty gave a value of 3.59 GJ/tonne CO2. This value falls well
within the range of values reported in the literature. In fact. Several studies showed that the
reboiler heat duty for treating flue gas originating from a coal fired power plant is about
3.6 GJ/tonne CO2 (Knudsen et al., 2009; Sanspasertparnich et al., 2010). Notz et al. (2012)
obtained values ranging from 4 to 6.1 GJ/tonne CO2. These values show that the heat duty
predicted by the model falls within the range of values available in the literature. Since the
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CO2 capture model is developed to estimate the reboiler duty, it should be safe to use the
values produced by the model in consequential calculations.

3.4 Process Integration
The three units discussed above will be integrated in an attempt to represent a power plant
retrofitted with CO2 capture. The integration is achieved through three points of
connection.
1. All the heat required in the steam cycle is provided from the combustion unit. This
is done by connecting a heat stream from the block ‘Boiler’ in the combustion unit
to the ‘Boil’ and ‘Reheat’ blocks in the steam cycle. The ‘Boil’ and ‘Reheat’ blocks
in the steam cycle should not have heat duty since their heat duty is provided by
the combustion unit.
2. The steam necessary for the reboiler in the CO2 capture unit is taken from the IP/LP
cross-over in the steam cycle. Since the CO2 capture and steam cycle are modelled
in two different programs, a heater block is added to the steam cycle in Aspen Plus
to represent the reboiler. The process is then depicted by extracting the amount of
steam necessary to produce the heat required for the reboiler, and sending that
steam to the newly added heater (reboiler) block.
3. Finally, the condensed steam is returned back to the steam cycle. According to
several sources (NETL, 2015; Sanspasertparnich et al., 2010), the steam is taken
from the IP/LP cross-over, sent to the reboiler, and then sent back to the deaerator.
Clearly, this process results in a loss of produced power and reduces the efficiency
of the plant. Figure 15 shows the final plant view.
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Figure 15: The final plant configuration after process integration
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3.5 Economic Analysis
The economic model used in this study is intended to evaluate the levelized cost of
electricity to determine the most economic scenario. In addition, the Net Present Value
(NPV) and Return on Investment (ROI) are evaluated for each scenario. The levelized cost
of electricity (LCOE) is a method used to compare the competitiveness of power produced
from different sources. It is regarded as measure equal to the NPV calculations when power
generation options are considered. The LCOE is essentially the sum of costs of power
production divided by the power produced over a particular plant life (EIA, 2017). The
plant life in this study is assumed to be 20 years starting from 2018. This value is chosen
because the Canadian government has a plan to phase out coal power plants by 2030.
However, it has been recently reported that Saskatchewan has reached an agreement to
continue operating coal power plants beyond that date (CBC, 2016). Therefore, a 20-year
plant life was chosen to investigate the economic profitability just shortly after the 2030
date.

3.5.1 Capital costs (CAPEX)
Using biomass may require certain additional capital costs to the plant. These costs can
include the necessary equipment to separately crush and prepare the biomass. The capital
cost may also include the costs of modifications to the plant in case of adding a new boiler.
In this research, the biomass of choice is wood chips. Using wood chips requires separate
crushing and preparation before it is introduced to the boiler. As such, a considerable
capital cost is required. For the range of biomass co-firing rates used in this study, a value
of $740/kWth is used (CCPC, 2011). This value corresponds to every kilo-watt of power
replaced by biomass. According to the CCPC, the accuracy of this value is within 50%.
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Therefore, this value is varied in the economic analysis calculations. In addition,
incorporating carbon capture increases the total capital costs. The capital cost increases by
$1020/kW.yr (IEAGHG, 2011). The kilo-watts here refer to the total capacity of the plant,
which is taken to be 150 MWe. Finally, it should be noted that no capital cost is associated
with the coal power plant itself. The capital costs would only result from incorporating
biomass co-firing or CO2 capture. As such, there is no capital cost when evaluating the
economics of the reference case.

3.5.2 Operating and Maintenance Cost (O&M)
There are O&M costs associated with the coal power plant, biomass co-firing, and carbon
capture when it is incorporated. These costs are divided into two components; fixed O&M,
and variable O&M. The variable O&M costs are associated with the amount of fuel and
material handling, such as those costs associated with CO2. Table 6 summarizes these costs.
The fixed costs are adopted from (IEAGHG, 2011), while the variable costs are adopted as
indicated.
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Table 6: Variable O&M Costs

Fixed O&M Costs
Coal Plant

$60/kW.yr

Biomass Co-firing

$32/kW.yr

Carbon Capture

$60/kW.yr
Variable O&M Costs

Coal Cost

$23/tonne (CCPC, 2011)

Biomass Cost

$69.58/tonne - $109.35/tonne (CCPC,
2011)

Carbon Capture

$13/tonne CO2 captured (Cuellar, 2012)

Carbon Tax

$10/tonne - $50/tonne CO2 emitted

In the above table, the biomass price includes the cost of the fuel itself, as well as
the cost of delivering it to the plant in a state that enables the biomass to be introduced to
the pre-processing equipment. Also, The Canadian federal government introduced a plan
to enforce a carbon tax starting in 2018. The carbon tax starts with $10/tonne CO2. The tax
will increase at an annual rate of $10 until it reaches $50/tonne CO2 in 2022. The current
plan states that the carbon tax will remain at $50/tonne CO2 after 2022 (Government of
Canada, 2017). Retrofitting the plant with either CO2 capture or biomass co-firing will
cause economic losses. But it might be a necessity to keep the power plant operating. The
federal government has a plan to phase out coal power plants by 2030 unless they can
decrease their carbon intensity to 0.42 tonne CO2/MWh (CCPC, 2014). Given that coal is
the primary power generation fuel in Saskatchewan, with 40% of electricity produced in
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2016 coming from coal (SaskPower, 2017), it may be necessary to experience some form
of economic losses in order to keep the plants running. Furthermore, to evaluate the
revenue generated from electricity sale, an electricity price of $90/MWh sold is used in this
study. The value is based on the CCPC study (2011). For all the carbon capture scenarios,
the carbon tax is not included in the calculations since the carbon intensity of the plant is
less than 0.42 tonne CO2/MWh.
The levelized cost of electricity is calculated as

LCOE 

CAPEX  Fixed O & M  Variable O & M
Total Power Output

Eq.

3.12
The capital costs and fixed O&M costs are always calculated for the total plant capacity
because that initial capital and fixed costs are measured before any reduction of the plant
output resulting from CO2 capture. The loss in plant power output is called derate. The
derated output is used when the variable O&M costs are calculated. When calculating the
capital cost, the cost is annualized. This way, it is divided over the entire plant life. To do
this, the capital cost is multiplied by a recovery factor, which is taken to be 14.7% (CCPC,
2011). A 20-year plant life is assumed. To take the time value of money into account, a
3% discount rate is used (DOE, 2017). This discount rate is also applied to the power plant
output according to the LCOE methodology.
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CHAPTER 4: Results and Discussion

This chapter contains the results and findings of this study. Section 4.1 compares
the values and parameters related to the combustion of coal and biomass. More specifically,
the section reports and compares the values of CO2 and SOx emissions. In addition, the
quantities of coal and biomass for each scenario are shown. Section 4.2 contains the results
related to power output, power plant efficiency, and how the integration scenarios impact
the efficiency. Finally, section 4.3 shows the results of eonomic analysis, and compares the
economic impact of biomass co-firing and CO2 capture.

4.1 Combustion and Emissions
The base case with 0% co-firing rate serves as reference for comparison with other
scenarios. Table 7 shows the emissions resulting from the base case with 0% co-firing. The
flue gas composition in all of the following tables is based on the net emissions. It is
important to make a distinction between actual and net emissions. This is so because the
actual CO2 emissions may increase when biomass is co-fired with coal. However, the
carbon emissions resulting from burning biomass are considered to be zero according to
the acceptable carbon accounting methodology. Whether actual CO2 emissions increase or
decrease depends on the actual CO2 emission factor of coal and biomass expressed in tonne
CO2/MWh. Aspen Plus was used to determine the emission factors of both fuels. It was
found that coal had an emission factor of 0.3564 tonne CO2/MWh. On the other hand, the
emission factor of biomass is 0.2988 tonne CO2/MWh. These values for emission factors
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were obtained from Aspen Plus by using coal or biomass to produce 1 MW of power. The
corresponding CO2 emissions for each fuel would give the emission factor.
Two factors play a role in the resulting emission factors. First, the emission factor
can decrease due to the fact that biomass has a lower carbon content than coal. In addition,
since biomass has a lower HHV than coal, a higher biomass quantity is required to replace
the energy produced by a certain amount of coal, which has the potential to yield a higher
emission factor for biomass. The actual CO2 emissions experience a slight increase (1
ton/hr) in the 5% and 10% co-firing scenarios, and experienced a decrease of the same
magnitude in the 20% co-firing case. This shows that the effect of the lower carbon content
can be more substantial when employing higher co-firing rates. This may not be the case
if the difference between the HHV of the two fuels was more significant. In other words,
if there was a greater difference between the energy contents of coal and biomass, the actual
CO2 emissions can always experience an increase regardless of the co-firing rate. The
effect of needing to burn a significantly larger amount of fuel to replace the energy
provided by coal will always offset the effect of lower carbon content in the biomass. This
was seen in a study by (Khorshidi, 2016). The HHV of the coal used in that study was
higher than 25 MJ/kg on a dry basis, while the HHV of the biomass was very similar to the
one used in this thesis. This shows that the difference in energy content between the two
fuels was vast. It can be concluded that burning biomass with lower rank coals such as
lignite has a lower negative impact than combining biomass with higher rank coals. In fact,
co-firing biomass with lignite can sometimes increase the overall efficiency and the energy
content of the combined fuel depending on the HHVs. Table 7 shows the values of fuel
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quantity and flue gas composition for the reference cases. This is obtained from Aspen
Plus.
Table 7: Flue gas composition and fuel quantities (reference case)

Parameter

Value

Flue Gas Mass Flowrate (tonne/hr)

732.93

Coal Flowrate (tonne/hr)

98.22

Gross Efficiency

36%

Produced Heat

416.67 MW

Element

Mole % in Flue Gas

H2 O

12.5

N2

69.9

O2

3.6

NOx

0.3

SOx

0.1

CO2

13.4

CO

0.1

The next group of tables shows the effects on emissions and required fuel quantity
for each scenario. It can be seen that the fuel quantity change corresponds to what is needed
to produce the nominal 150 MW of electricity after the efficiency decrease. Since Aspen
Plus is incapable of predicting how the boiler is physically affected when biomass is added,
the efficiency loss values must be assumed before conducting the simulations. Tillman
(2000) developed an equation to predict the plant efficiency loss.
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EL  0.0044 B 2  0.0055 B

Eq. 4.1

where
EL: the plant efficiency loss percentage
B: biomass co-firing percentage
Cuellar (2012) developed another correlation based on a set of available biomass co-firing
data. The latter correlation is used in this study given the fact that it is much more recent
than the Tillman correlation.
The following table shows the efficiency loss for each co-firing rate.

Table 8: Plant efficiency loss vs. co-firing rate

Co-firing Rate (%)

Plant Efficiency Loss (%)

5

0.5

10

0.8

20

1

(Cuellar, 2012)

110

Table 9: Flue gas composition and fuel quantities (5% co-firing rate)

Parameter

Value

Flue Gas Mass Flowrate (tonne/hr)

732.172

Coal Flowrate (tonne/hr)

94.626

Biomass Flowrate (tonne/hr)

5.087

Gross Efficiency

35.5%

Produced Heat

422.54 MW

Element

Mole % in Flue Gas

H2 O

12.8

N2

70.2

O2

3.7

NOx

0.3

SOx

0.063

CO2

12.8

CO

0.098

111

Table 10: Flue gas composition and fuel quantities (10% co-firing)

Parameter

Value

Flue Gas Mass Flowrate (tonne/hr)

727.232

Coal Flowrate (tonne/hr)

90.41

Biomass Flowrate (tonne/hr)

10.256

Gross Efficiency

35.2%

Produced Heat

426.14 MW

Element

Mole % in Flue Gas

H2 O

13.1

N2

70.4

O2

3.7

NOx

0.3003

SOx

0.0613

CO2

12.3

CO

0.0933
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Table 11: Flue gas composition and fuel quantities (20% co-firing)

Parameter

Value

Flue Gas Mass Flowrate (tonne/hr)

708.90

Coal Flowrate (tonne/hr)

80.824

Biomass Flowrate (tonne/hr)

20.632

Gross Efficiency

35%

Produced Heat

428.57 MW

Element

Mole % in Flue Gas

H2 O

13.6

N2

70.9

O2

3.8

NOx

0.4003

SOx

0.057

CO2

11.2

CO

0.0851

The above tables show a clear trend for the carbon and SOx emissions. The SOx
emissions decrease as the biomass co-firing rate increases. This is a result of the fact that
the biomass has a lower sulfur content compared to the coal. On the other hand, although
the actual carbon emissions undergo very little change, the net emissions decrease as the
tables show. To better put this into perspective, the above comparison is shown on the
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following column charts. The charts show the emissions in terms of kilograms per MWh
of electricity produced.

CO2 Emissions
1200

kg/MWh

1000
800
600
400
200
0
Reference

5%

10%

20%

Co-firing rate
Net CO2

Act CO2

Figure 16: CO2 emissions vs. co-firing rate

SOx Emissions
7.2
7

kg/MWh

6.8
6.6
6.4
6.2
6
5.8
5.6
5.4
Reference

5%

10%

Co-firing Rate
Figure 17: SOx emissions vs. co-firing rate
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20%

The above column charts show the decrease in SOx emissions more clearly than the
previous tables. Although it may seem that the amount of SOx gases is initially small, and
that the decrease is also small, it is significant. The FGD units are installed to reduce the
SOx emissions to a few parts per million. With the application of co-firing, the FGD unit
is capable of reducing the final SOx emissions sent to the stack to an even lower level than
the base case. Table 12 shows the amount of SOx gases leaving the FGD in all co-firing
cases compared to the reference case. It is worth mentioning again that the SO2 removal
efficiency in the FGD unit is 99%. The value of SO3 is less than 1 ppm, and therefore, it is
considered 0 tons/hr.

Table 12: SOx emissions after Flue Gas Desulfurization (FGD)

Co-firing Rate

Before FGD (kg/MWh)

After FGD (kg/MWh)

Reference Case

7.03

0.0703

5%

6.84

0.0684

10 %

6.60

0.0660

20 %

6.02

0.0602

The tables above confirm the positive environmental impact when co-firing
biomass with coal. Other biomass co-firing studies (Khorshidi, 2016; Tillman, 2000)
reached similar conclusions regarding SOx and CO2 emissions.
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Another observation that can be made based on the above tables is the amount of
fuel that is needed to satisfy the energy requirements. As the biomass co-firing rate
increases, the amount of combined fuels increases. Since biomass has a lower HHV value,
more fuel would be required to produce the same amount of electricity. In addition to the
stress forced upon the equipment to handle the increased amount of fuel, the impact can
also be felt from an economic point of view, as later sections explain.
When it comes to the NOx emissions, results become more complicated. The reason
is that NOx is affected by many factors other than the fuel nitrogen content. For example,
the combustion temperature plays a major role in deciding how much NOx will be emitted
as a certain temperature is required for NOx to form. The higher the temperature, the higher
the NOx formation. In addition, NOx emissions are affected by the flame structure, as well
as how early in the furnace the flame starts (Dayton, 2002; Li, Yang, Blasiak, & Ponzio,
2012; Wang, Hu, Shuanghui, Xiong, & Tan, 2014). These two factors cannot be modelled
using Aspen Plus. It is worth mentioning again that some units used in the combustion
model are imaginary and do not exist in reality. However, based on literature and Aspen
Plus recommendations, this is the best way to depict coal combustion. To better model NOx
emissions, there may be a need to use a different simulator that is capable of depicting the
actual behavior of the flame. According to the model used in this study, the NOx emissions
experience a very small increase with biomass co-firing. This is counter-intuitive since
biomass has a lower nitrogen content than coal. However, after examining the combustion
results in Aspen Plus, it became clear that when the biomass co-firing rate was increased,
the combustion temperature increased. This is the temperature required for the Gibbs
reactor to minimize the Gibbs free energy. Therefore, the increase in NOx emissions can be
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attributed to the increase in the Gibbs reactor’s temperature combined with the increase in
fuel quantities.

4.2 Power Output and Plant Efficiency (without CO2 Capture)
The base case that will be used as a reference for comparison produces 150 MW of
gross power. The term gross power means that this is the power produced before any
penalty resulting from the usage of this produced power for auxiliary plant equipment. The
gross plant efficiency for the reference case is 36%. As previously mentioned, the loss in
plant efficiency in all co-firing scenarios is based on (Cuellar, 2012). The rate of biomass
co-firing was applied on a thermal basis. This means that the necessary amount of biomass
was supplied to produce the same output from the power plant. The efficiency loss can be
seen in the amount of energy input initially required to produce the same power output.
More energy is required with an increased biomass co-firing rate. Table 13 shows the
efficiency and energy input requirements for each co-firing scenario. According to (B.
Jacobs, personal communication, 2017), The auxiliary power requirements in BD3 units in
Saskatchewan is 11 MW. This is taken into consideration to report the net efficiency
values.
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Table 13: Gross plant efficiency vs. co-firing rate

Co-firing Rate (%)
Reference

Case

Energy Input (MW)
(No

Net Plant Efficiency (%)

Co- 416.67

33.35

5

422.54

32.90

10

426.14

32.62

20

428.57

32.43

firing)

Although the increase in energy input is not significant, it will have an economic
impact on the power plant. This impact is in the form of an increased demand for power
plant fuel, and more specifically, biomass. As will be shown in the economics sections,
biomass is the more expensive of the two fuels used in this study.

4.3 Power Output and Plant Efficiency (With CO2 Capture)
With the positive environmental impact of adding a CO2 capture unit come an
undesired effect. That effect is in the form of a particular energy penalty experienced by
the power plant. The sustainability of CO2 capture with MEA can be supported by the fact
that it is possible to regenerate and reuse the MEA, and therefore, make the process
continuous. However, regenerating the amine is the most energy intensive part of the CO2
capture process. As such, when CO2 capture is employed, the plant efficiency loss caused
by biomass co-firing is exacerbated by adding carbon capture. CO2 capture is applied in
two ways in this thesis. First, it is applied to capture 90% of the net CO2 emissions. Since
the net CO2 emissions decrease with an increases co-firing rate, this means that the reboiler
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duty will also decrease. The other way of applying CO2 capture involves capturing 90% of
the actual CO2 emissions. This way of application may lead to increased reboiler duty with
increased co-firing rate depending on the actual carbon emissions. Table 14 shows the
reboiler duty for each scenario and compares the duties resulting from capturing 90% of
the net emissions and actual emissions.

Table 14: CO2 capture reboiler duty for each scenario

Co-Firing

Energy Requirement for

Energy Requirement for

Rate (%)

Capturing 90% of Net Emissions

Capturing 90% of Actual

(MWth)

Emissions (MWth)

Reference

144.653

5%

139.5

145.520

10%

133.6

145.611

20%

120

144.133

The reboiler duty in the table above is expressed in thermal MW, which is different
from electrical MW. The table shows that there will be a decrease in reboiler duty if only
net emissions are considered. Since the reboiler duty reduces the overall plant efficiency,
focusing the capture process on the net emissions leads to a better plant efficiency when
CO2 capture is employed. On the other hand, focusing the capture process on actual
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emissions might lead to potential economic benefits. These benefits can be in the form of
avoiding the planned carbon tax. With a carbon tax of $50/tonne CO2 after 2022, the
economic damage experienced by the plant can be quite significant. The reboiler duty
values in the above table are in terms of thermal MW, which will be taken from the IP/LP
crossover in the power plant. After steam extraction, the power output, as well as the
efficiency of the plant, decrease as table 15 shows.

Table 15: Plant power output and efficiency with carbon capture

Co-firing Rate (%)

Power Output

Loss (MWe)

Net Efficiency (%)

Reference Case

150

0

33.35

0 (with capture)

100.2

38.814

24.05

39.047

23.67

37.435

24.05

39.071

23.47

103.2

35.835

24.22

emission 100.3

38.675

23.40

32.143

24.94

5

(Actual

emission 100

capture)
5 (Net emission capture)
10

(Actual

101.6

emission 100

capture)
10 (Net emission capture)
20

(Actual

capture)
20 (Net emission capture)

106.9

120

The values show a fairly significant decrease in plant efficiency resulting from
integrating the power plant and the CO2 capture plant. When considering the net CO2
emissions, it is observed that increasing the co-firing rate slightly reduced the plant
efficiency loss. Since the net CO2 emissions decrease with increasing co-firing rate, the
CO2 capture energy penalty decreases as well. The same trend cannot be observed when
considering the actual emissions. The energy penalty depends on the amount of CO2
actually emitted depending on the considered scenario. As discussed above, the actual
emissions initially increased with the 5% and 10% co-firing rates, but decreases slightly
when the co-firing rate was increased to 20%. The difference in efficiency loss between all
the cases is very small. Two factors affect the overall efficiency in the integration cases.
There is a smaller energy penalty required for higher co-firing rates, which should result in
a higher efficiency. However, this is offset by the initial efficiency loss resulting from the
higher biomass fraction.
From an energy penalty point of view, it may seem that it is better to target the net
CO2 emissions when employing CO2 capture. However, targeting actual CO2 emissions
can be beneficial. According to carbon accounting methodology, only the carbon released
from coal is accounted for in the plant CO2 emissions. However, when the actual emissions
are targeted, the carbon capture unit removes a higher amount of CO 2 than the net
emissions. As a result, the plant can have negative emissions, which can be beneficial to
the plant in case of financial incentives offered to power producers. The concept of negative
emissions is increasingly gaining momentum in the power generation industry.
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4.4 Economic Analysis
In this section, the levelized costs of electricity (LCOE) for all scenarios are
compared. In addition, scenarios with positive net present value (NPV) and return on
investment (ROI) are compared separately. The three co-firing rates are tested with low
and high biomass prices, and a low and high capital cost. For scenarios without CO2
capture, all co-firing rates gave positive NPV. On the other hand, for the CO2 capture
scenarios, all scenarios, including the base case where biomass co-firing was not
implemented, gave negative NPVs and were deemed unprofitable. Table 16 shows the
LCOE values for all scenarios with a co-firing capital cost of $740/kWth. Table 17 shows
the same results for a capital cost of $370/kWth.
Table 16: LCOE for all scenarios (CAPEX is $740/kWth)

Scenario

LCOE ($/MWh)

Reference Case

71.61

Reference + CO2 Capture

119.46

5% Co-firing (Low Fuel Price & No Capture)

74.47

5% Co-firing (High Fuel Price – No Capture)

75.93

10% Co-firing (Low Fuel Price & No Capture)

76.77

10% Co-firing (High Fuel Price – No Capture)

79.71

20% Co-firing (Low Fuel Price & No Capture)

80.65

20% Co-firing (High Fuel Price – No Capture)

86.55

5% Co-firing (Low Fuel Price & Capture)

124.70

5% Co-firing (High Fuel Price & Capture)

126.69

10% Co-firing (Low Fuel Price Capture)

127.89

10% Co-firing (High Fuel Price & Capture)

131.84

20% Co-firing (Low Fuel Price & Capture)

132.96

20% Co-firing (High Fuel Price – No Capture)

140.64
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Table 17: LCOE for all scenarios (CAPEX is $370/kWth)

Scenario

LCOE ($/MWh)

Reference Case

71.61

Reference + CO2 Capture

119.46

5% Co-firing (Low Fuel Price & No Capture)

73.39

5% Co-firing (High Fuel Price – No Capture)

74.84

10% Co-firing (Low Fuel Price & No Capture)

74.60

10% Co-firing (High Fuel Price – No Capture)

77.53

20% Co-firing (Low Fuel Price & No Capture)

76.29

20% Co-firing (High Fuel Price – No Capture)

82.19

5% Co-firing (Low Fuel Price & Capture)

123.20

5% Co-firing (High Fuel Price & Capture)

125.20

10% Co-firing (Low Fuel Price Capture)

124.95

10% Co-firing (High Fuel Price & Capture)

128.90

20% Co-firing (Low Fuel Price & Capture)

127.29

20% Co-firing (High Fuel Price – No Capture)

134.96

The LCOE is the unit sale price that the plant should use in order to break even. Since the
unit sale price used in this study is $90/MWh, any scenario with an LCOE that is higher
than 90 is unprofitable. Figures 18 and 19 compare the scenarios and illustrate which
options are profitable, and which are not.
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Figure 18: LCOE for different scenarios with a CAPEX of $740/kWth (high and low reflecting the price of biomass
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Figure 19: LCOE for different scenarios with a CAPEX of $370/kWth (high and low reflecting the price of biomass
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The red line in the above figures represents the unit sale price for the power plant.
This shows that any scenario involving CO2 capture is not profitable. It is interesting to
note that the base case is still the most profitable case even after adding the carbon tax.
However, operating the plant at the base configuration may not be an option with more
stringent environmental regulations. For economic considerations, it seems that employing
CO2 capture may not be a desirable option. Employing biomass co-firing on its own
appears to be more profitable than combining it with carbon capture. Unfortunately,
biomass co-firing does not reduce carbon emissions to the same extent that a carbon capture
unit can reach. Another point worth considering is the ability of the boiler to handle the
biomass material.

4.5 Cost Estimates of the most Suitable Scenarios
This section summarizes the costs for the profitable cases. More specifically, the
list includes the reference case, as well as the co-firing scenarios that do not incorporate
carbon capture.

125

Table 18: Cost estimates of the most suitable scenarios

Scenario

CAPEX ($)

O&M ($)

LCOE

NPV ($)

ROI

($/MWh)
Reference Case

0

1,120,873,815

71.61

287,889,585

26%

5% (Low Price)

34,126,867

1,131,620,818

74.47

243,015,715

21%

5% (High Price)

34,126,867

1,154,398,562

75.93

220,237,971

19%

10% (Low Price)

68,253,734

1,133,468,716

76.77

207,040,950

17%

10% (High Price)

68,253,734

1,179,391,371

79.71

161,118,295

13%

20% (Low Price)

136,507,467

1,125,864,725

80.65

146,391,207

12%

20% (High Price)

136,507,467

1,218,247,351

86.55

54,008,582

4%

The ROI is found using the following equation

ROI 

Gains  Costs
Costs

Eq. 4.2

The gains from investment are simply calculated by multiplying the unit sale price
by the plant output associated with each case. It can be seen that from an economic point
of view, the best configuration is that of the reference case, which is to be expected.
However, to increase the share of renewable energy usage, the 10% co-firing scenario
appears to be the most appropriate. This is so because this scenario would result in CO2
emissions reduction amounting to 90000 tons/year, which is equivalent to taking 19000
cars off the road (EPA, 2017). This is done while keeping the plant reasonably profitable.
The reduction resulting from the 5% co-firing scenario is half of that resulting from the
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10% scenario. Although the 5% scenario is more profitable economically, it has a relatively
minimal environmental benefit that may not warrant the costs incurred. On the other hand,
the 20% co-firing scenario is more beneficial environmentally, but it has significant
economic losses, and would be very hard to implement. Therefore, the 10% co-firing case
is recommended. It should be mentioned that tests should be conducted to investigate the
physical impact on the boiler caused by biomass firing. It should be mentioned that in the
above table, the O&M costs represent the total costs incurred through the assumed plant
life, not the annual O&M.
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CHAPTER 5: Conclusions and Recommendations
Several conclusions are drawn from this study. This chapter summarizes those
conclusions in point form. A set of recommendations is provided to improve upon the work
conducted through this study. These conclusions are reached assuming the biomass cofiring is sustainable with the available plant equipment. Unfortunately, with the modelling
tools available, it was not possible to predict the physical behavior of the plant equipment
when biomass co-firing is employed.

5.1 Conclusions
•

Since biomass generally has lower energy content than coal, it may be necessary to
fire a higher amount of biomass to produce the same energy produced by a certain
quantity of coal. This had the effect of slightly increasing the actual carbon
emissions at low co-firing rates despite the biomass having a lower carbon content
than coal. However, at higher co-firing rates, that effect was offset by the large
quantity of replaced coal, and the actual emissions showed a slight decrease. This
may be possible only when biomass is fired with a lower rank coal because the
energy content of the two fuels is close.

•

Biomass Co-firing can be used to decrease the net CO2 emissions of coal power
plants despite the possible increase in actual carbon emissions at low co-firing rates.
This is made possible through the acceptable carbon accounting methodology.
Biomass is considered a carbon neutral fuel because it consumes CO2 from the
atmosphere as it is being grown.
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•

A similar effect can be witnessed when considering SOx emissions. However, when
it comes to SOx emissions, there is no difference between actual and net emissions.
The decrease in emissions is attributed to the lower sulfur content of biomass as
compared to coal. Since the emissions are lower, biomass co-firing has the potential
to reduce to requirements for the Flue Gas Desulfurization (FGD) units.

•

Chemical composition is not the sole factor affecting NOx emissions. Several
factors contribute to the final amount at the power plant’s stack. Combustion
temperature, flame structure, and how early the flame starts in the furnace are
among the most influential factors. The simulations showed that there was a slight
increase in NOx emissions as the co-firing rate increased. There was also an
increase in combustion temperature. Therefore, it can be concluded that the increase
in NOx is a result of the increased combustion temperature.

•

Biomass co-firing leads to a slight decrease in plant efficiency. However, this
efficiency decrease is acceptable given the benefit of the reduced GHG emissions.

•

Biomass co-firing can be combined with CO2 capture technology to further reduce
emissions and make a coal power plant consistent with regulations. However, a
significant energy penalty can be experienced. Combining co-firing with CO2
capture resulted in a gross efficiency decrease that ranged from 10.03 to 9.74%
when actual emissions were considered, and from 9.36 to 8.5% When net emissions
were targeted. These values combine the efficiency loss caused by biomass cofiring and CO2 capture. It is obvious that targeting net emissions leads to a lower
energy penalty. In addition, when targeting net emissions, the energy penalty can
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decrease further at higher co-firing rates. This is caused by the lower net emissions
resulting from increasing the co-firing rate.
•

Focusing the CO2 capture process on net emissions leads to a better plant efficiency
compared to targeting actual CO2 emissions. On the other hand, targeting the actual
emissions results in overall negative emissions and possible economic benefits.

•

Either employing biomass co-firing or CO2 capture will lead to negative economic
impacts experienced by the plant. However, with more stringent environmental
regulations, possible economic losses may become necessary to keep the plant
operating.

•

Economic analysis showed that the reference case with 0% co-firing, and without
CO2 capture has the lowers levelized cost of electricity LCOE, which is to be
expected.

•

Any scenario incorporating CO2 capture gave a negative NPV, which means that
using carbon capture is un-economic.

•

When considering both economical and environmental perspectives, the most
suitable option seems to be the 10% biomass co-firing without CO2 capture. The
reason for this choice is the resulting reduction in CO2 emissions being equivalent
to removing 19000 cars off the streets. At the same time, the plant operates in an
economic manner. However, from an economic point of view, biomass co-firing
may not be the best option. It is proven that co-firing biomass can decrease carbon
emissions. However, that decrease is relatively modest to warrant the economic
losses caused by incorporating biomass. The biomass prices must decrease in order
to make the co-firing technology more economically profitable.
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5.2 Recommendations
•

Reducing NOx emissions is an essential requirement for future fuels. The chemistry
of biomass shows that it is possible to reduce NOx emissions with biomass cofiring. It is recommended that a more dedicated study with a more capable simulator
be focused on the possibility of reducing NOx emissions.

•

There are several biomass types and crops, with each having the ability to impact
the plant equipment differently. A future modelling study of this topic should be
conducted with a modelling tool that can predict the physical effect on plant
equipment. This can potentially yield better conclusions.

•

A further study on this subject should focus on optimizing the carbon capture unit
to yield lower energy penalties.

•

As more economic data becomes available, the economic analysis of biomass cofiring should be expanded upon and made more detailed.
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Appendix A: Model Flowsheets and Detailed Results

Figure A.1: Aspen Plus co-firing flowsheet (Aspen Plus)
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Table A.1: 5% Co-firing results
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Figure A.2: Steam cycle flowsheet (Aspen Plus)
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Table A.2: Steam cycle results
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Table A.2: Steam cycle results (continued)
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Table A.2: Steam cycle results (continued)
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Table A.2: Steam cycle results (continued)
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Figure A.3: CO2 capture flowsheet (Promax)
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Appendix B: 5% Co-Firing Combustion Input File

;

DYNAMICS
DYNAMICS RESULTS=ON

TITLE 'GETTING STARTED WITH SOLIDS--SESSION 2'

IN-UNITS SI PRESSURE=bar TEMPERATURE=C DELTA-T=C &
PDROP-PER-HT='mbar/m' PDROP=bar

DEF-STREAMS MCINCPSD ALL

DIAGNOSTICS
TERMINAL SIM-LEVEL=4 CONV-LEVEL=4 COST-LEVEL=4 PROP-LEVEL=4 &
ECON-LEVEL=4 STREAM-LEVEL=4 SYS-LEVEL=4

MODEL-OPTION

DESCRIPTION "
This example is used in chapter 2 of 'Aspen Plus Getting Started Modeling Processes with Solids'.
"

DATABANKS 'APV88 PURE32' / 'APV88 AQUEOUS' / 'APV88 SOLIDS' / &
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'APV88 INORGANIC' / NOASPENPCD

PROP-SOURCES 'APV88 PURE32' / 'APV88 AQUEOUS' / 'APV88 SOLIDS' &
/ 'APV88 INORGANIC'

COMPONENTS
H2O H2O /
N2 N2 /
O2 O2 /
NO2 NO2 /
NO NO /
SS/
SO2 O2S /
SO3 O3S /
H2 H2 /
CL2 CL2 /
HCL HCL /
CC/
CO CO /
CO2 CO2 /
ASH /
COAL /
BIOMASS

CISOLID-COMPS C

SOLVE
RUN-MODE MODE=SIM
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FLOWSHEET
BLOCK DECOMP IN=COAL-IN OUT=COAL-OUT Q-DECOMP
BLOCK BURN IN=COAL-OUT HOT1 Q-DECOMP OUT=IN-BURN OUT1
BLOCK SEPARATE IN=EXH OUT=GASES SOLIDS
BLOCK BOILER IN=IN-BURN OUT=EXHAUST Q-FURN
BLOCK DECOMP2 IN=BIOMASS OUT=BIO-OUT Q-DEC2
BLOCK BURN2 IN=BIO-OUT HOT2 Q-DEC2 OUT=INBURN2 OUT2
BLOCK BOILER2 IN=INBURN2 OUT=EXHAUST2 Q-FURN2
BLOCK MIX1 IN=Q-FURN2 Q-FURN OUT=H-OUT
BLOCK MIX2 IN=EXHAUST2 EXHAUST OUT=EXH
BLOCK APH IN=AIR2 AIR GASES OUT=HOT2 HOT1 FLUE
BLOCK FGD IN=FLUE OUT=FLUE-OUT EXTRACT

PROPERTIES PR-BM
PROPERTIES IDEAL

NC-COMPS ASH PROXANAL ULTANAL SULFANAL

NC-PROPS ASH ENTHALPY HCOALGEN / DENSITY DCOALIGT

NC-COMPS COAL PROXANAL ULTANAL SULFANAL

NC-PROPS COAL ENTHALPY HCOALGEN 6 / DENSITY DCOALIGT

NC-COMPS BIOMASSPROXANAL ULTANAL SULFANAL

NC-PROPS BIOMASS ENTHALPY HCOALGEN 6 / DENSITY DCOALIGT

PROP-DATA HEAT
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IN-UNITS ENG MASS-ENTHALP='kJ/kg'
PROP-LIST HCOMB
PVAL COAL 23260.
PVAL BIOMASS 19881.

PROP-DATA PRKBV-1
IN-UNITS ENG
PROP-LIST PRKBV
BPVAL H2O CO2 .1200000000 0.0 0.0 -459.6700000 1340.330000
BPVAL CO2 H2O .1200000000 0.0 0.0 -459.6700000 1340.330000
BPVAL N2 O2 -.0119000000 0.0 0.0 -459.6700000 1340.330000
BPVAL O2 N2 -.0119000000 0.0 0.0 -459.6700000 1340.330000
BPVAL N2 SO2 .0800000000 0.0 0.0 -459.6700000 1340.330000
BPVAL SO2 N2 .0800000000 0.0 0.0 -459.6700000 1340.330000
BPVAL N2 H2 .1030000000 0.0 0.0 -459.6700000 1340.330000
BPVAL H2 N2 .1030000000 0.0 0.0 -459.6700000 1340.330000
BPVAL N2 CO .0307000000 0.0 0.0 -459.6700000 1340.330000
BPVAL CO N2 .0307000000 0.0 0.0 -459.6700000 1340.330000
BPVAL N2 CO2 -.0170000000 0.0 0.0 -459.6700000 1340.330000
BPVAL CO2 N2 -.0170000000 0.0 0.0 -459.6700000 1340.330000
BPVAL H2 CO .0919000000 0.0 0.0 -459.6700000 1340.330000
BPVAL CO H2 .0919000000 0.0 0.0 -459.6700000 1340.330000
BPVAL H2 CO2 -.1622000000 0.0 0.0 -459.6700000 1340.330000
BPVAL CO2 H2 -.1622000000 0.0 0.0 -459.6700000 1340.330000

PROP-SET ALL-SUBS VOLFLMX MASSVFRA MASSSFRA RHOMX MASSFLOW &
TEMP PRES UNITS='lb/cuft' SUBSTREAM=ALL
; "Entire Stream Flows, Density, Phase Frac, T, P"
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STREAM AIR
SUBSTREAM MIXED TEMP=30. PRES=1.013250000 &
MOLE-FLOW=1.25997881E-4
MOLE-FRAC N2 0.79 / O2 0.21

STREAM AIR2
SUBSTREAM MIXED TEMP=30. PRES=1.01325 MASS-FLOW=10.
MOLE-FRAC N2 0.79 / O2 0.21

STREAM BIOMASS
SUBSTREAM NCPSD TEMP=71.1111 PRES=1.013 MASS-FLOW=10.
MASS-FRAC COAL 0. / BIOMASS 1.
COMP-ATTR BIOMASS PROXANAL ( 30. 20. 77.5 2.5 )
COMP-ATTR BOIMASS ULTANAL ( 2.5 50. 6. 0.55 0.03 0.12 &
40.8 )
COMP-ATTR BIOMASS SULFANAL ( 0. 0.12 0. )
SUBS-ATTR PSD ( 0 0 0 0 0 0 0.1 0.2 0.3 0.4 )

STREAM COAL-IN
SUBSTREAM NCPSD TEMP=71.11111111 PRES=1.013000000 &
MASS-FLOW=42.59799345
MASS-FRAC COAL 1. / BIOMASS 0.
COMP-ATTR COAL PROXANAL ( 35. 42. 13.5 9.5 )
COMP-ATTR COAL ULTANAL ( 15. 64. 4. 1.5 1.5E-005 &
0.83 15. )
COMP-ATTR COAL SULFANAL ( 0. 0.83 0. )
SUBS-ATTR PSD ( 0 0 0 0 0 0 0.1 0.2 0.3 0.4 )
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DEF-STREAMS HEAT H-OUT

DEF-STREAMS HEAT OUT1

DEF-STREAMS HEAT OUT2

DEF-STREAMS HEAT Q-DEC2

DEF-STREAMS HEAT Q-DECOMP

DEF-STREAMS HEAT Q-FURN

DEF-STREAMS HEAT Q-FURN2

BLOCK MIX1 MIXER

BLOCK MIX2 MIXER
PARAM

BLOCK FGD SEP
PARAM
FRAC STREAM=EXTRACT SUBSTREAM=MIXED COMPS=SO2 SO3 FRACS= &
0.99 0.5

BLOCK BOILER HEATER
PARAM TEMP=182. PRES=1.013529322 DPPARMOPT=NO

BLOCK BOILER2 HEATER
PARAM TEMP=182. PRES=1.01353 DPPARMOPT=NO
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BLOCK APH MHEATX
COLD-SIDE IN=AIR2 OUT=HOT2 TEMP=143. FREE-WATER=NO
COLD-SIDE IN=AIR OUT=HOT1 TEMP=143. FREE-WATER=NO
HOT-SIDE IN=GASES OUT=FLUE FREE-WATER=NO

BLOCK DECOMP RYIELD
PARAM TEMP=25.00000000 PRES=1.013529322 OPT-PSD=SPEC
MASS-YIELD MIXED H2O 0.3 / NCPSD ASH 0.1 / CIPSD C &
0.1 / MIXED H2 0.1 / N2 0.1 / CL2 0.1 / S 0.1 / &
O2 0.1
COMP-ATTR NCPSD ASH PROXANAL ( 0 0 0 100 )
COMP-ATTR NCPSD ASH ULTANAL ( 100 0 0 0 0 0 0 )
COMP-ATTR NCPSD ASH SULFANAL ( 0 0 0 )
SUBS-ATTR 1 CIPSD PSD ( 0 0 0 0 0 0 0.1 0.2 0.3 &
0.4 ) BYPASS=0.0
SUBS-ATTR 2 NCPSD PSD ( 0 0 0 0 0 0 0.1 0.2 0.3 &
0.4 ) BYPASS=0.0

BLOCK DECOMP2 RYIELD
PARAM TEMP=25. PRES=1.01325 OPT-PSD=SPEC
MASS-YIELD MIXED H2O 0.3 / NCPSD ASH 0.1 / CIPSD C &
0.1 / MIXED H2 0.1 / N2 0.1 / CL2 0.1 / S 0.1 / &
O2 0.1
COMP-ATTR NCPSD ASH PROXANAL ( 0. 0. 0. 100. )
COMP-ATTR NCPSD ASH SULFANAL ( 0. 0. 0. )
COMP-ATTR NCPSD ASH ULTANAL ( 100. 0. 0. 0. 0. 0. 0. &
)
SUBS-ATTR 1 CIPSD PSD ( 0. 0. 0. * * * 0.1 0.2 0.3 &
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0.4 )
SUBS-ATTR 2 NCPSD PSD ( * * * * * * 0.1 0.2 0.3 &
0.4 )

BLOCK BURN RGIBBS
PARAM TEMP=25.00000000 PRES=1.013250000 MAXIT=50
PROD H2O / N2 / O2 / NO2 / NO / S / SO2 / SO3 / &
H2 / CL2 / HCL / C SS / CO / CO2

BLOCK BURN2 RGIBBS
PARAM TEMP=25. PRES=1.01325 MAXIT=50
PROD H2O / N2 / O2 / NO2 / NO / S / SO2 / SO3 / &
H2 / CL2 / HCL / C SS / CO / CO2

BLOCK SEPARATE SSPLIT
FRAC MIXED GASES 1.0
FRAC CIPSD GASES 0.0
FRAC NCPSD GASES 0.0

DESIGN-SPEC COAL4
DEFINE HEAT INFO-VAR INFO=HEAT VARIABLE=DUTY STREAM=Q-FURN &
UOM="MW"
SPEC "HEAT" TO "401.413"
TOL-SPEC "0.01"
VARY STREAM-VAR STREAM=COAL-IN SUBSTREAM=NCPSD &
VARIABLE=MASS-FLOW UOM="lb/hr"
LIMITS "1" "1000000"

DESIGN-SPEC COAL8
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DEFINE HEAT INFO-VAR INFO=HEAT VARIABLE=DUTY &
STREAM=Q-FURN2 UOM="MW"
SPEC "HEAT" TO "21.127"
TOL-SPEC "0.01"
VARY STREAM-VAR STREAM=BIOMASS SUBSTREAM=NCPSD &
VARIABLE=MASS-FLOW UOM="lb/hr"
LIMITS "1" "1000000"

EO-CONV-OPTI

CALCULATOR AIR-FLOW
DEFINE AIR STREAM-VAR STREAM=AIR SUBSTREAM=MIXED &
VARIABLE=MOLE-FLOW UOM="lbmol/hr"
DEFINE O2COAL MOLE-FLOW STREAM=COAL-OUT SUBSTREAM=MIXED &
COMPONENT=O2 UOM="lbmol/hr"
DEFINE C MOLE-FLOW STREAM=COAL-OUT SUBSTREAM=CIPSD &
COMPONENT=C UOM="lbmol/hr"
DEFINE N2 MOLE-FLOW STREAM=COAL-OUT SUBSTREAM=MIXED &
COMPONENT=N2 UOM="lbmol/hr"
DEFINE H2 MOLE-FLOW STREAM=COAL-OUT SUBSTREAM=MIXED &
COMPONENT=H2 UOM="lbmol/hr"
DEFINE S MOLE-FLOW STREAM=COAL-OUT SUBSTREAM=MIXED &
COMPONENT=S UOM="lbmol/hr"
F

XS = 0.21

F

AIR = ((C + 2*N2 + 0.5*H2 + S) * (1 + XS) - O2COAL) / 0.2094
EXECUTE BEFORE BLOCK $APHH02

CALCULATOR AIR2
DEFINE AIR2 STREAM-VAR STREAM=AIR2 SUBSTREAM=MIXED &
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VARIABLE=MOLE-FLOW UOM="lbmol/hr"
DEFINE O2BIO MOLE-FLOW STREAM=BIO-OUT SUBSTREAM=MIXED &
COMPONENT=O2 UOM="lbmol/hr"
DEFINE C2 MOLE-FLOW STREAM=BIO-OUT SUBSTREAM=CIPSD &
COMPONENT=C UOM="lbmol/hr"
DEFINE N2 MOLE-FLOW STREAM=BIO-OUT SUBSTREAM=MIXED &
COMPONENT=N2 UOM="lbmol/hr"
DEFINE H2 MOLE-FLOW STREAM=BIO-OUT SUBSTREAM=MIXED &
COMPONENT=H2 UOM="lbmol/hr"
DEFINE S MOLE-FLOW STREAM=BIO-OUT SUBSTREAM=MIXED &
COMPONENT=S UOM="lbmol/hr"
F

XS = 0.21

F

AIR2 = ((C2 + 2*N2 + 0.5*H2 + S) * (1 + XS) - O2BIO) / 0.2094
EXECUTE BEFORE BLOCK $APHH01

CALCULATOR BIO-DEC
DEFINE XC BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=CIPSD ID2=C
DEFINE XH2 BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=H2
DEFINE XN2 BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=N2
DEFINE XCL2 BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=CL2
DEFINE XS BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=S
DEFINE XO2 BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=O2
DEFINE XASH BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
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SENTENCE=MASS-YIELD ID1=NCPSD ID2=ASH
DEFINE XH2O BLOCK-VAR BLOCK=DECOMP2 VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=H2O
DEFINE CBIO MASS-FLOW STREAM=BIOMASS SUBSTREAM=NCPSD &
COMPONENT=BIOMASS UOM="kg/sec"
VECTOR-DEF UBIO COMP-ATTR STREAM=BIOMASS SUBSTREAM=NCPSD &
COMPONENT=BIOMASS ATTRIBUTE=ULTANAL
VECTOR-DEF PBIO COMP-ATTR STREAM=BIOMASS SUBSTREAM=NCPSD &
COMPONENT=BIOMASS ATTRIBUTE=PROXANAL
F

BIO = CBIO

F

DRYBIO = (100 - PBIO(1))/100

F

ASH3 = (UBIO(1) / 100) * DRYBIO * CBIO

F

XASH = (ASH3) / BIO

F

C3 = (UBIO(2) / 100) * DRYBIO * CBIO

F

XC = (C3) / BIO

F

HYDRO3 = (UBIO(3) / 100) * DRYBIO * CBIO

F

XH2 = (HYDRO3) / BIO

F

FITRO3 = (UBIO(4) / 100) * DRYBIO* CBIO

F

XN2 = (FITRO3) / BIO

F

CHLOR3 = (UBIO(5) / 100) * DRYBIO * CBIO

F

XCL2 = (CHLOR3) / BIO

F

SULFR3 = (UBIO(6) / 100) * DRYBIO * CBIO

F

XS = (SULFR3)/ BIO

F

OXYGN3 = (UBIO(7) / 100) * DRYBIO * CBIO

F

XO2 = (OXYGN3) / BIO

F

XH2O = (PBIO(1) * CBIO) / (BIO * 100)
EXECUTE BEFORE BLOCK DECOMP2

CALCULATOR COAL-DEC
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DEFINE XC BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=CIPSD ID2=C
DEFINE XH2 BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=H2
DEFINE XN2 BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=N2
DEFINE XCL2 BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=CL2
DEFINE XS BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=S
DEFINE XO2 BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=O2
DEFINE XASH BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=NCPSD ID2=ASH
DEFINE XH2O BLOCK-VAR BLOCK=DECOMP VARIABLE=YIELD &
SENTENCE=MASS-YIELD ID1=MIXED ID2=H2O
DEFINE CCOAL MASS-FLOW STREAM=COAL-IN SUBSTREAM=NCPSD &
COMPONENT=COAL UOM="kg/sec"
VECTOR-DEF UCOAL COMP-ATTR STREAM=COAL-IN SUBSTREAM=NCPSD &
COMPONENT=COAL ATTRIBUTE=ULTANAL
VECTOR-DEF PCOAL COMP-ATTR STREAM=COAL-IN SUBSTREAM=NCPSD &
COMPONENT=COAL ATTRIBUTE=PROXANAL
F

COAL = CCOAL

F

DRYCOAL = (100 - PCOAL(1))/100

F

ASH2 = (UCOAL(1) / 100) * DRYCOAL * CCOAL

F

XASH = (ASH2) / COAL

F

C2 = (UCOAL(2) / 100) * DRYCOAL * CCOAL

F

XC = (C2) / COAL

F

HYDRO2 = (UCOAL(3) / 100) * DRYCOAL * CCOAL
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F

XH2 = (HYDRO2) / COAL

F

FITRO2 = (UCOAL(4) / 100) * DRYCOAL * CCOAL

F

XN2 = (FITRO2) / COAL

F

CHLOR2 = (UCOAL(5) / 100) * DRYCOAL * CCOAL

F

XCL2 = (CHLOR2) / COAL

F

SULFR2 = (UCOAL(6) / 100) * DRYCOAL * CCOAL

F

XS = (SULFR2)/ COAL

F

OXYGN2 = (UCOAL(7) / 100) * DRYCOAL * CCOAL

F

XO2 = (OXYGN2) / COAL

F

XH2O = (PCOAL(1) * CCOAL) / (COAL * 100)
EXECUTE BEFORE BLOCK DECOMP

CONV-OPTIONS
PARAM SPEC-LOOP=INSIDE USER-LOOP=OUTSIDE

STREAM-REPOR MOLEFLOW MASSFLOW PROPERTIES=ALL-SUBS
;
;
;
;
;
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Appendix C: Steam Cycle Input File (Aspen Plus)
;

DYNAMICS
DYNAMICS RESULTS=ON

IN-UNITS SI MASS-FLOW='kg/hr' MOLE-FLOW='kmol/hr' &
VOLUME-FLOW='cum/hr' PRESSURE=bar TEMPERATURE=C DELTA-T=C &
PDROP-PER-HT='mbar/m' PDROP=bar

DEF-STREAMS CONVEN ALL

MODEL-OPTION

DESCRIPTION "
General Simulation with English Units :
F, psi, lb/hr, lbmol/hr, Btu/hr, cuft/hr.

Property Method: None

Flow basis for input: Mole

Stream report composition: Mole flow
"

DATABANKS 'APV88 PURE32' / 'APV88 AQUEOUS' / 'APV88 SOLIDS' / &
'APV88 INORGANIC' / 'APEOSV88 AP-EOS' / NOASPENPCD
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PROP-SOURCES 'APV88 PURE32' / 'APV88 AQUEOUS' / 'APV88 SOLIDS' &
/ 'APV88 INORGANIC' / 'APEOSV88 AP-EOS'

COMPONENTS
H2O H2O /
O2 O2 /
N2 N2 /
CO2 CO2

SOLVE
RUN-MODE MODE=SIM

FLOWSHEET
BLOCK HP1 IN=MAIN OUT=1 W1
BLOCK SPLT1 IN=1 OUT=2 3
BLOCK REHEAT IN=3 OUT=RH
BLOCK IP1 IN=RH OUT=5 W2
BLOCK SPLT2 IN=5 OUT=6 7
BLOCK IP2 IN=7 OUT=8 W3
BLOCK SPLT3 IN=8 OUT=9 10
BLOCK SPLT4 IN=10 OUT=11 12
BLOCK LP1 IN=11 OUT=13 W4
BLOCK SPLT5 IN=13 OUT=14 15
BLOCK LP2 IN=15 OUT=16 W5
BLOCK SPLT6 IN=16 OUT=17 18
BLOCK LP3 IN=18 OUT=19 W6
BLOCK SPLT7 IN=19 OUT=20 21
BLOCK LP4 IN=21 OUT=22 W7
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BLOCK SPLT8 IN=22 OUT=23 24
BLOCK LP5 IN=24 OUT=25 W8
BLOCK BFP IN=12 OUT=26
BLOCK CONDENSE IN=27 OUT=28
BLOCK MIX1 IN=25 MAKEUP 26 46 OUT=27
BLOCK PUMP1 IN=28 OUT=29
BLOCK FWH1 IN=45 29 OUT=46 30
BLOCK FWH2 IN=43 30 OUT=44 31
BLOCK FWH3 IN=41 31 OUT=42 32
BLOCK FWH4 IN=14 32 OUT=40 33
BLOCK DEAERATO IN=33 9 39 OUT=34
BLOCK FWH5 IN=38 35 OUT=39 36
BLOCK PUMP2 IN=34A OUT=35
BLOCK FWH6 IN=2 36 OUT=37 47
BLOCK MIX2 IN=6 37 OUT=38
BLOCK MIX3 IN=17 40 OUT=41
BLOCK MIX4 IN=20 42 OUT=43
BLOCK MIX5 IN=23 44 OUT=45
BLOCK SPLT10 IN=34 OUT=34A BLOWDOWN
BLOCK BOILER IN=47 OUT=MAIN2

PROPERTIES PENG-ROB FREE-WATER=STEAM-TA
PROPERTIES IDEAL / PC-SAFT / PR-BM / STEAMNBS

PROP-DATA PRKBV-1
IN-UNITS ENG
PROP-LIST PRKBV
BPVAL H2O CO2 .1200000000 0.0 0.0 -459.6700000 1340.330000
BPVAL CO2 H2O .1200000000 0.0 0.0 -459.6700000 1340.330000
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BPVAL O2 N2 -.0119000000 0.0 0.0 -459.6700000 1340.330000
BPVAL N2 O2 -.0119000000 0.0 0.0 -459.6700000 1340.330000
BPVAL N2 CO2 -.0170000000 0.0 0.0 -459.6700000 1340.330000
BPVAL CO2 N2 -.0170000000 0.0 0.0 -459.6700000 1340.330000

STREAM MAIN
SUBSTREAM MIXED TEMP=565.5555556 PRES=124.1056310 &
MASS-FLOW=4.32917874E+5
MASS-FRAC H2O 1.

STREAM MAKEUP
SUBSTREAM MIXED TEMP=15.00000000 PRES=1.034213590 &
MASS-FLOW=5051.328916
MASS-FRAC H2O 1.

DEF-STREAMS WORK W1

DEF-STREAMS WORK W2

DEF-STREAMS WORK W3

DEF-STREAMS WORK W4

DEF-STREAMS WORK W5

DEF-STREAMS WORK W6

DEF-STREAMS WORK W7
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DEF-STREAMS WORK W8

BLOCK DEAERATO MIXER
PARAM

BLOCK MIX1 MIXER
PARAM

BLOCK MIX2 MIXER
PARAM

BLOCK MIX3 MIXER
PARAM

BLOCK MIX4 MIXER
PARAM

BLOCK MIX5 MIXER
PARAM

BLOCK SPLT1 FSPLIT
FRAC 2 0.066624

BLOCK SPLT2 FSPLIT
FRAC 6 0.056055

BLOCK SPLT3 FSPLIT
FRAC 9 0.0682837496
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BLOCK SPLT4 FSPLIT
FRAC 12 0.04603921111

BLOCK SPLT5 FSPLIT
FRAC 14 0.028596116

BLOCK SPLT6 FSPLIT
FRAC 17 0.0684922

BLOCK SPLT7 FSPLIT
FRAC 20 0.04076067833

BLOCK SPLT8 FSPLIT
FRAC 23 0.05692253

BLOCK SPLT10 FSPLIT
FRAC BLOWDOWN 0.01153355231

BLOCK BOILER HEATER
PARAM TEMP=565.5555556 PRES=124.1056310 DPPARMOPT=NO

BLOCK CONDENSE HEATER
PARAM TEMP=38.33333330 PRES=.0689475729 DPPARMOPT=NO

BLOCK REHEAT HEATER
PARAM TEMP=565.5555556 PRES=41.92012430 DPPARMOPT=NO

BLOCK FWH1 HEATX
PARAM T-HOT=111. <F> MIN-TAPP=1.000000000
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FEEDS HOT=45 COLD=29
OUTLETS-HOT 46
OUTLETS-COLD 30
HOT-SIDE DPPARMOPT=NO
COLD-SIDE DPPARMOPT=NO
TQ-PARAM CURVE=YES

BLOCK FWH2 HEATX
PARAM T-HOT=165. <F> MIN-TAPP=1.000000000
FEEDS HOT=43 COLD=30
OUTLETS-HOT 44
OUTLETS-COLD 31
HOT-SIDE DPPARMOPT=NO
COLD-SIDE DPPARMOPT=NO
TQ-PARAM CURVE=YES

BLOCK FWH3 HEATX
PARAM T-HOT=204. <F> MIN-TAPP=1.000000000
FEEDS HOT=41 COLD=31
OUTLETS-HOT 42
OUTLETS-COLD 32
HOT-SIDE DPPARMOPT=NO
COLD-SIDE DPPARMOPT=NO
TQ-PARAM CURVE=YES

BLOCK FWH4 HEATX
PARAM T-HOT=272. <F> MIN-TAPP=1.000000000
FEEDS HOT=14 COLD=32
OUTLETS-HOT 40
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OUTLETS-COLD 33
HOT-SIDE DPPARMOPT=NO
COLD-SIDE DPPARMOPT=NO
TQ-PARAM CURVE=YES

BLOCK FWH5 HEATX
PARAM T-HOT=381. <F> MIN-TAPP=1.000000000
FEEDS HOT=38 COLD=35
OUTLETS-HOT 39
OUTLETS-COLD 36
HOT-SIDE DPPARMOPT=NO
COLD-SIDE DPPARMOPT=NO
TQ-PARAM CURVE=YES

BLOCK FWH6 HEATX
PARAM T-HOT=440. <F> MIN-TAPP=1.000000000
FEEDS HOT=2 COLD=36
OUTLETS-HOT 37
OUTLETS-COLD 47
HOT-SIDE DPPARMOPT=NO
COLD-SIDE DPPARMOPT=NO
TQ-PARAM CURVE=YES

BLOCK PUMP1 PUMP
PARAM PRATIO=296. EFF=0.8

BLOCK PUMP2 PUMP
PARAM PRATIO=11.80124224 EFF=0.8
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BLOCK BFP COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.01242236 SEFF=0.8 NPHASE=2 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE
BLOCK-OPTION FREE-WATER=NO

BLOCK HP1 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.33777777778 SEFF=0.8639 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE

BLOCK IP1 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.5526315789 SEFF=0.8626 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE

BLOCK IP2 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.4791666666 SEFF=0.8626 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE

BLOCK LP1 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.3850931677 SEFF=0.8971 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE

BLOCK LP2 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.64516129 SEFF=0.8971 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE

BLOCK LP3 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.275 SEFF=0.8971 NPHASE=2 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE
BLOCK-OPTION FREE-WATER=NO
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BLOCK LP4 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.45454545 SEFF=0.8971 NPHASE=2 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE
BLOCK-OPTION FREE-WATER=NO

BLOCK LP5 COMPR
PARAM TYPE=ISENTROPIC PRATIO=0.2 SEFF=0.8971 NPHASE=2 &
SB-MAXIT=30 SB-TOL=0.0001 MODEL-TYPE=TURBINE
BLOCK-OPTION FREE-WATER=NO

EO-CONV-OPTI

STREAM-REPOR MOLEFLOW
;
;
;
;
;
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